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PREFACE

"Power Market and Congestion Management"” delves into the intricate dynamics of electricity
markets and the challenges posed by congestion in transmission networks. It explores the
foundational principles of power trading, market structures, and pricing mechanisms, offering
insights into how energy flows are optimized. The book emphasizes the critical role of
congestion management techniques, such as locational marginal pricing (LMP), demand-side
solutions, and grid enhancements, in ensuring efficient and reliable power delivery. It examines
regulatory frameworks, economic implications, and technological advancements shaping modern
electricity markets. By addressing issues like renewable integration, grid constraints, and market
competition, this work provides a comprehensive guide for policymakers, engineers, and market
participants. With real-world case studies and practical strategies, it equips readers to navigate
the complexities of power systems while fostering sustainable energy practices. A must-read for

anyone seeking a deeper understanding of the evolving energy landscape.



CHAPTER ONE

Introduction

Electrical power is probably one of the most important
elements of modem society. Since the discovery of electricity
and the invention of electric dynamo and incandescent light
bulb, people’s life style has been changed significantly. Electric
power systems provide a clean and convenient energy to light
houses and drive machine motors. Electric energy has become
a necessity of daily life.

Pear] Street Station, the first power station established in
1882 by Thomas Edison, supplied DC power for lighting streets
within a short distance from the station. Due to the excessive
power losses and voltage drop, the low voltage of DC system
became the bottleneck of long-distance electricity delivering.
The invention of AC transformer made it possible to raise the
voltage to a higher level for long distance power transmis-
sion. The advantages of AC power systems were obvious, and
AC power systems were adopted all over the world. In recent
decades, HVDC/EHVDC has developed very fast, which helps
to transfer electric power in a more efficient way through long
distances. In the past century, electric power system had a sig-
nificant development. Large-scale centralized power plants
were established due to the economies of scale. High-voltage
transmission and distribution lines were installed to deliver
electric energy to every corner of the world. Power lines of
different voltage levels form the power grid, which intercon-
nects power plants and electricity users in different areas.
The interconnection of power grids makes the overall power
generation and transmission more economical and reliable.
Through interconnection, less expensive generators can gen-
erate more power to supply customers at expensive areas, and



fewer generators are engaged as reserves for peak load periods
in an interconnected system.

The power system operator monitors and controls the system
and maintains the system to be operated in a safe and reliable
way. In addition to system reliable operations, the system oper-
ator is responsible for power system economic operation. The
purpose of economic operation is to dispatch electric power
generators with the minimum generation cost while satisfying
the electricity demand. As the amount of fuel consumptions for
a power system is huge, the savings on fuels in a small percent-
age by economic operation could result in a large amount of
savings in generation costs.

Electric power is generated by different types of generators.
According to fuel types, conventional power plants could be
categorized as coal-fired power plant, oil-fired power plant, gas
turbines, nuclear power plant, and hydro power station. With
today’s emphasis on energy and environmental considerations,
renewable energy, such as wind power-, solar-, and geothermal-
based generations, is increasing significantly. For different
types of generators, generation costs are different due to fuel
prices and generation technologies. Every generating unit has
its unique generation cost characteristics. In a power system,
the total available generation capacity is bigger than the total
demand for almost anytime. To supply a given amount of elec-
tricity demand, there are more than one options/combinations of
generating units for the system operator to dispatch the genera-
tors. The total generation cost differs for different combinations
of generating units and outputs. It would be more economical
to find the option/combination with lower cost to supply the
electricity demand. This is the basic principle of power system
economic operation. Power network constraints also need to be
considered for economic operation.

Conventional power system economic dispatch is imple-
mented on the basis that all generators in the network are
owned by one power company, and the system operator knows
the cost curves of all generators. The system operator searches
for a least-cost solution for dispatching generating units in the
system.

Power industry has been changed since power deregulation
in 1990s. Generations are separated from the transmission net-
work. Most generators are independent power providers owned
by generation companies. Independent system operators (ISOs)
or transmission system operators (TSOs) are responsible for
system reliable and economic operations. The generation cost
of each generator is not known to the ISO/TSO. Electric energy



is traded in the electricity market. In the market, the concept
of economic dispatch is extended with market operation.
The market design, clearing procedure, and settlement pro-
cess affect the way electricity is traded and the generation
dispatched. Besides, power network constraints need to be
considered in the market operation.

The purpose of the book is to provide a systematic under-
standing of power system economic operations in traditionally
vertically integrated systems and market operations in deregu-
lated power system. The principles of economic dispatch, unit
commitment, and optimal power flow and their mathematical
models will be introduced. Then, the market mechanisms and
mathematical models for energy market and ancillary services
will be presented. In the end, electricity financial market and
low carbon electricity market operation will be introduced.

The book is targeted to senior students and postgraduate
students in electric power engineering and energy engineer-
ing, researchers and engineers in the area of power system
economic operations and electricity markets, system operators,
electricity marketers, electricity retailers, and other electricity
market participants.



CHAPTER TWO

Economic operation
in power systems

2.1 Introduction of power system operation

The electric power system is one of the most complicated
systems in the world, due to its large size, real-time operation,
and the large number of customers involved. Conventionally, a
power system can be subdivided into four parts: generation,
transmission, distribution, and customer services. A vertically
integrated power company owns generation, transmission,
and distribution facilities and provides customer services.
Electricity generated by generators flows through transmission
system and distribution network to customers.

Electric power is generated by different types of genera-
tors. Most of them are centralized large-scale power plants
located far from customers. To transmit electricity over a long
distance, high voltage is needed. Apparent power transmitted
is the product of voltage and current. Transmitting the same
amount of power, using a higher voltage level results in a lower
current in the power line, and hence a lower voltage drop (/*Z)
and lower losses (/>*R). Thus, transmission lines with higher
voltages can transmit more power. The terminal voltages of
generating units are mostly not high enough for long distance
power delivery. Voltage is stepped up by transformers in power
stations. Power is transmitted through high-voltage/extra high
voltage transmission networks to load centers. Then, voltage
is stepped down through distribution substations to low volt-
age levels for power distributions. Distribution substations are
usually close to end users. Distribution lines/power feeders
connect residential and commercial customers with distribution



substations. Power grid connects millions of electricity end
users and industry users to generators located at different
places. Geographically, a power grid covers a very wide area.
Electricity flowing in the power grid follows physical laws. The
system operator is responsible for monitoring and controlling
the system to ensure that it is operated in a safe and reliable
way all the time. The most important task for the operator is
to maintain the real-time power balancing of the power grid.
For example, when any customer switches on his/her electric
device, electricity flows instantaneously to the device and pow-
ers it up. Power generation is adjusted simultaneously to follow
the load change. This is the real-time power balancing between
electric power generations and electricity demands.

In the traditional power system, most customer behavior is
invisible and uncontrollable to the system operator. Although
some customers could respond to the system operator with recent
developments of smart grid technologies, such as distributed
generation, communication and demand response, and so on,
the response of demand to the operator is still limited. To the
system operator, most customers are uncontrollable passive
customers, whereas outputs of most conventional generators
are controllable. Therefore, the system operator controls and
adjusts power outputs of generators to follow load changes
to maintain real-time power balancing. The traditional opera-
tion paradigm is generation following load. Millions of small
diverse customers’ electricity consumptions are balanced by
controlling the outputs of several large generators in the system.

Changes in loads are the major uncertainties to the conven-
tional power system operation. Later, with the installations of
more renewable energy generations, such as wind power and
photovoltaic panels, the intermittencies of renewable energy
become part of the uncertainties to power system operations.
For the system operator, an accurate forecast of load is quite
important. According fo fime scales, load changes could
be categorized as (1) long-term load changes caused by load
growth; (2) mid-term load changes due to seasons, weathers,
or other reasons; (3) short-term load variations of consumption
patterns; and (4) very short-term load fluctuations. The trend
of load changes in a long term could be forecasted based on
economic growth. In different seasons and weather conditions,
electricity consumptions are different, it is, however, forecast-
able using historical data and weather forecasting results as the
basis. Short-term load variations and load fluctuations are hard
to accurately forecast.



The power system operation has similar time periods for
system planning and operation, which matches the time of load
changes. Transmission line constructions and generating unit
installations are planned years in advance according to fore-
casted load growth and system reliability requirements while
considering transmission capabilities. Generation schedules for
all generating units are made in advance. In some systems, the
amount of energy that will be produced by a generating unit is
scheduled 1 year or months in advance. When time is closer,
detailed generation scheduling is made by considering the load
forecasting results and network constraints. Generating units
are committed days or weeks ahead considering unit main-
tenance schedules, minimum ON/OFF requirements, unit
startup costs, system reserve requirements, and so on. Once
units are committed, day-ahead and hourly-ahead generation
schedules are procured by the system operator using more
accurate load forecasting results, while considering network
constraints, security constraints, generation costs, and other
factors. However, even the hourly ahead scheduling is not accu-
rate enough to match the real-time load, as load fluctuates and
could be different from forecasted values. Due to real-time load
changes, outputs of generating units in the system need to be
adjusted in real time to respond to fast load variations.

In a power system, the system frequency is an indicator of
the balance of generation and load. When the total generation
and system load is balanced, the frequency of the moment is
equal to the nominal frequency. When generation exceeds the
load, the frequency at the instant is higher than the nominal
frequency. Also, when generation is not sufficient to supply
load, the frequency at the instance is lower than the nominal
frequency. The target of the system operator is to control and
maintain the frequency at the nominal value, 50 or 60 Hz, which
is the index of real-time power balancing. Frequency control is
the approach used in real-time operation for power balancing.
Most generating units are equipped with the function aufo-
matic generation control to react to real-time frequency signals
and adjust their generation outputs automatically. In addition
to the generation scheduling and frequency control, the system
operator needs to consider many other issues, such as power
system stability, reactive power and voltage control, blackout
restoration, and so on.

Whether in long-term generation planning, or in mid-term
or short-term generation scheduling, generation costs are
the major concern in addition to power balancing. A more



economical combination of generating units and a less expen-
sive generation schedule can save a large amount of fuels and
generation expenses. This book focuses on the methods of
operating the power system in a more economical way, in other
words, power system economic operation. The mathematical
methods for obtaining most economical/optimized genera-
tion schedules in a power system will be introduced. How to
operate the power system and make generation schedules in
an electricity market will be discussed. Electricity pricing,
electricity market models, and market settlements will also be
presented in the book.

2.2 Development of economic operation

The system operator, at the early stage of power system
development, has already realized that once a system has more
than one generating units, the fuel costs would be different
for different generation schedules made for the units. This is
mainly because that each generating unit has its unique fuel
consumption characteristics, which is a nonlinear function
of power output. The fuel consumption of a generating unit
depends on its fuel consumption curve and the operating
point. For a given electricity load, fuels consumed by differ-
ent generators are different. If one generator is enough to
supply the load, the generator with lowest fuel consumption
will be selected. If multiple generators are selected, there will
be multiple options to allocate generations to the selected
generators. Different generation allocation options result in
different results of fuel consumptions/costs. If the option with
the least fuel consumption/cost is fortunately selected, the
generation schedule is an economical schedule. Of course, the
system operator can enumerate all options and find out which
option is the most economical. However, the enumeration
method may not be practical for a system with a big number
of generators. The number of generation allocation options
could be too large to be enumerated in a reasonable time. To
obtain the most economic generation schedule, optimization
methods can be used to minimize the total fuel consumption/
cost while considering system operation requirements. This is
the purpose of power system economic operation.

Economic generation schedules are usually made days
or hours before the real-time energy delivery. Use | day as
an example, electric demand (in MW) is first forecasted for
the 24 hours of the day. For each hour, the forecasted load is



assumed as given. The system operator needs to decide how
much electricity should be generated by each generator in each
hour, so that the total generation in the hour equals to the fore-
casted load plus losses. It would be better if the total cost is
the most economical. Mathematically, this is an optimization
problem. Due to the big size of power system and its nonlin-
ear characteristics, the problem comes out to be a complicated
optimization problem. Before computer was developed, it was
difficult to solve the complicated nonlinear optimization prob-
lem by hand. In 1930s, electrical engineers figured out the basic
principles of economic dispatch (ED), which has been used to
obtain economic generation schedules. The method is still in
use currently in some locations.

The key of economic dispatch is equal incremental cost
function. It was obtained by electrical engineers in 1930s after
exploring the economical allocation of generations to generators.
People noticed that, similar to other commodity goods, the
value/price of electricity generation depends on its incremen-
tal cost, which is the additional cost of producing one more
unit of electricity from its current output level. This is also
called marginal cost. The significance of economic dispatch is
that engineers have proved that the total cost is the minimum
if all generators in the system are operated at the output points
with the same incremental cost. Economic dispatch results
obtained with the equal incremental cost principle satisfy the
constraint that the total generation equals to the total load
during the hour.

Transmission losses cannot be avoided in any power
system. When equal incremental cost function was derived,
only generation characteristics of generators were studied
and transmission lines were not considered. Later in 1940s,
electrical engineers tried to use a quadratic function to simplify
and represent transmission losses occurring in the system. The
classical economic dispatch method was amended by includ-
ing transmission losses. The equal incremental cost was found
to be subject to the constraints that the total generation equals
the total load plus the simplified loss. The new equal incre-
mental cost function with penalty factor that represents the
impacts of losses was obtained, and it is called coordination
equation.

Equal incremental cost function and coordination equation
have been well applied for economic operation ever since they
were developed. The economic dispatch results obtained by
them are economically effective and the calculation procedure
is straightforward. The only disadvantage is that transmission
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losses were simplified due to the lack of accurate model for
transmission network.

In 1950s to 1960s, with the increase in voltage levels and the
interconnection of power grids, power systems became much
more complicated. It was necessary to find an accurate way to
calculate the active power and reactive power that flow in the
lines. As AC power system is a nonlinear system, the simple
Ohm’s Law is not suitable. Using Kirchhoff’s Law, electrical
engineers wrote active power and reactive power balancing
equations for all nodes of the system. They are power balancing
equations, also called power flow equations. The equations are
able to mathematically represent the power network. This is one
of the big steps in the development of power system analysis.
Power flow equations are nonlinear equations. Newton Raphson
method is one of the effective ways to solve the equations.
Starting with initial values, Newton Raphson method provides
searching directions for each iteration to reach a converged
solution. The number of iterations could be big if the system is
large and the initial values are far from the converged solution.
The development of computer technologies in 1960s made it
possible to solve the power flow equations. Then, power net-
work could be represented mathematically, and power flow was
calculated by computer programming. This led to a new era for
power system analysis.

In the area of power system economic operation, J. Carpentier
must be mentioned due to his contributions in the development
of optimal power flow (OPF). On the basis of the traditional
economic dispatch approach, Carpentier replaced the simpli-
fied power balancing equation with nonlinear power flow equa-
tions to represent the full power network in the optimization
problem. Optimal power flow is an optimization problem that
minimizes the total cost or the fuel consumption subject to full
network constraints. OPF is a nonlinear programming (NLP)
problem. The solution of optimal power flow is better than eco-
nomic dispatch due to its consideration of accurate full network
model and losses.

Optimal power flow is a nonlinear programming problem
owing to the constraints of full power network, which is an
extremely nonlinear system. It had been a challenge to solve
the OPF problem at the beginning when it was first formulated.
The problem was identified as a nonconvex one. During old
days, there were difficulties in modelling discrete variables
and finding local minima or stable converged solutions. Many
linearization algorithms had been tried to solve the problem.
Since 1990s, the fast development of computer technologies
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and optimization algorithms has changed the situation. More
powerful optimization algorithms and computing algorithms
are applied to solve the defined OPF problem with fast comput-
ers. Solution convergence and modeling of discrete variables
are no longer that difficult.

Powerful computers with supercomputing technologies
provide the possibilities of solving the complicated nonlin-
ear programming problem in a short time. Now, in the power
control center, optimal power flow problem need to be solved
very frequently every day. It has become a very useful tool in
power system planning, generation scheduling, and electricity
market clearing. With mixed-integer programming technology,
optimal power flow is applied to unit commitment problem,
which involves the switching on or switching off of generating
units during multiple time periods.

OPF model has been extended to include various constraints.
The OPF model considering transmission thermal limits, trans-
mission stability, and voltage constraints and contingencies are
referred as security-constrained OPF (SCOPF). The objective
function of OPF can be modified to form different optimization
problems, for example, reactive power optimization, electricity
market clearing, social welfare, and so on.

Traditional power system economic operation is run by
the system operator of vertically integrated power company.
The system operator knows generation cost functions of their
generating units. As electricity retail prices to customers are
regulated, the objective function of optimal power flow for the
traditional system economic operation is to minimize the total
generation cost of all generating units.

Power industry deregulation and electricity market that
started in 1990s have changed the operation paradigm.
Economic operation changed from a centralized dispatch model
to a market-based model. Generation costs are not known to the
system operator any more. Electricity retail prices may not be
regulated as before. Generator offer prices and customer bid
prices are available to the system operator to decide genera-
tion schedules and clear the market. Modified OPF minimizing
the total payment is used by the system operator to determine
uniform market prices or nodal prices for an electricity market.
The full network constraints and security constraints of OPF
provide a perfect way to combine power grid real-time security
operation requirements with market-clearing mechanisms.

The power industry has been a monopoly industry since it
was first developed in late nineteenth century. The deregula-
tion started in 1990s introduced competition to generators.
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The centralized power dispatch problem in classical economic
operation has been changed to a decentralized market mecha-
nism that includes long-term contracts, electric energy market,
and ancillary service market. Independent power producers and
large customers are the major participants of the market. In the
coming years, with the development of smart meter technolo-
gies and demand response programs, electricity demand and
consumption patterns of an individual small customer could
also be considered and optimized in the optimization problem
of electricity market. Market prices will provide incentives for
customers to respond to the system operator and participate
in demand response programs and electricity markets. In the
future, both generators and customers will be involved in power
system economic operation. Not only generations of generators
but also electric demand of customers will be scheduled for
system operation and optimized in the electricity market.

2.3 Incentives of economic operation

The effect of economic operation is extremely huge. For
example, for a system with a peak load 0of 92 GW, and the annual
total generation of 512,000 GWh, if the fuel cost for power
generation is $30 per MWh, the annual total generation cost
is around 15.6 billion dollars. Even if the economic operation
algorithm can help reduce the generation cost by only 0.5%, the
saving is still huge. It could be around 78 million dollars. The
economic effect is significant if economic operation is applied
to all power systems.

Bibliography
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CHAPTER THREE

Power generation costs

The cost of electric power generation is the basis for power
system economic dispatch and market analysis. In this chapter,
we will introduce the generation costs for different types of
generators.

3.1 Load cycles

Electricity is generated and delivered to customers in real time.
The amount of electricity consumption by customers is called
electricity demand or electricity load. For a very long time,
most customers paid electricity bills with fixed tariffs. There
is almost no communication between the utility and customers
except for monthly electricity bill payments. A customer turns
on switches, his/her devices or lights will be powered on instan-
taneously. For small customers, no one is required to inform
the utility of his/her electricity usages in advance. In fact, it is
the utility’s responsibility to forecast the electricity demand in
advance, and adjust the outputs of generating units to follow the
load changes in real time. One of the major tasks of the power
system operator is to maintain the real-time balancing between
system generations and the loads. It is important for the system
operator to estimate the amount of electricity that will be used
by customers beforehand. So, load forecast is necessary for the
system operator.

The electricity load in a power system has its own profile and
characteristics. As human being’s activities follow the periodi-
cal changes (years, seasons, months, and days) of the Nature,
electricity consumptions follow certain periodical cycles. Use
one day as an example, people wake up in the morning and

13
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FIGURE 3.1 Daily load curve for residential and commercial
customers.

switch on various electrical devices, so the demand of elec-
tricity in the morning is high. Another time period with high
demand is from afternoon to evening, when all lights are on
and people cook and watch TVs at home. After midnight, most
people are sleeping, the electricity demand is low until next
morning. The electricity consumption pattern repeats every day
for residential customers and commercial customers. The daily
load curve for residential and commercial customers is shown
in Figure 3.1. Moreover, people’s activities during weekdays
are different from those at weekends, so the load pattern dur-
ing weekends is different from that during weekdays. A weekly
load curve for residential and commercial customers is shown
in Figure 3.2. Besides human’s activities, weather changes are
the other major reasons affecting electricity demand. In cold
regions, electricity demand is high in the winter for heating.
While in warm regions, more electricity is used for cooling in
the summer.

Besides periodically changing electricity demands caused
by weather changes and people’s activity cycles, some electric-
ity consumptions such as industrial loads, do not change much
within 1 day nor even within the whole year. Some manufactur-
ing factories need to keep their machines continuously running
24 hours per day and 365 days per year. Ventilation systems of
commercial buildings and customer refrigerators are always on.
The type of load that is switched on in most of the time is called
baseload.

The electricity load curve (Figures 3.1 and 3.2) looks like
hills. The time periods with high electricity demands are called
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FIGURE 3.2
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Weekly load curve for residential and commercial customers.

peak hours, while the time periods with low demands are called
valley (or off-peak) hours. Peak periods include morning peak
and afternoon peak. The electricity loads during peak hours
are called peak loads, while loads during off-peak hours are
off-peak loads. In real-time operation, the electricity load may
change in a short term from off-peak load level to peak load
level, for example, electricity demand increases in the morning
from 8 a.m. to 9 a.m.

In a long term, electricity demand usually grows gradually.
Economic growth of the area normally affects the growth rate of
electricity demand. Utilities forecast long-term load increases
for long-term system planning. Enough generating capacities
need to be invested and installed to cover the highest peak
demand of a year plus the required generation reserve margin.
The generation reserve is required for the purpose of system
reliability operation. On the other hand, new transmission
capacities are planned on the basis of long-term load forecasts
and the results of generation planning.

Besides long-term load forecast, short-term and ultrashort-
term load forecasts are necessary for real-time operation.
Short-term load forecast estimates the load profile for future
24 hours or 7 days, and the forecast time interval is 15 minutes
or 1 hour. The results of short-term load forecasts are used
for day-ahead generation scheduling. Ultrashort-term forecast
estimates the load in a time interval of 1 minute for future
5-30 minutes. The results are used for real-time power system
control, online load flow, and contingency analysis.

Load curves for future time periods are available once
load forecasts are given. Long-term power system planning,
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generation scheduling, and real-time system operation are
implemented based on load forecast results of various time
intervals. No matter it is for power system planning or gen-
eration scheduling, generation costs of generating units are
the major concern for the system operator. Generation costs
vary for different types of generating units. Due to load
characteristics, some units are dispatched continuously to
supply baseload and some fast-response units are turned on
only during peak hours. Baseload units and peaking units have
different generation costs besides different responding times.
Both costs and technical requirements of generating units need
to be considered for power system long-term planning and
short-term operation.

3.2 Costs for power generations

Supply of electricity is a business that is complex and expen-
sive. Steam turbines were commonly used in the early power
stations. The technologies had been well-developed and
applied by most power companies. The fuels for steam turbine-
based power plants were usually coal, and sometimes oil or
gas. Later, hydro power and nuclear power were developed for
power generations. They are clean and their fuel costs are less.
The fast growth of nuclear power has slowed down in Western
countries since 1980s due to safety reasons. Then, gas turbines
became popular for power stations. Combined cycle power
plants with higher efficiencies use both gas turbines and steam
turbines. Alternative energy technologies were developed in
the end of 1970s. It was somehow because of high oil prices.
The growth of alternative energy was speeded up in late 1990s
for environmental concerns and global warming. Various types
of renewable energy sources, such as wind power and solar
energy, contribute to the electricity generation mix. In the
twenty-first century, renewable energy will be the future of
electric power generation.

The basic steam cycle power plant can use any source of heat
to heat up the water in the boiler and produce steam to drive
the steam turbine. The heat could come from combustions of
fossil fuels, nuclear reactions, or concentrated sunlight. The
high-pressure steam expands and spins the turbine, which is
coupled with the generator by the shaft. The generator converts
rotational kinetic energy into electrical energy. The exhausted
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steam is cooled down in the condenser, and then pumped back
to the boiler to be reheated.

Coal-fired steam power plants provide more than half of the
electric energy in the world. Centralized coal-fired power plants
used to be dominant in traditional power systems due to econ-
omies of scale. The cost of electricity generation depends on
capital cost of building the plant and the fuel cost. The capital
cost for a coal-fired power plant is usually expensive compared
to power plants burning other types of fossil fuels. The invest-
ment cost of a new coal-fired power plant with pollution-control
systems 1s even higher. However, even taking into account the
investment in pollution-control technologies, coal-fired power
plants are competitive for their low fuel costs in most cases
where local coal mines are available. Coal is expensive to trans-
port. The method of coal transportation can affect the cost of
coal-fired power generation.

The efficiency of a thermal power plant is usually evalu-
ated using heat rate. It is the amount of thermal input (in B
or kJ) required to generate 1 kWh of electricity. The conver-
sion between two units, British thermal unit (Btu) and kilo-
joule (kJ) is 1 Btu = 1.055 kJ. The heat rate of thermal power
plant is usually expressed in Btu/kWh or kI/kAWh. A smaller
heat rate means less fuel is needed to generate 1 kWh of elec-
trical output; hence, the thermal efficiency is higher. In SI unit,
1 J is the work required to produce 1 W of power for 1 sec-
ond: 1kJ=1kW s, or 3,600 kJ =1 kWh. Generation efficiency
1 is expressed as the ratio of output electrical energy and input
thermal energy.

_ Output (kWh) _ Output (KkWh)
Input (kWh)  (Input (kJ)/3,600 (kJ/kWh))

3,600 (kJ/kWh) 3,600 (kJ/kWh)
(Input (kJ)/Output (kWh))  Heat rate (kJ/kWh)

Or

3,412 (Btu/kWh)

= 3.1
" Heat rate (Btu/kWh) G

Heat rate can be expressed using efficiency 1.

3,600 (kJ/KWh)
n

Heat rate (kJ/kWh) =
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or

3,412 (Btu/kWh)
n

Heat rate (Btu/kWh) = (3.2)

For example, if the heat rate of a power plant is
10,000 kJ/kWh (or 9,479 Bu/kWh), the efficiency of the plant
is 1= (3,600 (kJ/kWh)/Heat rate (kJ/kWh))=(3,600 kJ/kWh/
10,000 kJ/&kWh) =36%. Assume the power plant burns bitu-
minous coal with a heating value of 12,130 Btu/lb. Consider
1 Btu/lb =2.32 kJ/kg, the heating value is 28,262 klJ/kg. The
coal rate for energy generation is coal rate = (10,000 kJ/kWh/
28,262 kJ/kg) = 0.354 kg coal per kWh,which means 354 g coal
is needed to generate 1 kWh electricity.

In the world, coals have different classifications and heating
values due to their ingredients. Standard coal equivalent is used
as thereference unit to evaluate calorific values of fuels: 1 kg coal
equivalent corresponds to 7,000 kcal (29,308 kJ or 8.14 kWh).
In the previous example, 1 kg bituminous coal (heating value
28,262 kl/kg) corresponds to 0.964 kg coal equivalent, which is
calculated by (28,262 kJ /29,308 kJ/kg) =0.964 kg.

In a vertically integrated power system, generators, trans-
mission, and distribution facilities are all owned by one power
company and operated by the system operator. Besides capital
costs, daily operation costs including fuel costs and mainte-
nance costs dominate the total cost of electricity supply. Fuel
cost is the major consideration of the system operator in mak-
ing generation schedules. In traditional generation dispatch, the
operator’s objective is to minimize the total fuel consumption
or total fuel cost. It is necessary to understand the relationship
between fuel consumptions and power generation outputs.

Heat rate and coal rate represent the amount of energy and
coal, respectively, needed for one unit power output in a coal-
fired steam power plant. The generation system composed
of boiler, turbine, and generator is not a linear system. Heat
rates/coal rates differ at different output levels. Temperatures
and other factors of the boiler also affect coal consumptions.
Usually, a nonlinear curve is used to represent the relationship
of coal consumptions and power outputs. Most coal-fired power
plants can provide scattered sample data for coal consump-
tions or coal rates at different power output levels. Polynomial
curve fitting is used to obtain the curve for coal consumption
versus power output. Figure 3.3 shows the sample data of coal
consumptions of a 600 MW coal-fired power plant at different
power outputs and the result of quadratic curve fitting.
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FIGURE 3.3 Sample data of coal consumption versus power output.

In power system economic operation, fuel consumption of a
coal-fired generating unit is usually considered as a quadratic
function of power output. The function can be obtained with
measurement data through curve fitting. The fuel (coal) con-
sumption of a generating unit can be expressed by

F=aP’ +bP+c (3.3)

where:
F is the amount of fuel consumed
P is the power output of the generating unit, and
P €| Prins Boux |
a, b, and ¢ are coefficients

For a generating unit, the input is fuel and the output is power
generation. The amount of fuel (in Ib. or kg) times the fuel
heating value (in Btu/lb. or ki/kg) is the heat (in Btu or kJ).
The curve of fuel or heat input versus power output (solid line)
is shown in Figure 3.4. Fuel rate or heat rate is calculated as
[F (ton/h)/P (MW)] or [H (Btu/h)/P (MW)]. In Figure 3 .4, the
slope of dashed line represents the fuel rate/heat rate at out-
put level P. As the input—output curve for fuel/heat and power
is convex and monotonically increasing, the minimum fuel
rate/heat rate may be located at a point between F,;,, and P,,,,
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FIGURE 3.4 Input (fuel or heat) versus output (power) curve of
generating unit.

which is P4 as shown in the figure. The point P, 1s the most
economic operating point for the generating unit in a long-term
operation. P, is called rated power output of the unit. The fuel
rate/heat rate curve is shown in Figure 3.5.

Fuel consumption characteristics are different for different
generating units. For coal-fired power plants, large capacity
generating units usually have lower coal rates compared to
small units. For example, the coal rate of a 1,000 MW generat-
ing unit at its full load is around 270 g/kWh, while the coal rate
for a 100 MW generating unit could be as high as 330-360 g/kWh.
Input (fuel)—output (power) curves could also be quite different
for different power plants.

Fuel rate (ton/MWh) or
Heat rate (Btu/MWh)

0 Prin Prited B P (MW)

FIGURE 3.5 Fuel rate/heat rate versus power output curve of
generating unit.



Example 3.1

Fuel consumption function of a real coal-fired gen-
erating unit is F =aP’+bP +c. where P is power
output of the unit (in MW). F is the amount of fuel
consumption (in ton standard coal equivalent per
hour). The generation of the unit is limited between
250 and 500 MW. Coefficients a. b, and ¢ are given as:
F =0.0000618P* +0.2599P + 9.4647.

1. Derive the expression of fuel rate for the generat-
ing unit.

2. Find the rated operation point P, for the unit.

3. Calculate the unit fuel rate if the generation
output is P,,.,-

Solutions

1. Derive the expression of fuel rate for the generat-
ing umit.
Fuel rate is expressed as[ F(ton/h)/ P(MW)], so

__F(ton/h) _aP’>+bP+c
P(MW) P

Fuel rate

~ 0.0000618P7 + 0.2599P +9.4647
P

9.4647

=0.0000618P + 0.2599 +

2. Find the rated operation point P, for the unit.
The point P, is the most economic operation
point for the generating unit. When generation
output is equal to F.. the fuel rate is minimum,
or the fuel rate should be equal to the marginal
fuel consumption, as shown in Figure 3.4.
The marginal fuel consumption is

dF(P) _d(aP”+bP+c) D

dP dpP

At point P, the marginal fuel consumption

equals to the fuel rate, so

dF(P)
dP

P)

F(
EP“P:J«J =2aP,.q + b equals to |p=PmEd

=aPyed +h+

Tatied

e
Then, 2aPye + b =aPye; + b + .
Tated

—aP+b+ <
P
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(ton/MWh)
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c
= aP = and Pl = =

Tated

So, R’awu = \/E
a

Coefficients of the generating units are
a =0.0000618 and ¢ = 9.4647. Then, we have

Bie = \/E = 4_9,4647 =391.34 MW
a 0.0000618

It shows that the rated operation point P is
determined by coefficients @ and ¢ if the fuel con-
sumption function is assumed to be a quadratic
function.
3. Calculate the unit fuel rate if the generation out-
put is P.-
The fuel rate at generation output F.q i

F(P} IP:P::uzd = aﬂm‘d +b+
P rated
—0.0000618% 391,34+ 0.2599 + 2047
391.34
—0.0242 402599+ 0.0242
—0.3083 ton/MWh
—~308.3 g/kWh

Combustion gas turbines using natural gas as the fuel are
complementary to coal-fired steam turbines. The power out-
put of gas turbine can be easily adjusted to follow quick load
changes. The capital cost of a gas-fired power plant is much
lower compared to that of a coal-fired power plant, but the
fuel, usually natural gas, is relatively expensive. Many gas
turbine-based power plants are designed to be easily switched
to using oil as fuel, when the price of natural gas becomes
high. Which type of power plant is more economical depends
on the total fuel cost over the lifetime of the power plant.
From carbon dioxide emission viewpoints, natural gas is more
environmental friendly than coal. It is estimated that for the
same amount of power output, the carbon dioxide produced
by a gas-fired power plant is around half of that produced by a
coal-fired power plant.
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FIGURE 3.6 Coal equivalent consumption for coal-fired unit and gas turbine.

Gas turbines consume natural gas for power generation. The
amount of natural gas generating 1 MW of power can be con-
verted to the amount of coal equivalent. So, it is easier to com-
pare fuel consumptions of gas turbines with those of coal-fired
power plants. Similar applies to oil-fired turbines. The heat rate
of 1 ton of coal equivalent is corresponding to 4.79 barrels of oil
equivalent. One cubic feet (0.0283 cubic meter) of natural gas
equals to 0.036 kg of coal equivalent, so 1 cubic meter natural
gas is 1.272 kg coal equivalent.

In Figure 3.6, the fuel consumptions of a coal-fired power
unit and a gas turbine are presented, where the natural gas
consumption of the gas turbine has been converted to coal
equivalent consumption. The coal equivalent consumptions at
different power output levels shown in the figure are obtained
from practical operation data. The figure shows that the gas tur-
bine consumes less coal equivalent compared to the coal-fired
generating unit. In other words, generating the same amount of
power produces lower carbon emission from gas turbine.

Example 3.2

The coal equivalent consumption of a real gas turbine
is F =aP*+ bP + ¢, where P is in MW and F is in tons
standard coal equivalent per hour. Coefficients a, b, and
c are given as: F = 0.0000209P* +0.1680P + 16.6390.

1. Find the rated power output P, for the unit.
2. Calculate the unit fuel rate if the gas turbine is
operated at rated power level.
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Solutions

1. Find the rated power output P, for the unit.
According to the results obtained in
Example 3.1, P,y = \/{'/_a. For the coal equivalent
consumption function in this example, coeffi-
cients @ = 0.0000209 and ¢ = 16.6390. so we have
P = \Jc/a = |[16.6390/0.0000209 =892.25 MW.
The rated output level for the gas turbine is
802.25 MW.
2. Calculate the unit fuel rate if the gas turbine is
operated at rated power output level.
The fuel rate at P is

F[P}lfJ:P,md = aPyjeq +b + =

-P rated

16.639
892.25

=0.0000209 = 892.25 + 0.1680 +

=0.0186 +0.1680 + 0.0186
=0.2052 ton/MWh
=205.2 g/kWh

The results show that the fuel consumptions (in
standard coal equivalent per kWh) for a gas tur-
bine for generating one unit electricity is lower
than that for a coal-fired generating unit.

Hydro power is one of the traditional generation resources.
Moreover, it is a renewable energy resource among tradi-
tional generations. Around 20% of electricity in the world is
produced by hydro power, which is cheaper and cleaner than
thermal power plants. Large hydro power stations with dams
are only part of the hydro power. Enormous dispersed small
hydro power are valuable electricity generation resources,
especially for remote areas.

Power generation of run-of-the-river hydro power relies on
the water flow in the river and the weather. The generation from
this type of hydro power is uncontrollable. The water reser-
voir of hydro power with dams performs storage function that
makes power generation of this type of hydro power control-
lable. In general, hydro power generation subjects to water in
the river or dam, rain cycle, and hydrological cycle.

In the power system operation, hydro power is a recom-
mended generation resource due to its cheaper operation cost.
The water used for power generation costs almost nothing.
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Hydro turbines can quickly respond to load changes, so sys-
tem operators prefer to use hydro power for frequency control
to achieve real-time power balancing. Most of the time, power
generations from hydro power stations are controllable, except
the situation that water in the river or dam is insufficient due to
hydrological cycles.

Similar to other renewable energy sources, construction cost
dominates the generation cost of hydro power. The construction
cost of a hydro power plant can be very high, and the operation
cost is relatively low due to low fuel cost. The investment cost
of hydro power plant varies for different countries and different
projects. Generally, it is within the range of $700/kW to $3,500/kW.
The loan 1s expected to be paid back with the revenue of hydro
power generation. The payback period of the commercial loan
for a power plant is usually 20-30 years. A hydro power sta-
tion usually can generate electricity for 50 years or even lon-
ger. Accounting for the loan payback in the first 20-30 years,
hydro power plant can generate power at a cost ranging from
$0.04/kWh to $0.08/kWh, depending on projects. After the
loan is paid, the generation costs drop significantly and could
be within the range $0.01/kWh to $0.04/kWh. To calculate the
cost of hydro power generation, both fixed cost and variable
cost are counted. Fixed cost is mainly investment and its inter-
ests, insurance, salaries, and so on.

Nuclear power is considered as a clean energy, as it produces
no carbon emission when generating electricity. On the other
hand, it is the most controversial power generation. The gen-
eration principle of nuclear power generation is the same
as thermal power plants, except that the water is heated by
nuclear reaction instead of fossil fuel. The fuel costs including
the disposal cost of spent fuels are lower than that of coal-fired
power plants.

The output of a nuclear power generating unit is usually
very stable once it is started up. This is due to the limita-
tion of nuclear reactor, and operators prefer not to change
nuclear generation outputs too frequently. In many power
systems, it is very common that nuclear power stations serve
as baseload generators, which have the highest operating
hours per year.

Wind power is one of the most promising renewable energy gen-
eration technologies developed in recent decades. The growth
of wind power installed capacity has increased significantly all
over the world. The benefits of wind power are no fuel cost and
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no carbon emission. Wind power is competitive in this way.
However, investment cost of wind power is relatively high com-
pared to traditional fossil-fuel power plants and hydro power.
If considering the low annual operation hours due to uncon-
trollable wind resources, the average cost of generating 1 MW
electricity by wind power in most cases is much higher than
that of traditional power stations. Without economic incentives,
itis hard to convince investors to invest in wind power. In many
countries, new renewable energy projects are greatly facilitated
by the renewable energy policies as well as renewable energy
subsidies by governments. Carbon emission quotas and emis-
sion trading systems provide market incentives for renewable
energy investment.

Solar energy is another promising renewable energy
generation resource. Photovoltaic panels can directly con-
vert solar energy to electricity. However, the conversion
efficiency is only around 10% with current technologies.
Although sunshine does not cost any money, the investment
cost of photovoltaic panels is very high, even much higher
than that of wind power. Government subsidies are neces-
sary for solar energy to compete with wind power and other
renewable energy.

In power system operations, uncontrollable renewable energy
generations are forecasted in advance, just as load forecast.
In generation scheduling models, forecasted renewable energy
generations are used. In real time, actual generations from
renewable energy resources deviate from the forecasted values.
These deviated portions will be compensated by reserves and
frequency regulation services. If the total renewable energy
capacity in a system is so high, existing reserves might not be
enough to compensate the deviations of renewable energy and
loads. In this case, the patterns of power system operation and
dispatch need to be adjusted to accommodate the high penetra-
tion of renewable energy generation.

3.3 Generation planning

In traditionally vertically integrated power systems, power com-
panies are responsible for generation planning, transmission
planning, generation scheduling, and system real-time opera-
tion. Before late 1980s, computers were not widely applied in
power system operations, and optimization technologies were
not maturely developed for power system planning and opera-
tion. Engineers use some straightforward methods to manually



27

obtain suitable generation mixtures for the system, as well
as to manually minimize the cost of generation scheduling.
Later, even after computer systems and various mathematic
algorithms had been well developed for power system opera-
tions, the principle of generation planning and the way of
generation scheduling and dispatch were still based on the tra-
ditional methods. Traditionally, each generating unit is assigned
a certain number of operation hours per year. The number of
annual operation hours depends on the type of the generating
unit. For example, nuclear power is usually ON most of the
time of the year except for maintenance. Its operation hours per
year could be around 8,000 hours out of 8,760 hours per year.
Large hydro power stations serving baseloads usually operate
for 6,000-8,000 hours per year. For coal-fired power plants, the
annual operation hours are around 5,000-7,000 hours. Oil-fired
and combined-cycle units are around 2,000-4,000 hours,
depending on the available generation sources in the system.
Wind power is subject to wind resources, its annual operation
hour is around 2,000 hours.

As mentioned in Section 3.1, electricity load has its cycle.
Baseload is always there during the whole year. Nuclear power
plants and coal-fired power plants are baseload units that have
longer annual operation hours. This is due to the running
requirements of nuclear and coal-fired power plants and their
low variable costs. For a nuclear unit, once it is switched on,
it is better to maintain a stable power output for a long term
until it needs maintenance. For a coal-fired power plant, once
the unit is turned on, there is a minimum requirement of ON
time. Once the unit is turned off. it is required to be off for at
least a certain time before the next start. On the other hand,
even the unit is instructed to start, it takes some hours to warm
up the furnace before the unit can start generating electricity.
So, nuclear power plants and coal-fired power plants are usu-
ally scheduled to serve baseloads with relatively stable power
outputs. The other reason of adopting nuclear power and coal-
fired power plants as baseload units is their cheaper operating
costs/fuel costs in relation to the outputs. It is beneficial to run
the units with cheaper operation costs (in $/kWh) for a large
number of hours in 1 year. It is well known that large-scale
centralized thermal power plants (including nuclear and coal-
fired power plants) can lower down the system average gen-
eration cost due to economy of scale. However, large thermal
power plants are not that fast in changing their outputs. For a
sudden load change, it may take some time (e.g., 5-15 minutes)
for a large thermal unit to follow the load. If generation outputs
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cannot quickly follow load changes, it may result in system
frequency fluctuation in real-time operation.

Within the daily load cycle of most systems, there are
quick load increases in the morning and in the afternoon. In
some systems, the load could decrease by 10%—-20% within
20 minutes before lunch time during weekdays. The gener-
ating units with fast-responding abilities are necessary to
be planned and installed in a power system. Hydro power,
combined-cycle generating units, and gas turbines are the
types of generation resources that could respond quickly to
adjust their power outputs for load following and frequency
control. Latest energy storage technologies, such as flywheel,
battery, and compressed air energy storage have even better
performances in load following and frequency control. These
generating units in most power systems serve as peaking gen-
erators. Hydro power has fast response rate as well as low
variable operation cost. It is suitable for both baseload and
peak load.

To fulfil the requirements of continuous baseloads and fast-
changing peak loads, different types of generating units need
to be installed. Due to the fact that most baseload units have
high capital costs and relatively low operating costs, and most
peaking units have low capital costs and high operating costs,
itis necessary to design the capacities of different types of gen-
erators at the planning stage. The mixture of generations and
their capacities are planned by considering capital costs and
operating costs of generators as well as the annual load profile.
Screening curves and load duration curves were invented by
engineers as a simple and straightforward economical method
for system generation planning.

To assess the cost of electricity generation from a power plant,
both fixed cost and variable cost need to be considered. Fixed
costs are the expenses no matter the power plant is on or off.
Once a power plant is built, the capital investment cost needs
to be paid back during the payback period, for example, 30 or
50 years. The power plant also pays tax, insurance, and other
fees. On the other hand, there are some fixed maintenance costs
even if the power plant is not turned on. All of them together,
the capital cost, tax, insurance, fixed operation, and mainte-
nance costs compose the fixed cost. For power plants, due to
their high investments, the capital cost dominates the fixed
cost. Variable costs are the expenses resulting from electricity
generation when power plants are actually running. Variable
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costs are mostly fuel costs and operation costs. They are related
to the amount of generated electricity.

Depending on different types of generations, fixed costs and
variable costs are quite different. For example, coal-fired power
plants have high fixed costs and low variable costs, while gas
turbines have relatively low fixed costs and high variable costs.
Comparison of the costs of two generators is not straightfor-
ward. Screening curve is developed to obtain the optimum mix
of different types of power plants. It is based on the annualized
fixed costs and variable costs.

In generation planning, the total capital cost of investing
in a power plant is annualized into yearly fixed cost per kW
(in $/yr-kW) for each year of the payback period. The vari-
able cost (in $/yr-kW) is the annual fuel cost (in $/kWh) plus
annual operation and maintenance (O&M) cost (in $/kWh) cor-
responding to the amount of annual electricity generation of the
power plant. To simplify, we make a few assumptions: (1) the
power plant runs at rated power during the operation hours and
(2) the fuel cost is assumed to be constant or the average fuel
cost is used. The variable cost can be expressed as

Variable cost ($/yr-kW) = (Fuel cost ($/kWh)
+ O&M cost ($/kWh)) 3.4)

x annual operation hour (h/yr)

For example, the capital cost for a coal-fired power plant is
$1,800/kW and the annualized fixed cost is $270/yr-kW. Fuel
cost for the plant is around $0.36/kWh, and the O&M cost is
$0.04/kWh. Then, the variable cost is calculated as,

Variable cost = ($0.036/kWh + $0.004/kWh)

x annual operation hours (h/yr)

= $0.04/kWh x annual operation hours (h/yr)

If the annual operation hour of the power plant is 7,000 hours,
the variable cost is $280/KW.
The total annual cost is fixed cost plus variable cost, which is

Annual cost =$270/yr-kW + $0.04/kWh

xannual operation hours (h/yr)
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FIGURE 3.7 Fixed cost and variable cost for a generator.

The fixed cost and variable costs for the power plant are illus-
trated in Figure 3.7. The total cost of a power plant is a function
of its operation hours.

The fixed cost and variable cost shown in Figure 3.7 are
different from the generation cost functions shown in
Figures 3.4 and 3.6, which represent the fuel consumptions at
different power outputs (MW). The average fuel cost for rated
power (P.4.), which is the slope of the dashed line obtained
in Figure 3.4 could be used as the fuel cost in Equation 3.4.

For different types of generators, their fixed costs and vari-
able costs are quite different. An example is used here to com-
pare annual costs for a hydro power station, a coal-fired power
plant and a gas turbine. Hydro power has the highest fixed cost,
but its operation cost is the lowest due to its close-to-zero fuel
cost. Gas turbine has the lowest fixed cost, but its operation cost
is the highest due to its high fuel cost. Assume the annual cost
for the power plants are as follows:

Hydro power station: ~ $450/yr-kW + $0.01/kWh X operation hours
Coal-fired power plant: $270/yr-k'W + $0.04/kWh x operation hours
Gas turbine: $170/yr-kW + $0.08/kWh x operation hours

By comparing the annual cost curves of the previous three
types of generations, the most economic generation type could
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FIGURE 3.8 Screening curves for a hydro power plant, a coal-fired power plant, and
a gas turbine.

be found for a specific operation hour. It is called screening
curves, as shown in Figure 3.8.

From Figure 3.8, it could be observed that if an investor plans
to invest in a power plant that operates less than 2,500 hours in
1 year, the most economical option is to invest in a gas turbine.
If the power plant runs between 2,500 hours and 6,000 hours, a
coal-fired power plant is the best option. If the power plant runs
more than 6,000 hours per year, it is worth investing in a large-
scale hydro power station, which has a high investment cost but
a low operation cost.

Screening curves show which type of generator is the
most economical option for different annual operation hours.
However, the capacity of each type of generation cannot be
determined unless the system load characteristics is given. If
screening curves are used together with the system annual load
duration curve, the optimal mix of various generators and their
capacities can be obtained for generation planning.

3.3.3 Load Electricity demand has its own cycle, as described in
duration Section 3.1. The daily load curve and weekly load curve are
curve provided in Figures 3.1 and 3.2. In the figures, the load for
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each hour of a day and a week is plotted in the chronologi-
cal order. For residential and commercial load curves, peaking
demands are in the morning and late afternoon. In Figure 3.9,
the amount of load during each hour of a day is plotted with a
column for 24 hours. If we rearrange the 24-hour loads of the
day according to their volumes, we can obtain the load dura-
tion curve for the day, as shown in Figure 3.10. In the figure,
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FIGURE 3.9 Daily load profile with hourly load representation.
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FIGURE 3.10 Daily load duration curve.
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hourly loads are ranked according to their volumes, and the
X-axis is the ranking of hours.

Figure 3.9 1s the load profile of a day for 24 hours. The
power (MW) of each hour is plotted in a time series, 1 a.m.,...,
11 am., 12 pm., 1 pm.,..., 11 p.m., 12 a.m. The highest load
is during the time period of 3 p.m., the second highest is 2 p.m.,
and the third is during 4 p.m. The lowest loads are during time
periods 2 am. and 3 a.m. By rearranging the loads from the
highest to the lowest, the load at 3 p.m. is ranked as number 1
in Figure 3.10, load at 2 p.m. is ranked as number 2, and so
on. In the end, loads at 2 a.m. and 3 a.m. are ranked as the last
two, which are number 23 and 24. The rearranged load curve
is the load duration curve of the day. If the ranking of the load
profile is implemented for the whole year of 8,760 hours, the
load duration curve for the whole year is obtained as shown in
Figure 3.11. Here, it is assumed that the peak load of the sys-
tem is 8,000 MW and the lowest load of the year is 2,800 MW.
This load duration curve can be used for generation planning to
decide the capacities of different types of generators based on
their optimal annual operation hours obtained from screening
curves. The process is described in Figure 3.11.

Let us continue to use the three types of generators, hydro
power, coal-fired power plant, and gas turbines as the exam-
ple to explain how to decide their capacities through screen-
ing curves and the load duration curve. From Figure 3.8, it has
already been concluded that hydro power station has the best

iS}OO MW
2,400 MW

Ky
4,700 MW

W

0 2,500 6,000 8,760
Ranking of hours of a year
FIGURE 3.11 Load curve of a day.
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economic effect (or lowest annual average generation cost) if
it runs at rated power for more than 6,000 hours per year; and
coal-fired power plant has the best economic effect for an oper-
ation hour ranged between 2,500 hours and 6,000 hours; and
it is better if the gas turbine operates less than 2,500 hours per
year. From Figure 3.11, it shows that for the whole year, there is
always 2,800 MW electricity demand in the system. The mini-
mum economic point for a hydro power station is to operate at
least 6,000 hours per year. From the figure, if the hydro power
has a generation ability of 4,700 MW, it can supply the load for
at least 6,000 hours per year. So, the capacity of hydro power is
determined as 4,700 MW. Similarly, the coal-fired power plant
needs to operate at least 2,500 hours per year, which needs
(7.100 MW — 4,700 MW) = 2,400 MW, of which the 4,700 MW
is provided by the hydro power station. The rest capacity is
provided by the gas turbine, which has the lowest investment
cost and highest fuel cost. The capacity of the gas turbine is
determined as (8,000 MW — 7,100 MW) = 900 MW. On the
basis of the results obtained from Figure 3.11, with the optimal
mix of generation capacities, we can observe that hydro power
runs for most hours of the year to supply the baseload. Gas tur-
bines only run during peak hours to supply the peak load, while
coal-fired power plant in this system supplies the intermediate
load. The effect can be easily observed, if we draw the opera-
tion hours of the three types of generators for a 24-hour period
on a chronological daily load curve, as shown in Figure 3.12.

Gas turbine

Coal-fired power plant

Hydro power

2am. 4am 6am 8am 1l0am12pm. 2pm. 4p.m. 6pm, 8pm. 10pm.12a.m.

Time of 1 day

FIGURE 3.12 Load curve of a day.
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It shows that the hydro power operates most of the time during
the day except a few hours in the night. The gas turbine supplies
only peak loads during morning peak and afternoon peak hours.

Generation planning is a long-term optimization for power
system economic operation. It determines the mixture of gen-
eration resources base on long-term load profiles and load
growth. Generation planning coordinates with transmission
expansion planning and provides technical optimization results
for generation investment.

In short term, generation schedules are made to optimize
unit generation outputs on a daily-base load profile. Generation
scheduling optimizes fuel consumptions or generation costs
with the given generation sources. Generation scheduling is
for short-term power system economic operations. Economic
dispatch, optimal power flow, and unit commitment, all are
short-term optimization problems for procuring generation
schedules. They will be introduced in Chapters 4 through 6.

34 Summary

The costs of generations are the major concern of power system
planning and scheduling, while the costs are related to various
factors. Generating units have different fixed costs and vari-
able costs, mainly depending on the types of units. The fuel
consumption rate of a specific generator changes at differ-
ent output levels. Screening curves can be built for different
types of generators according to their annualized fixed costs
and average variable costs. Long-term generation planning can
be determined by the screening curves and the forecasted load
pattern of the system.



CHAPTER FOUR

Economic dispatch

41 Introduction

In a power system, utilities are responsible for planning and
installing new power plants based on the forecasted load
growth in the system. The available generation capacity in a
system at all times should be higher than the peak load plus
the required reserve margin due to reliability requirements.
On the basis of the forecasted load profiles and maintenance
schedules of generators, the system operator makes a sched-
ule for unit commitment in advance. The ON/OFF schedule for
generating units considers generator minimum ON/OFF time,
reserve requirements, multi-time period coordination, as well
as generator operation costs and startup costs, and so on. For a
specific time period, say | hour, there are usually multiple gen-
erators being scheduled ON. The types of generators and their
operation characteristics could be quite different. The system
operator needs to make a generation dispatch schedule for all
generators to satisfy the total electricity demand of each hour.
Conventionally, fuel cost is the major concern of dispatching
a generating unit. Units with less fuel costs are dispatched to
generate more electricity. This simple economic principle is
straightforward for generation dispatch: however, it is hard to
be implemented accordingly due to nonlinear characteristics of
power generations. Fuel consumptions and generation outputs
are not in a linear relationship. To obtain the most economical
solution for generation dispatch, optimization model is needed
for the dispatch problem. In this chapter, we will introduce the
principle and the mathematical model of generation economic
dispatch, as well as its solution methods.

37
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4.2 The problem of economic dispatch

The problem of generation economic dispatch was raised
around 1930s. Conventionally, power companies own gener-
ating units, transmission and distribution facilities. Customers
pay a fixed electricity rate for the energy supplied by power
companies. The power company is responsible for running the
whole system in a reliable and safe way. For the vertically inte-
grated power system, the power company invests generators,
transmission, and distribution systems and maintains them in
a good operation conditions. The investment decisions of gen-
erators and transmission lines are made by solving the genera-
tion planning problem and transmission planning problem. The
costs of generation and transmission investment are fixed costs.
At the operation stage, variable costs are the only factor that can
be adjusted for economic operation. For a system with thermal
power plants, fuel costs dominate the operation variable cost.
The system operator has realized that the total generation cost
could be reduced significantly by coordinating the generation
outputs of generators in the system. The problem of economic
generation dispatch is modeled mathematically with optimiza-
tion model.

The purpose of generation economic dispatch is to procure a
generation schedule for each generating unit for a specific time
period. The procured generation schedule should be economi-
cally optimized, which means that the total generation cost for
all units based on this schedule is the minimum compared to
any other generation schedules. The fundamental requirement
of generation economic dispatch is that the total generation
from all units should satisfy the system load of the time period,
and the generation of each unit is within its operation upper and
lower limits.

The objective and requirement of economic generation
dispatch can be expressed using an optimization model. We can
start from a simple model by ignoring the complicated nonlin-
ear transmission network. As shown in Figure 4.1, the network
is considered as a big node, and transmission losses in the net-
work are ignored. The solution of economic dispatch is to find
a generation schedule for power balance between power sup-
pliers (generators) and demand (customers), just like any other
commodities. For generation dispatch, the schedule is made
usually for each hour of the coming day (24 hours). Generating
units are dispatched by the system operator of their power out-
put P, (MW) for each hour. So, the total energy (MWh) supplied
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FIGURE 4.1 Power supply and demand.

by the unit within 1 hour is Energy = P, (MW) x 1 hour, which
is in MWh. The generation schedule obtained from economic
dispatch problem is the value of P, for each generating unit for
a specific hour.

We assume that the number of generating units in the sys-
tem is N and the number of loads in the system is M. As the
transmission network is considered as a node, the locations of
the loads in the system are not important in this case. It is not
necessary to identify individual load in the problem. We can
use the total electricity demand of all customers as the system
load, P, which is known. The generation cost functions of
generators are assumed to be known to the system operator in
a centralized power system. The objective is to find the power
generation schedule P, for each generatinguniti(i=1,2,...,N),
and the solution is the most economic one.

It has been discussed in Chapter 3 that the generation cost is
a nonlinear function of power output. Here, a quadratic func-
tion is used to represent the cost function of generating unit i.

Ci(Psi) =aPs +bPgi+c  Vi=l..,N @.1)

where C;(F;) 1s the generation cost function of unit i, and a, b,
and ¢ are coefficients.

The objective of generation economic dispatch is to mini-
mize the total generation cost Cy,,,, which is the sum of the
costs of all generating units. The objective function can be
expressed as

N
Min Croa= Y Ci(Py) 42)

i=1

Power generation schedule Pg; (i = 1,..., N) in the objective
function are control variables. They are subjected to power
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balance constraints (Equation 4.3), generation upper limit
(Equation 4.4), and generation lower limit (Equation 4.5) of

each unit.
N
ZP Gi = Ploa 4.3)
i=l
P, < B (4.4)
P5E" <Py 4.5)

The power balance Equation 4.3 ignores transmission network
and losses. B g is the total system load. Pz" is the maximum
power output of generator i, or the capacity of the generator.
P2" is the minimum generation requirement of generator i, due
to turbine design.

The optimization model (Equations 4.2 through 4.5) is
a nonlinear programming (NLP) problem. The constraints
(Equations 4.4 through 4.5) are linear. The objective function
(Equation 4.2) is a continuous nonlinear function, and it is con-
vex. A typical method to solve the constrained optimization
problem is to add constraints to the objective function by using
Lagrange multipliers.

The constraint Equation 4.3 can be rewritten as

N
¢:PL0M_ZPG:' 4.6)
i=1

The Lagrange function L is to add the constraint function ¢
multiplied by an undetermined multiplier A to the objective
function Cy,,,, as shown in Equation 4.7.

N N
LZCTmJ+l¢=ZCf(Pcf)+l[PLmd—ZPGf]

i=1 i=1

@.7)

N
:Z(Cf(Pcf)_}uPGf)‘*'lPLmd

i=1

In the Lagrange function, there are N + 1 variables, including
N power outputs F; and one Lagrange multiplier A. The neces-
sary condition for the extreme value of function L is when the
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first derivative of L with respect to each variable is equal to 0.
For each independent variable P;; and A, we have

dC; (P
oL _dC(Pu) . _, Vi=Ll..N (4.8)
aPG,- dPGf
and
N
oL
—_—— PJ+P :0 4‘9
=~ ; g P “4.9)

Then, the previous two equations can be simplified as a set of
conditions as follows:

dC; (Ps)
dP;,

i Fsi = R
i=1

Equation 4.10 shows that the necessary condition for the min-
imum cost operation is that the first derivatives of generation
cost functions of all generators are equal to a value A and the
sum of all generation outputs is equal to the total load. There
are N + 1 equations and N + 1 variables in Equation 4.10.
It 1s possible to solve the equations and obtain the values
of Pg; (i = 1,..., N) and A. The obtained Pg; are the optimal
generation schedule for all generators. In Economics, the
first derivative of cost function with respect to the quantity
of product is incremental cost. So, the obtained value A is
the incremental cost. In other words, when all generators are
operated at the same incremental cost while satisfying the
total load, the optimal generation schedule is obtained for
minimum cost operation. This is economic dispatch solu-
tion, which is also called equal-incremental cost dispatch,
or equal-\ dispatch.

The problem formulation of economic dispatch is based
on the assumption that it is a centralized power dispatch. All
generators are owned by the power company, and the system
operator knows the cost function of each generator. Neglecting
losses, the minimum cost solution is obtained when all
generators are operated at the same incremental cost A, which

=X Vi=L.,N
“4.10)
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FIGURE 4.2 Economic dispatch results (within generation limits).

is also the marginal cost of the whole system. It is considered
as the electricity price of the system.

The economic dispatch results without considering the
inequality constraints (Equations 4.4 and 4.5) can be illustrated
using Figure 4.2. In the figure, the dispatch results F; all are
within generation limits P3'™ and P3™™.

The solutions of economic dispatch in Figure 4.2 are not
constrained by the generation limits. In practical, the power
output F;; of any generating unit should not exceed its rat-
ing Po,** while satisfying its minimum operation requirement
PA'™. 1f the value of P; obtained by Equation 4.10 for gen-
erator i exceeds P, the solution for P should be set as
PM= (P;; = PMmy. similarly, if the obtained value of Fg; is
lower than P2 the solution for P-; should be set as PM"
(P = P'™). Then, the equal-A dispatch principle should be
applied to the rest of generators to obtain the system A while
satisfying the remaining load. For the generator whose upper
output limit is reached, the value (dC(PGJ-))/(dPG,-)! B = P
of the generator should be lower than that of the system
A. Similarly, for the generator whose lower output limit is
reached, the value (dC(Pg))/(dPs)| Psi = PA™ of the genera-
tor should be higher than that of the system A. This is shown
in Figure 4.3.

With inequality constraints, the necessary conditions for
an optimum can be found based on the complimentary slack-
ness condition of KKT conditions. The results are shown in
Equation 4.11.
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FIGURE 4.3 Economic dispatch results with inequality constraints.

dC; (Ps; :
Cilka) _, for BN Bl P

dPGf
dC; ( Py
%dﬁ?‘- fofPG,':PGn;'IIM

Gi
(4.11)

—dq(PGI)dEDL fOIPGl;= c?l:lm

dPGf

iPGF = Piosa
i1

Example 4.1

There are four generators in the system. Generator 1, 2,
and 3 are coal-fired generators and generator 4 is a gas
turbine. Their fuel consumption functions are given as
follows:

Generator 1 F(F;,)=0.148P;, +199.4P,;, + 16425

Generator 2 F(Ps;) =0.024 P2, 4 252.7P; + 16686
Generator 3 F(P;;)=0.136P:; +206.3P;; + 15433
Generator 4 F(P;,)=0.109P;, +168.0F;, +16639

where generation output F; (i=1,....4) is in MW, and
fuel consumption is standard coal equivalent (in kg).

1. Find optimal generation schedule using economic
dispatch neglecting losses if the system total load
is 1,500 MW.



2. Repeat Question 1 if the cost of fuel (coal equiva-
lent) of generator 4 is 1.25 times of the fuel cost of
other coal-fired generators.

3. Find the total cost and system incremental cost
given the coal price is $80/tce (tce is ton of coal
equivalent).

Solutions

1. Generation economic dispatch can be obtained
by Equation 4.10. Incremental fuel consumption
functions for the generators are

Generator 1 w =0.296F; +199.4 =)
d‘PGI

Generator 2 % =0.048F;, +252.7=A
dPsz

Generator 3 m =0272F;; +2063=2%
dPG3

Generator 4 dFted) =0218F;,+168.0=%
dPes

Power supply and demand balance is
PGI +PG2 +PGJ +PG=I=PI_.1:W:I =1,500MW

There are in total five unknown variables in previ-

ous five equations. The equations can be solved as
follows:

Psy =3.378) - 673.65
P> = 20.833) —5264.58
P, =3.676) —758.46
Py =4.587)—770.64

Summing up F; (i=1.....4) as expressed earlier,
we have

PG' +PG1 +PG3 +PG4 =1,500MW
324740 -7467.33 =1,500
32.474% =8967.33

h=276.1(kg/MWh)
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Then generation output of each generator can be
calculated as follows

F; =3.3780 - 673.65=259.0 MW
Fi2 =20.833% — 5264.58 = 487.4 MW
Fos =3.676) — 758 46 =256.5 MW
FPoy =4.587T0-T70.64 = 495.9 MW

This is the optimal generation dispatch results.
Generators 2 and 4 consume relatively less fuels,
so their generation outputs are higher in the eco-
nomic dispatch result.

. We assume that the coal price for coal-fired gen-
erators is p(in $/kg). If the fuel cost of generator 4
is 1.25 times that of other coal-fired generators,
its fuel price is 1.25p(in $/kg). The cost function
of each generator C(F;;) can be written as

Generator 1 C(F) = p(0.148P§E +199.4F; +16425)

Generator 2 C(P2) = p(0.024 P, +252.7F;; +16686)
Generator 3 C(Ps3) = p(0.136 P +206.3P;;+15433)

Generator 4 C(Pss) =1.25p(0.109P3; +168.0P;4+16639)

Incremental cost functions for the generators are

Generator 1 M =p(0.296F;,+199.4) = A
&1
Generaory ot p(0.048P5, +252.7) = A
G2
dC(Ps) _

Generator 3 = =p(0.272F;; +206.3) = A

3

Generator 4 %:llﬁp{ﬂllBPG4+168.0}=L

G4

or p(0.273F;4 4 210.0)=A

So, F; (i=1,...,4) can be expressed as

B, =3.378% _673.65

p

Fpn = 20.8335 —5264.58
p

Fo = 3.(5:?’4‘3.E —758.46

p
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Foy = 3.6'.?{)ﬁ -770.64

p
Sum them up. it will be

PG|+P(;2+P53+PG_| =1.50OMW

31.557£ - 7467.33=1,500

p

3 1.55';”i =8967.33
p

A =284.16 (ke/MWh) x p

The incremental coal consumption is 284.16 kg/
MWh, and the incremental cost is 284.16 kg/MWh
times coal price p. Then, generation schedules for
four generators are

Fy =3.378x284.16—-673.65 = 286.2 MW
P =20.833x 284.16-5264.58 =655.3 MW
Pz =3.676x284.16 - 758.46 =286.3 MW

Fri=3670x284.16-770.64 =272.2 MW

The solutions show that the generation output of
generator 4 is reduced due to its higher fuel cost.
Other generators need to generate more electricity
at a higher coal rate.

3. Given coal price as p=$80ton = $0.08/kg, then

A =284.16 kg/MWh x $0.08/kg
=$22.73/MWh

The incremental cost is $22.73/MWh.
The total generation cost is Cq, .

Croa =C(Fo1) + C(Fo2) + C(Fg3) + C(Fs)
=p(0.148x286.2% +199.4 x 286.2 +16425)
+p(0.024 x655.3* + 252.7x655.3+16686)
+p(0.136 x 286.3% + 206.3x 286.3 + 15433)

+1.25p(0.109%272.2% +168.0x272.2+16639)



Crom = p(85616 + 192586 + 85644 + 88056)
=451902 kg x p = 451.9 ton x 80%$/ton
=$36,152

The total fuel cost is $36,152 to generate
1,500 MW within 1 hour. The average cost is
$36,152/1,500MWh = $24 /MWh.

Example 4.2

There are four generators in the system. Their fuel con-
sumption functions are the same as in Example 4.1.

Generator 1 F(P;)=0.148P:, + 199 4P., + 16,425

Generator 2 F(Py,) =0.024P2, +252.7P;, + 16,686
Generator 3 F(Py3)=0.136P3; + 206.3P;; +15,433
Generator 4 F(P.,) =0.109P2, +168.0P., + 16,639

In this example, generation limits of each generator are
considered as follows:

Generator 1 200MW < B < 330 MW
Generator 2 300 MW < F;» <600 MW
Generator 3 200MW < F;; <330 MW
Generator 4 250MW < B, < 400MW

Find the optimal generation schedule using economic
dispatch neglecting losses and consider genera-
tion limits of generators. Total load in the system is
1,500 MW.

Solutions

First, the optimal solution without considering genera-
tion limits can be obtained. The results given in Question
1 of Example 4.1:

Fy =259MW, F;; = 4874 MW, F;; =256.5MW, and
Fgs =495.9MW

Check the scheduled generations with the limits, we find
that generations from generators 1, 2, and 3 are within
the limits, while the generation of generator 4 is higher
than its upper generation limit. So, we set the generation
output of generator 4 as 400 MW, which is its upper
limit, then dispatch the remaining demand requirement
(1.500 MW — 400 MW = 1,100 MW) among the rest
three generators. The generation economic dispatch for
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generators 1, 2, and 3 can be obtained by solving follow-
ing equations:

dF(Ps1)

Gl

Generator 2 %1 =0.048P;; +252.7=%A

G2
dF (Fg3)

G3

Generator 1 =0.296F;, +199.4 =),

Generator 3 =0272FP; +206.3=2A

The total generation from three generators should be
1.100 MW neglecting losses.

JPGI +P(';2+Pg3 =1,100MW

The above-mentioned four equations are solved as
follows:

Py =3.378). - 673.65
Py = 20.833) — 5264 58

P =3.676) —-T758.46

Replacing P, Py, and P in F; 4+ Fs + P = 1,100 MW,
we have

27.887) —6696.69 = 1,100
27.887L=7796.69
A =279.58 (ke/MWh)

Then

F1=3.378)-673.65=270.8 MW

P =20.8335 - 5264.58 =550.9 MW

Frs =3.676) - 758.46=269.3 MW
Frs = 400MW

As generator 4 reaches its upper limit 400 MW, while
other generators need to generate more to satisfy the
system load requirement. The incremental fuel consump-
tion for generators 1, 2, and 3 with economic dispatch in
this example is 279.58 kg/MWh. It is a little bit higher
than the incremental fuel consumption 276.1 kg/MWh
obtained in Question 1 of Example 4.1. The reason is
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that generator 4 reaches its upper generation limit. Other
generators need to generate at higher output levels with
higher incremental fuel consumptions. This is consis-
tent with the curves shown in Figure 4.3. In addition,
the generation of generator 4 is limited by 400 MW. At
this output level, its incremental fuel consumption A is
calculated as

Py =4.5870 =770.64 = 400 MW
4.587h=1170.64
A =255.2 kg/MWh

4.3 Economic dispatch problem considering losses

The economic dispatch problem discussed in Section 4.2
neglects transmission losses occurred in the power network.
In practical, transmission losses depend on the network topol-
ogy, line parameters, generator locations, and electricity loads.
Accurate transmission losses can be calculated by solving the
power flow equations with the full network model considered.
The nonlinear power flow equations are solved with Newton
Raphson method that is programmed with computer programs.
Before the computer was developed and used for power system
analysis, power engineers first developed with equal-A method
to obtain optimal generation schedules neglecting transmission
losses. Then, transmission losses were considered in the eco-
nomic dispatch problem by simply using a quadratic function
to represent losses.

As shown 1n Figure 4.4, consider transmission losses, F ...
the power balance in the system is written as

FIGURE 4.4 Power supply, transmission, and demand.
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N N
ZPGf:Pmd+PLosxs Dr¢:PLmd+PLoss_ZPGf:0 4.12)

i=1 i=1

The economic dispatch problem including transmission losses
1s expressed by Equations 4.2, 44, 4.5, and 4.12. Using the
same procedure, necessary conditions for the minimum cost
dispatch is obtained. For the economic dispatch problem con-
sidering losses, we use symbol A’ as Lagrange multiplier. The
Lagrange function is written as

N N
L :CTmal +?\.,¢|: ZC, (PG,:)‘F?LF{PLB;,J‘F PL(!SS —ZPGJ'}

i=1 =1

" “.13)
= Z(C, (PG;')_ ?LFPC;,' ) + ?\-,PLmd +;L;PL{:5&

i=1

In the Lagrange function, A, is not a constant number. It could
be a function of generation outputs F;. The first derivative of
the Lagrange function with respect to variable Fy; is derived as
follows:

dC; [ By .
ol _ r( Gr)—?\.rﬁ'lr%:{) \Q’f:]_,_",N
OFgi dFg; OF i
4.14)
dC; (Ps) o[ 1 OPtos
dFs; OFsi
and
oL ~
61,=—;ch+PLmd+PLoss:0 @.15)

Then, the above-mentioned two equations can be simplified as
follows as a set of conditions:

9ilFa) il ) O Yi=1..,N
dPs; oPs; ’

g (4.16)
ZPG = Pload + Floss

i=l
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Equation 4.16 are known as coordination equations. The item
(OP,_ss | 0F5;) 1s the incremental loss of generator i. The value of
(OB | OF;) represents the increased system losses caused by
one unit generation increase from generator i. The factor
1;,.3 (1-[8Ps /P ]) is called penalty factor, pf.

1

- Vi=1..,N
i (1-[ 8PLows/0P5: ) [

If penalty factor pf; > 1, it means that increasing the generation
from generator i will cause more losses in the system. This is
a common case. If penalty factor pf; < 1, it means that increas-
ing the generation from generator i will reduce system losses,
which is not so common. Coordination Equation 4.16 can be
rewritten as follows:

dc () .
e i Wi W Vi=1..N
pfi % dF. i=1,..,

. 4.17)
ZPG:' = PLoad + Ploss

i=l

For each generator, the incremental cost is comrected by a pen-
alty factor that represents the impacts of generations on losses.
The necessary condition of minimum cost operation with losses
considered is that all generators are operated at the output levels
such that their corrected incremental costs are equal to A" and the
total generation equal to the total load plus losses. The coordina-
tion equations and the results can be illustrated using Figure 4.5.

In the figure, the curves of generator incremental cost
functions dC(Fg;;)/dPg; are shown with dashed lines. Equal-
incremental cost principle is applied to obtain the generation
schedule for minimum cost. Same as shown in Figure 4.2, the
system incremental cost A is obtained. By considering trans-
mission losses, the incremental cost function is adjusted by the
penalty factor. The curves of adjusted incremental cost func-
tions are shown in solid lines in the figure. If the penalty fac-
tor is higher than 1, for example pf; =1.05 in the figure, the
incremental cost function is moved up by 5%. In other words,
more generations from this generator cause additional losses,
so Its incremental cost for power generation 1s increased after
considering losses cause by itself. If the penalty factor is less
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FIGURE 4.5 Economic dispatch results with transmission losses considered.

than 1 (although this seldom occurs in a power system), say
pf: =0.9 in the figure, the incremental cost function is moved
down by 10%. This means increasing the generation of the
generator will reduce system losses and have a positive effect
on cost-effectiveness. Of course, more generations should be
encouraged from the generators with a penalty factor that is less
than 1.

The solid curves in the figure represent adjusted incre-
mental costs considering loss penalty factors. According
to coordination Equation 4.17, the minimum cost solution
considering losses is obtained when all adjusted incremental
costs are equal to A" The results of A" and the correspond-
ing generation schedule for each generator are shown in
Figure 4.5. It can be seen from the figure that compared to
the economic dispatch results without considering losses,
the generation output schedule for the generator with pf; >1
is moved leftward (output schedule is reduced) and the
generation schedule for the generator with pf; >1 is moved
rightward (output schedule is increased). The results are easy
to understand. The generators causing more losses should have
a reduction in generation outputs, and generators causing less
losses should have an increase in power generation.

44 Economic dispatch with piecewise
linear cost functions

In the economic dispatch problem discussed in previous
sections, generation cost functions are assumed to be high-order
nonlinear functions, for example, quadratic functions or cubic
functions. In practical, generation companies prefer to use lin-
ear lines to represent generation cost curves. Multiple-segment
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FIGURE 4.6 Piecewise linear generation cost function.

lines can closely represent a nonlinear function, as shown in
Figure 4.6. The nonlinear generation cost curve, the dotted line
in the figure, is approximately represented by three segments of
straight lines.

If the generation cost is represented by a piecewise function
instead of a continuous function, the necessary conditions
obtained for minimum cost operation in previous sections
are not suitable anymore. We can take the advantage of lin-
ear cost functions and solve the economic dispatch problem
with simplified priority-list method. The solution method is
explained in Figures 4.7 and 4.8. We assume there are three
generators. Their cost curves are represented with piecewise
linear functions, as shown in Figure 4.7. The first derivatives
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FIGURE 4.7 Piecewise linear generation cost curves and incremental costs.
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FIGURE 4.8 Incremental cost-based priority list.

of the cost functions are obtained and shown in the figure.
Generators 1 and 2 use single segment linear lines to represent
their generation costs. The first derivatives of the linear func-
tions are constant numbers, which are incremental costs of the
generators. Generator 3 uses three-segment linear lines to rep-
resent its generation cost. When generation output falls within
different segments, the generation cost function has different
slopes. So, the generator has different incremental costs at dif-
ferent generation output ranges. In Figure 4.7, the incremental
costs of different segments of different generators are denoted
with symbol G, ;, where subscript / is the generator index, i = 1,
2, 3, and subscript j represents the number of line segments.
Generators 1 and 2 have one segment, j = 1; generator 3 has
three segments, j = 1, 2, 3, as indicated in the figure.

In practical, it is common that piecewise linear generation
cost curves are provided instead of quadratic or cubic generation
cost curves. Equal incremental cost criteria do not apply for
this case, as incremental costs derived by piecewise linear cost
curves are constant numbers. To obtain the generation schedule
with the minimum generation cost, the system operator can
setup a dispatch priority list based on the incremental cost of
each generator. For example, the three generators shown in
Figure 4.7 can be ranked in a priority list as shown in Figure 4.8.
Generator 3 has the lowest incremental cost if it is dispatched
for the first segment, so the first segment of generator 3, G, |,
has the highest priority to be dispatched. The next lowest
incremental cost is generator 2, which will have the second
highest priority, and so on. Generators and their cost segments
are arranged according to their priorities. Given the total system
load, generators are selected according to the priority list until
the system load is met. Then, the economic generation dispatch
schedule is obtained.
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4.5 Summary

Economic dispatch is a simplified power system economic
operation method without considering full network. Economic
dispatch has been commonly used in power systems since a
long time. The equal incremental cost method and the coordi-
nation equation are efficient in procuring optimized generation
schedules. It was developed before computer technologies were
well developed to handle large systems. Optimal power flow is
a more complicated version of economic dispatch by consider-
ing full network model using power flow equations.
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Table 5.5 Optimal generation schedule for solving
the AC power flow-based SCOPF model

Generator | Generation schedule Ps; (MW)

40
80
45.249
58.644

—_ o h b =

13 65.210

The optimal solutions for AC load flow-based SCOPF model
are given in Table 5.5. The generation schedule shown in the
table satisfies the network operation constraints for the base
case and also satisfies the operation of any contingency topol-
ogy if one of the lines is lost.

A comparison of the results obtained for SCOPF with the
ACOPF results listed in Table 5.3 shows that the generation
of generator at bus 11 is dispatched to be zero. The reason is
that bus 11 has only one line connected to bus 9. This line is
in the contingency set. To satisfy the requirement that if line
9-11 1s disconnected, the generation schedule is still feasible
to the rest system, the optimization results obtained is to have
a zero output of generator 11. This is reasonable for SCOPF. To
satisfy the demand for contingency scenarios, the more expen-
sive generator at bus 5 is scheduled to generate more. The total
cost obtained by SCOPF is $10,184.51. It is higher than that
of ACOPF without considering contingencies. This is the mar-
ginal cost for maintaining a higher security level.

57 Modified optimal power flow models
for power system operations

In the OPF models we studied in previous sections, the objec-
tive function 1s to minimize the generation cost, which is a
classical OPF model. In power system operations and plan-
ning, the objectives to optimizing the system operation vary
for different purposes. The system operator could minimize
generation cost, minimize power losses, minimize load shed-
ding, or minimize reactive power. The system planner could
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5.7.1

5.7.2

5.7.3

Minimize
generation
cost

Minimize
losses/total
generation

Minimize
generation
adjustment

optimize the cost for system expansion, optimize capacitor
placement, and so on.

In traditional power system economic operations, the objective
for the system operator is to minimize the total generation cost
as Equation 5.5:

hl'
Min Cryy = ZCf(Pcf)

i=1

The objective function is optimized subject to power flow
Equation 5.6 and other operational limits Equations 5.7
through 5.10.

Loss minimization i1s another commonly used objective func-
tion for power system operation. The generation cost of
each unit 1s not considered. The goal of the OPF model is
to minimize active power losses in the system operation as
shown in Equation 5.37 subject to power flow equations and
operation limits. As Xiei Poi =11 Poi + Pioss, if the load on
each node is fixed, minimizing losses is equivalent to mini-
mizing the total generation, as shown in Equation 5.38.

Min A = iin*(Wz +V2E—2

i=l k=1
k=i

Vi[VileosB)  (5.37)

N
Min F = ZPG,- (5.38)
i=l

Besides minimizing total cost or total generation for generation
scheduling, OPF can be used to minimize the generation adjust-
ment. Generation schedules are made usually in advance, for
example one-day ahead, based on forecasted load. In real time,
the load profile varies from the forecasted load. OPF model
can be used to obtain new generation schedules. In a market,
the system operator may want to limit the deviation from the
original generation schedule. So, the objective function of the
OPF model can be written as the minimization of generation
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adjustment as shown in Equation 5.39, subject to power flow
equations with real-time loads, and operation limits.

N
Min F =) | Py — Bore™ (5.39)
i=l
where Po®"™ is the original generation schedule obtained in

advance. They are parameters in this optimization problem. F;;
is the control variable to be optimized to minimize the total
generation deviation from the original schedule.

In some cases, the system operator needs to make load shed-
ding schedules due to lack of generations, or emergent condi-
tions. To limit the number of customers affected, the system
operator tries to minimize the amount of load to be cut down.
To obtain the optimal solution while considering load shed-
ding priorities, the objective function for the OPF model is to
minimize the total load shedding as in Equation 5.40, subject to
power flow equations, operation limits, and constraints of load
shedding priorities.

N . N
Min F= ) poiend —ZPD,- (5.40)
i=1 i=1

where P, is the load for each node :. It is the control variable
in the OPF model. In the power flow equality constraints of
the model, F; is given as the scheduled available generation at
node i and Py, is the control variable to be determined as the
optimal solution of the OPF model.

Reactive power provides voltage support in an AC power sys-
tem and plays an important role in system stability. Reactive
power is provided by generators, condensers, and VAr sources,
such as capacitors, SVCs, STATCOM, and so on. As reactive
power cannot be transmitted over long distances, only gen-
erators are not enough to provide reactive power required for
a power grid. VAr sources need to be installed in the grid.
Reactive power planning problem optimizes the installation
and placement of VAr sources while satisfying power system
operation requirements. The simplest reactive power optimi-
zation is to minimize the cost of VAr sources. Assume Q; 1s
the capacity of VAr resource installed on node i. The reactive
power cost of VAr source 7 is usually a linear function repre-
sented by Cy,,; = a; + h,Qr;. Reactive power planning problem
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minimizes the total VAr cost Equation 5.41 subject to power
flow equations and operation limits. This is a commonly used
reactive power planning model.

N
Min F = Z(a,- +50s) (5.41)
i=l

As reactive power support can affect transmission losses, the
other commonly used reactive power planning model is to min-
imize both VAr cost and the cost of losses C(P,,.), as shown in
Equation 5.42.

N
Min F = C(Bes)+ ) (@ +50c:) (5:42)

f=1

Maintaining voltage deviations within operation limits is one
of the tasks of the system operator. The goal of reactive power
support could be minimizing the voltage deviations, subject to
power flow equations and operation limits. The objective func-
tion can be written as Equation 5.43.

Min F = i(v’f”“ V) (5.43)
i=l

Generators and condensers are another reactive power providers.
The capability of a generator to supply reactive power depends on
its capacity and active power output. Reactive power support from
generators can be continuously controlled. It is different from the
discrete reactive power supply from VAr sources. Reactive power
optimization problem also minimizes reactive power generation
from generators. The objective function is to minimize the total
reactive power generation from generators (Equation 5.44), or to
minimize the total reactive power cost (Equation 5.45), subject to
power flow equations and operation limits.

Min F = ZQG- (5.44)
=l
N

Min F =" Ci(0) (545)

In addition to the objective functions provided earlier, OPF
models can be used for various scenarios in power system oper-
ation and planning to optimize different objectives.
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5.8 Optimal power flow and unit commitment

In OPF problem, power system is optimized hourly for a given
number of generators, N. In real power systems, the total num-
ber of generators is usually more than the number of genera-
tors that are running. Loads during peak hours are much higher
than that in off-peak hours. Some generators are shut down dur-
ing off-peak hours. Which generators should be switched on
during peak hours and which generators should be shut down
during off-peak hours are determined by the system operator
using an optimization problem, called unit commitment. Once
the units committed for each hour is determined, OPF is solved
to obtain optimal generation schedules for each unit in the hour.
Unit commitment problem is introduced in Chapter 6.
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CHAPTER FIVE

Optimal power flow

51 Introduction

Power system is a nonlinear system. Power losses occurring in
the network during power transmission are affected by power
grid parameters, locations of generators, generator outputs, and
so on. In the conventional economic dispatch problem, trans-
mission losses are ignored, in other words, power network 1is
ignored and not shown in the dispatch problem. In fact, power
network configurations, line parameters, generator locations,
and generator outputs all affect power losses, as well as the eco-
nomic effects of generation dispatch. In the economic dispatch
problem considering losses introduced in Chapter 4, transmis-
sion losses are represented by a simplified function of generator
outputs. Power network are still not considered in the optimiza-
tion model, although power grid configurations and parameters
significantly affect the distribution of power flow and active
power losses.

The objective function of an economic dispatch problem is to
minimize the total generation cost. In a conventional economic
dispatch problem, the objective function is optimized subject
to the simplified power balancing equation that the total power
generation equals to the system load. This simplification signif-
icantly reduces the complexity of the optimization problem. To
obtain a better economic dispatch solution that can accurately
consider power network effects on optimal generation sched-
ules, accurate power network model is needed to replace the
simplified power balancing equation as the constraints of the
optimization problem of economic dispatch.

Ohm’s law shows the relationship of voltage and current
of a simple circuit. For a complicated power network, the

57
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relationship of injected currents at the nodes and the voltages
at the nodes can be represented via an admittance representa-
tion. Bus admittance matrix is used for accurate representation
of a power network. Admittance matrix is widely applied in
power system analysis in determining the network solutions.
Bus impedance matrix is also a representation of network. It
i1s more commonly used in fault analysis. Admittance matrix
and impedance matrix for a network include the configura-
tion and line parameter information of the network. In most
situations, the network configuration and line parameters
remain unchanged, so bus admittance matrix remains fixed.
Changes in operation conditions are reflected by injected cur-
rents and voltages at the nodes. Generators and loads connected
to the nodes inject power and withdraw power from the net-
work. The product of bus voltage and injected current is the
injected power. At any moment, the power injected in a node
should be equal to the total power that flows from the node. In
other words, the power input and output at a node is balanced
inreal time. Power balancing equations of all nodes can repre-
sent the operation conditions of a power grid as well as network
configuration and line parameters. A set of power flow equa-
tions mathematically represents the full power network. If the
full network model is included in the optimization problem of
economic dispatch as power balancing constraints, the optimi-
zation results obtained for the problem can accurately consider
power grid parameters. Applying power flow equations as full
network model in the constraints of economic dispatch problem
is called optimal power flow (OPF).

OPF has been widely applied in power system analysis
and operation, especially in the economic related system
analysis. OPF is solved every year for long-term power sys-
tem planning. For daily operation, OPF is solved every day
for daily generation scheduling and day ahead market; and
it is solved every hour and every 5 minutes for hourly ahead
market and power balancing market. OPF problem was first
formulated in 1962. Due to the high nonlinearity of the prob-
lem, it is difficult to achieve a converged optimal solution in
a short time.

Researchers are still searching for fast and robust solution
algorithms for OPF. A good solution technique could save a
huge amount of money for a power system. With the devel-
opment of computing technologies, more system operation
constraints can be modeled in the OPF problem to accurately
reflect system operation conditions. In the electricity market,
OPF model is solved for market settlement and market pricing.
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5.2 Power flow formulations

Power network is a complicated system due to its meshed con-
nections of power line components, (R, L, and C) and genera-
tion sources. The relationship of voltage and current cannot
be represented simply using Ohm’s law. Applying Kirchhoff’s
current law at nodes of a circuit is the basis for systematic
formulation of a power network. For a system with N nodes,
current injected tonode i (i = 1, ..., N) is I, and voltage at node
k(k=1,...,N)is V. The relationships of currents and voltages
at nodes can be represented in matrix form as

_!]_ _.Yi] le e Iflk te YIN__VI_
IE Yll YZZ e YZ.‘.‘ e YZN VZ
Ll |0 Y2 - % - Ya |V

In] [Ym Ywo e Y o Yaw [V

The matrix is designated as Y and called bus admittance
matrix. The node equations in matrix notation are expressed
as =YV, where I and V are column matrices and Y is a sym-
metrical matrix. For a network with N independent nodes, the
current 1njected to node 7 1s

N
T ZY,—M Vi=1,_ N 5.1)
k=1

The bus admittance matrix Y represents the electrical behavior
of all network components. Matrix entries Y is determined by
components connected to node ;. In this section, we provide the
formulations of ¥} in terms of admittances of all network com-
ponents. The analytical approach to obtain the formulations is
referred to Stevenson 1982 (Chapter 7).

A network is composed of branches connected between
two nodes and components connected between a node and the
ground. For example, 1if a line connects between node / and
node k, its branch impedance 1s z; = + jxz, where ry 1s line
resistance and x; is line reactance. Then, the branch admit-
tance is yjy, and (yy =1/z;). For a component connected to
node 7, for example, a shunt capacitor or a shunt reactor, its
branch admittance is y;. which is equal to the admittance of
the component.
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5.2.2 Power flow
equations

The diagonal element of bus admittance matrix, ¥, is self-
admittance. Y; is calculated as the sum of branch admittances
of the branches that connect to node 7.

N

Yi= }’fU+Z}’f,(- i 7

k=1

The off-diagonal element of bus admittance matrix ¥ (i # k)
is calculated as the negative of the branch admittance between
node i and node k.

Y,‘;‘- =—Vik Vf:I,___,N and 7 # k

As matrix Y is symmetric, off-diagonal element Y;; equals to ¥y,
so ¥, =Y. Bus admittance matrix entries ¥; (i,k=1,.._,N) are
complex numbers. They are formulated as

Y,=G, +jB, Vik=1,_ . ,N,where G, isconductance and
B; 1s susceptance.

The number of nodes (or buses) in an interconnected power
system is large. In practical, most buses in a power network
connect not more than five other buses, and many of them con-
nect only three buses. In the bus admittance matrix, a large
number of entries are zero. For example, if the mth node con-
nects three other nodes, among N entries of the mth row of the
admittance matrix Y, (kK =1,...,N), only three entries plus the
self-admittance Y, are nonzero. The rest N — 4 entries are zero.
Consider a network with more than 1,000 buses, or a simpli-
fied configuration with more than 100 buses, the number of zero
entries is large for bus admittance matrix. This is referred as the
sparsity feature of bus admittance matrix. The bus admittance
matrix for a real power network is a symmetric sparse matrix.

In power system analysis, a power network is modeled by many
nodes interconnected by branches. Generators, loads, and shunt
components are connected to nodes as power sources inject or
withdraw power from the power network. One-line diagram is
used for representation of a power system.

A power system is composed of many nodes. Kirchhoff’s cur-
rent law applies to each node. Here, we first study the power bal-
ance of each node. The ith node of a N-node system is shown
in Figure 5.1. S is the complex power injected o node i from
the generator connected to the node, Sg; = Py + jQp:. Sp; 1s the
load withdrawn from node i, Sp; = Pp; + jOp;. Sy 1s the com-
plex power that flows from node i to node k, while k =1, N
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FIGURE 5.1 Power balance of node i.

and k #i. If we define S; as the net power injection to node 7,
S; = Sci —Spi. The power injected into node 7 equals to the power
flowing from node i. This power balance applies to any node
i=1...,N. Power balance for any node / can be formulated as

.
Si=Sci—Spi=) Su Vi=l N

k=l

The voltage atnode i 1s V;. Complex power S; at node 7 is calculated
by S; =V.I;, where I, is the current injected into node i. The rela-
tionship of injected currents and node voltages is expressed by bus
admittance matrix, as in Equation 5.1, so we have

J\r *
S, =V’ :V.-[kaJ
k=1
.
=V; YM} Vi=1...,N

Voltage V; is a complex number. We use a polar representation
V; =|Vi|e’®, where 6; is phase angle of voltage V.. If we use
rectangular representation of admittance Y; =G + jB;, then
Equation 5.2 becomes

N
Si =V [ZK—M‘}
k=1

=Vi|e® Z(ij + Bt )* (IV"'lgjax )*]

k=1

(5.2)

k=1

= lV,-le’;e‘ i(Gu— — JBy ) ([V*I e )}
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= ZP/:"E”B’ IVklf_’lB” (GH; = jBﬁ;-)
k=1

N
= ZM“V*‘EHGI_B“ (Gr'k - J-Br'k) Yi=1, N
k=1

Define 0;; = 0; — 0;, then we have

N
S,'Z

Vil

Vile™ (Gir — jBx)

k=1

=

Vi

Wk ‘ (CGS 9,—;; + I,u'. sin e,:k)(G,'k == jB,‘i- )

(3.3)

k=1

N
ZP/;' Vi | ((Gie cos By + By sin 6;)
k=1
+J(Gﬂ sin er-'(. _Bﬁ. COs Bj,{;)) Vi = I,.._,N
As complex power S; is defined as §; = P + ;, so we have
N
P= Z“|*v;|m\(c;,-jk cosOy + Bysin®y)  Vi=1, N

k=1

3.4)

N
Q,' - ZW, W‘-'(Gﬂ‘- sin B,‘;; —B,',(- COos 9,—_;.) ¥i= l.,_ sy N
k=1
or
N
PG,' —PD,' = ijrl Vk|(G,'k COos BH; + Bﬂ- S]..neﬂ-) Yi= I,...,N

k=1

N
Ogi —0Opi = Zi‘/f”Vk[(Gfk sin 6 — By cos Bﬁ;-) Vi=1..,N
k=l

These are power flow equations for a power network. For each
node, there are two equations. By solving all power flow equa-
tions of a network, power flow on each branch and voltage
magnitude and phase angle of each node are obtained. Solution
algorithms for power flow are referred to Stevenson 1982
(Chapter 8) and Bergen and Vittal 2000 (Chapter 10).
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5.3 Optimal power flow modeling

Power flow equations include all branch parameters and net-
work components, and nodal power balancing is formulated
for each node of the system. In economic dispatch problem
formulated in Chapter 4, power balancing is represented with a
simplified equation without network parameters and generator
locations. As power flow equations can mathematically repre-
sent the full network of a power system, we can apply power
flow equations to economic dispatch problem. Then, the eco-
nomic dispatch problem is to optimize system generation cost
subject to power flow constraints of the full network. The net-
work can be accurately considered in the optimization problem.
Combining economic dispatch problem and power flow equa-
tions, the model we obtained is the OPF model.

In power system operation, the classical optimization problem
1s to minimize generation cost. The objective function of OPF
problem is the same as economic dispatch problem to mini-
mize the total generation cost Cy,,;, Which is the sum of the
costs of all generating units. The objective function can be
expressed as

N
Min Cry = ) Ci(Fer) 5.5)
i=l

where Pg; (I = 1,..., N) is generation schedule of the generat-
ing unit connected on node i and C; is the cost function of the
generating unit. The objective function is optimized subject to
power flow equations for each node (Equation 5.6), and other
operations limits (Equations 5.7 through 5.10).

Power flow constraints:

N

Poi=Ppi=)_

k=1

Vi

’V};‘(Gﬂ- CcOos BM- +B; Si.ne,-,;.) Yi=L..,N
(5.6)

§
QG:‘—QofZZP&‘M‘(GL.sinﬁ,-k—BjkcosB,-k) Vi=1,..,N
1

k=

Generation limits:

PP P < PP VWi=1..,N (5.7)
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6" < Qi <08 Vi=1,.. N (5.8)
Bus voltage limits:
VR LY V™ Ni=1...,N (59)
Transmission line limits:
|Sx| < S Vik=1,...,Nandi=k (5.10)

where S;; is the complex power that flows from node i to node k.
The transmitted power on a line should be lower than its trans-
mission capability limit.

The objective function (Equation 5.5), equality constraints
(Equation 5.6), and inequality constraints (Equations 5.7
through 5.10) form the classical OPF problem that minimizes
the cost of generation. In this optimization model, generator
active power output Pg; and reactive power output Q; are con-
trol variables (or decision variables). For a P-V bus, genera-
tor voltage V; is control variable and voltage phase angle 6, is
state variable. In power system operations, according to differ-
ent purposes, other objective functions can be optimized. For
example, for reactive power optimization problem, the objec-
tive function is to minimize the total reactive power generated
by generators. In some situations, the system operator uses OPF
to minimize the total load shedding, minimize interarea power
exchange, or minimize the amount of active power adjustment.
Then, control variables in these OPF models are switched shunt
capacitor setting O, reactive power injection from a static
VAR compensator (SVC), DC tie line flow, phase shift trans-
former tap positions, and so on. Besides control variables and
state variables, known parameters of the system are network
topology, line parameters, voltage limits, transmission limits,
generation limits, and generation cost coefficients. They are the
parameters in the OPF problem.

The mathematical model (Equations 5.5 through 5.10)
can be formulated with a general optimization formulation
(Equations 5.11 through 5.14). Use u to represent vector of con-
trol variables and x to represent vector of state variables, then
the OPF model can be formulated as

Min f(u) (5.11)
subject to:

g(u,x)=0 (5.12)
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h(u,x) <0 (5.13)

Upin S U S Uy, (5.14)

Y NS (5.15)
where:

g is the equality constraints
h is the inequality constraints

Interconnected power systems are usually large in size.
A transmission system with different voltage levels covers a
wide geographical area. For a power grid with an average size,
for example, a power system that supplies the customers of a
province or a state, there are hundreds of substations, thou-
sands of transmission lines, and hundreds of generating units
to supply customers in the area. Even on a simplified one-line
diagram of a system of such a size, there are multihundred
nodes and thousands of lines. It is obvious that the number
of control variables and state variables is large. Power system
is mainly an AC system. Voltages and currents are described
as sinusoidal functions. Power system is well known for its
nonlinearity in system control. Power flow equations, which
are the network representation in OPF model, are nonlinear
equations. Also, the number of nonlinear equations is large.
If a system has 1,000 nodes, the number of nonlinear equa-
tions is at least 2,000. Classical OPF problem is a complicated
nonlinear programming (NLP) problem. Besides nonlinear-
ity, some variables in OPF problems are discrete variables, for
example, positions of transformer tap changers, switch status
of shunt capacitors, and reactors. This increases the difficulty
of the problem and makes the problem a mixed-integer nonlin-
ear programming (MINLP) problem. Moreover, OPF problem
1s a nonconvex problem, whose global optimal solution is not
guaranteed.

Being a constrained optimization problem, OPF can be
solved using constrained optimization algorithms, such as dual
methods, penalty methods, and augmented Lagrangian methods.
For solution algorithms and their applications to power system
optimization problems, refer to Castillo et al. (2002). The clas-
sical method to solve OPF problem 1s gradient methods. The
Lagrangian function is built considering both equality equa-
tions and inequality equations. The gradient of the Lagrangian
function indicates the searching direction of each iteration until
convergence is obtained. Kuhn-Tucker conditions are necessary
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conditions for optimization. Inequality constraints are difficult to
be considered with gradient methods. To consider the inequality
constraints of the problem, complimentary slackness condition is
enforced for optimization. Karush-Kuhn-Tucker (KKT) condi-
tions are necessary conditions for reaching an optimum for an
inequality-constrained OPF problem.

Nonlinear OPF problem with both nonlinear objective func-
tion and nonlinear constraints can be solved using interior point
method. Interior point method handles inequality constraints by
adding slack variables to inequality constraints and converts all
inequality constraints to equality constraints. Then log barrier
terms are added to the objective function. The modified prob-
lem is solved with gradient method using Lagrangian function.
Barrier parameters are forced toward zero during the iterations
and close to zero when the iteration reaches a solution. Interior
point method is a good solution method for solving nonlinear
OPF problem, especially when full AC network model (power
flow equations) are needed in the optimization.

Linear programming (LP) is a powerful optimization tech-
nique. LP can handle both equality constraints and inequal-
ity constraints, and it can guarantee an optimum solution for
a linear optimization problem. LP algorithms and toolboxes
are mature, and their optimum solutions are stable. To solve
nonlinear OPF problem with LP solvers, we can linearize
the nonlinear OPF problem. The nonlinear (quadratic or cubic)
objective function can be linearized by using a linear cost func-
tion or piecewise linear cost functions. Power flow equations
in the equality constraints of OPF problem are highly nonlin-
ear. We can use DC power flow equations instead of AC power
flow equations to linearize the equality constraints. The power
transmission limits in inequality constraints can also be linear-
ized, as DC power flow provides linear relationships between
node power injections and line power flows. The convergence
of linearized OPF problem is guaranteed; however, the solu-
tion might be a suboptimal solution of the original nonlinear
problem, and the AC full network may not be fully respected.
To improve the solution, we can use the solutions of linearized
OPF to perform AC power flow and obtain the new operation
points, then use the new operation points as initial points to
solve the nonlinear problem, and iterate until better solution
converges. Another disadvantage of linearize OPF problem is
that reactive power is hard to be linearized. If reactive power
needs to be studied in the OPF problem, it is not suggested to
linearize the problem by replacing AC power flow with DC
power flow. Nonlinear programming (NLP) solvers are well
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developed by mathematicians in recent decades. For example,
the optimization solver MINOS is a well-known NLP solver. It
is powerful enough to solve the nonlinear OPF problem with
AC power flow constraints.

54 DC optimal power flow

DC optimal power flow (DCOPF) is a simplified version
of AC OPF model by replacing AC power flow equations in
the constraints with DC power flow equations. In power
flow Equation 5.6, active power injection to node / in AC
formulation is

Fi — Ppi Zilvrl

k=l

V;l-|(G,'k Ccos er’k + B sin El,-k )

Neglect self-connected branch (i, i), the power flow on branch
(i, k) can be written as P ;.

E,k = IVr'lz G — ’V:'

If we use the assumption that voltages are close to per unit
value 1, phase angle differences are small, and line resistance
1s much smaller than reactance, |V][ = ’VL =1, sinB; =0y,
cosB; =1, and 1 =0, the formulation of P, ; can be simplified
to the DC power flow as follows:

‘1«&-|(G’,‘,{- CcOSs 8,-;; + BJ:J; sin 8,1- )

Fy =—B; (9:' -0, ) = (er' -0 );HXH;

where X ; is the reactance of branch (i, k).
Applying the simplified DC power flow equation to node
active power injection functions, we have

N

N

Poi=Poi= Y Px= (0:-0:)/Xs  Vi=L_.N
k=1
k#i

k=1
k=i
This equation can replace Equation 5.6 in the OPF model to
represent power balancing in the network.
The mathematical model of DC OPF can be represented as
follows:

N
Min Croa = Y Ci(Fai) (5.16)

i=]
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subject to:
DC power flow constraints:

N
Boi—Poi= Y (0=0:)/Xa Vi=1..,N (5.17)
i
Generation limits:

PO < P < P2 Yi=1,.,N (5.18)

As all voltages are assumed to be 1, there is no reactive power
or voltages in the DC OPF model. This model can be used for
the problems in which only active power needs to be optimized,
or in the cases where reactive power and voltage issues can be
ignored. There is no power loss in the DC OPF model. As DC
OPF is a LP problem, there is no convergence problem. The
computation speed is much faster than solving an AC OPF
model, particularly for a large system. The calculation error of
DC OPF due to the approximations is around 3%—10% com-
pared to the accurate results obtained from AC OPF model.

5.5 Security-constrained optimal power flow

OPF procures the optimal generation schedule by minimizing
the total generation cost subject to power flow constraints and
operation limits. The solutions are obtained based on normal
state grid topology and load profiles. It has been recognized
that the results of OPF obtained for the normal state may not
be able to maintain the system safety operation after a line or a
generator outage. Security issues need to be considered in the
OPF model. The purpose is to obtain generation schedules that
can keep the system in a normal state even after a major system
disturbance. To implement this, the original OPF problem is
solved subject to additional security-related constraints, which
1s security-constrained OPF (SCOPF).

Security constraints include the operation limits of post-
contingency configurations for a given set of contingencies. In
other words, the generation schedules obtained from solving
SCOPF have rescheduling abilities to maintain the system in
the normal state after contingencies. Contingency sets are pro-
vided by contingency analysis.

In OPF model (Equations 5.11 through 5.15), u and x are
vectors of control variables and state variables, respectively,
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g and h are equality constraints and inequality constraints,
respectively. For a given set of contingencies, assume the num-
ber of system postcontingency configurations is ¢. For the kth
contingency (k =1, .., ¢), control variables and state variables
are represented by u, and x,, respectively, for the postcontin-
gency state. The control variables and state variables of the
operation constraints for precontingency state (or base case)
for SCOPF are uqy and x4. Operation equality constraints and
inequality constraints for the base case are represented by g
and hy. Equality constraints and inequality constraints for con-
tingency cases are gy and hy, respectively.

SCOPF problem formulations are generally formulated with
two approaches: preventive SCOPF and corrective SCOPFE. In
preventive SCOPF model, the rescheduling of control variables
(generation output schedule) is not allowed. In corrective SCOPF
model, control variables (generation output schedule) could be
different in contingency states than the base case. The math-
ematical models of the two approaches are presented as follows:

The preventive SCOPF model is formulated as

Min f(uy) (3.19)
subject to:
go(Ug,Xo) =0 (5.20)
ho(ug,Xp) <0 (5.21)
U, SU; SU,,, (5.22)
Xinin < Xp £ X (5.23)
g, (uy,%,) =0 Lo e . (5.24)
h(ug,%)<0  Vk=1, ¢ (5.25)
X, <X, X, V=100 (5.26)

The corrective SCOPF model 1s formulated as
Min f(u,) (5.27)
subject to:

go(Uy,Xy) =0 (5.28)
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hg(uy,Xe) <0 (5.29)
Upin < Ug = Wy (5.30)
X S X X (5.31)
g (u,x,)=0 Vk=1,...,c (3:32)
h, (u,,x,)<0 Ye=1....¢ (5.33)
W S0 < Uy Yk=1..¢ (5.34)
Xipe: SR S Xy Ye=10 (5.35)
w —uy|<Au  Vk=1,..,¢ (5.36)

Equations 5.20 through 5.23 and 5.27 through 5.31 are the
same as those of the conventional OPF model. They represent
the constraints for the precontingency state, or the base case.
The optimal solutions are obtained for the control variables of
precontingency state with a minimum value of the objective
function, for example, the optimal generation schedules for a
minimum total generation cost. Constraints in Equations 5.24
through 5.26 and constraints in Equations 5.32 through 5.36
impose postcontingency operation constraints (or security
constraints) to the optimization problem to obtain the optimal
precontingency generation schedules, which can be adjusted
by corrective actions to still maintain the system security for
any contingency state k in the contingency set. Constraint in
Equation 5.36 applies to the allowed maximal adjustments for
control variables to change from the precontingency state to a
postcontingency state in corrective SCOPF. Preventive SCOPF
can be regarded as a special case of corrective SCOPF with
Au=0vk=1_,c.

SCOPF minimizes the objective function subject to power
flow equations, operation limits and operation constraints of
contingency states. The solution of SCOPF not only satisfies
power flow equations and operation limits for postcontingency
states but also ensures that the procured solutions of control
variables uy, for example, generation schedules, are possible to
move to a new steady state, u, and x,, after a contingency k. In
other words, solutions of SCOPF are feasible to be adjusted by
corrective actions to satisfy operation and safety requirements
of N — 1 contingencies, or even N — 2 contingencies. Corrective
actions are usually predefined topology changes corresponding
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to the contingency. The system operator is used to defining a
list of N — 1 contingencies and N — 2 contingencies at the sys-
tem planning stage. For each contingency, a list of possible cor-
rective actions is suggested that can be taken to maintain the
system security after the occurrence of the contingency. SCOPF
is a much more complicated optimization problem compared to
standard OPF due to its large size of postcontingency constraints.

SCOPF problem is a NLP problem due to the nonlinear-
ity of AC power grid. If discrete variables are formulated in
the SCOPF problem, it becomes a MINLP. For a large power
system, the size of SCOPF problem is large owning to the big
number of nodes and contingencies considered. Solving the
MINLP optimization problem for a large system while simul-
taneously solving all contingency constraints is not an easy
job. It requires high-performance computers as well as feasible
solution algorithms. It is necessary to simplify and reduce the
size of the SCOPF problem in order to reach a feasible opti-
mum solution in a reasonable time for practical applications.
The problem can be simplified by reducing the number of con-
sidered contingencies in the contingency set or simplifying the
postcontingency states.

In real systems, most contingencies may not affect optimal
solutions; in other words, they are nonbinding constraints and
do not really constrain the optimum. Only some contingencies
constrain the optimum of the SCOPF problem. Including the
full set of contingencies may result in extra numerical prob-
lems in the iteration process. It would be more efficient to find
the smallest subset of contingencies that constrain the problem
and result in the same objective value as the full set of contin-
gency constraints. Only including the binding contingencies in
the found subset to the SCOPF problem can reduce the size
of the optimization problem. Linearization is another method
to simplify the SCOPF problem. Especially for active power-
related SCOPF problems, DC power flow equations are used.
Guaranteed convergence to a global optimization solution is the
major advantage of linearizing the SCOPF problem. However,
the accuracy of the approximation in the linearization may be
challenged, particularly for extremely nonlinear heavy-load
conditions. For SCOPF problems that optimize reactive power,
linearization approximation may have limitations in represent-
ing the original problem. The development of computation
technologies and new optimization solution algorithms made
it possible to apply SCOPF on large power systems for day-
ahead generation scheduling or market operation. For real-time
application of SCOPF, DC network model needs to be used to
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5.6.1

Test system

reach a feasible and acceptable solution within a short time.
Parallel computation technologies and distributed computa-
tion are recently applied to solve the subset of postcontingency
states independently.

5.6 Examples

In this section, we will use the IEEE standard system as exam-
ples to illustrate ACOPF, DCOPF, and SCOPF. IEEE standard
systems include 14-bus system, 30-bus system, and 118-bus sys-
tem. Here, we use IEEE 30-bus system for the examples. The
topology structure of IEEE 30-bus system is shown in Figure 5.2.

The branch parameters of the system are the IEEE standard
parameters that can be found online. There are 30 buses,
41 branches/lines, and 6 generators in the system. The 6 genera-
tors are located at buses 1, 2, 5, 8, 11, and 13. There are 22 buses
that have electricity demand. The active power demand Pp, for
bus i is listed in Table 5.1.

FIGURE 5.2 One-line diagram of IEEE 30-bus system.
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Table 5.1 Active power demand for the 30-bus system (unit: MW)

i Ppi i Ppi i Py i Py, i Py, i Py
1 0 6 0 11 0 16 35 21 17.5 26 35
2 21.7 7 22.8 12 112 17 9 22 0 27 0
3 24 8 30 13 0 18 32 23 32 28 0
4 7.6 9 0 14 6.2 19 95 24 87 29 24
5 94.2 10 5.8 15 32 20 22 25 0 30 10.6

Table 5.2 Coefficients of generation cost functions

Generatori @ ($/MWh?) b ($MWh) ()  Py" (MW)  P™ (MW)
1 0.12 30 80 40 0
2 0.05 25 40 80 0
5 0.1 38 25 30 0
8 0.2 20 35 80 0
11 0.15 40 50 100 0
13 0.08 32 50 180 0
The generation cost function C;(F;;) for each generator at
bus i is assumed to be a quadratic function as follows:
CF(PG:')ZG:'P& +biFsi +c;
The coefficients a;, b;, and ¢; for generators at bus 7 are listed in
Table 5.2. Generation limits are also given in the table.

5.6.2 Example By solving the ACOPF model with full network constraints
for AC (Equations 5.5 through 5.10), the solution is generation sched-
optimal ules for the six generators. Using NLP optimization solver to
power flow  solve the problem assuming transmission limits are not con-

strained, optimal generation schedule is obtained as given in
Table 5.3.

From the results shown in Table 5.3, we can see that genera-
tors at bus 1 and bus 2 are relatively cheaper and scheduled to
reach their generation limits 40 and 80 MW, respectively. The
total load of the system is 283.4 MW. The optimal generation
schedule in the table shows that the total generation for the opti-
mal solution is 286.765 MW. The losses consumed by branch
resistances are (286.765 — 283.4) = 3.365 MW. The standard
30-bus system has well-designed line parameters such that
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5.6.3 Example
for DC
optimal
power flow

Table 5.3 Optimal generation schedule for
solving the ACOPF model

Generator 1 Generation schedule P (MW)

40
30
32267
57.887
11.819
64.792

—_ 0a Uh B

ek
Tad

the loss percentage is relatively low compared to a real power
network. The optimized objective function, the total cost, is
$10,053.08.

If we only consider line reactance and solve the optimization
model with DC load flow constraints by solving Equations 5.16
through 5.18, the generation schedule using DCOPF model is
obtained. Table 5.4 shows the generation schedule results of
DCOPFE.

Same as solved by the ACOPF model, generators at bus 1
and bus 2 reach their generation upper limits. The total gen-
eration is 283.4 MW, which is the same as the total load. The
reason is that transmission losses are not considered in DC load
flow. A comparison of the results in Table 5.4 (DCOPF) with
those in Table 5.3 (ACOPF) shows that the relatively expensive
generator at bus 5 is dispatched to generate less because of the
decrease in total generation. The total generation cost in this
case is $9,901 .46.

Table 5.4 Optimal generation schedule for
solving the DCOPF model

Generator { Generation schedule P (MW)

40

80
2563
57.815
1042
69.536

e .~ N i I S R

Tl =




5.6.4 Example for
security-
constrained
optimal
power flow

75

To obtain optimal generation schedules that satisfy the network
operation requirements for both the normal state and contin-
gency states, SCOPF model considering constraints for con-
tingency states is proposed. In this example, we use AC load
flow constraint-based SCOPF model for the case study. We first
setup a contingency set, as shown in Figure 5.3.

We assume the contingency set includes 15 lines (i.e., other
lines can also be in the contingency set). The lines in the con-
tingency set are marked with a symbol */” in Figure 5.3. Here,
we assume the system satisfies the N — 1 contingency criteria. It
means, for any one of the 15 lines in the contingency set, if the
line 1s out of service, the system is still safe and can be oper-
ated with the rest of the lines in the system. The total number
of lines in the IEEE 30-bus system is 41; if any one line in the
contingency set is disconnected, the system could operate with
the rest 40 lines.

In this example, we use preventive SCOPF model
(Equations 5.19 through 5.26) for the case study. Control variables
in the model are generation outputs of the six generators, Fg;, in
normal state/base case. The constraints in Equations 5.20 through
5.23 are load flow constraints and inequality constraints, they

FIGURE 5.3 Contingency set of the IEEE 30-bus system for the
example of SCOPF.
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are same as in the ACOPF model. Constraints in Equations 5.24
through 5.26 are the load flow constraints and inequality con-
straints for all 15 contingency states. For each contingency, due
to the loss of one line, the network matrix is different than base
case.

AC power flow-based SCOPF is more complicated than
normal ACOPF due to a large number of constraints. For
this example, we can calculate the number of constraints for
ACOPF and AC power flow-based SCOPEF. In this example, the
number of bus is 30, and the number of line is 41.

» For ACOPF, there are 30 active power balance equal-
ity constraints, 30 reactive power balance equality con-
straints, 6 inequality constraints for generator output
limit, 30 * 2 inequality constraints for voltage upper
and lower limits, 30 * 2 inequality constraints for phase
angle upper and lower limits, and 41 * 2 inequality
constraints for transmission line limits. In total, the con-
straint number is 268.

» For an AC power flow-based SCOPF, besides the 268 con-
straints for base case, for each line contingency, there are
2606 constraints. The calculation for 266 is the same as
earlier except there are 40 * 2 inequality constraints for
transmission line limits due to the loss of one line in the
contingency. As we have 15 contingencies in the contin-

gency set in this example, the total number of constraints
1s 268 + 266 * 15 = 4258.

From the calculation, we can see that the calculation burden
for a SCOPF model is much bigger than that for the regular
ACOPF. In this example, we only put 15 lines in the contingency
set. If we put all 41 lines in the contingency set, the number of
constraints would be 268 + 266 * 41 = 11,174. In practical, a
real network could have thousands of buses and thousands of
lines. We can imagine how big a SCOPF problem will be. In
real-world applications, to calculate SCOPF for a large system,
usually DC load flow is applied for SCOPE. Otherwise, it is
hard to obtain feasible solutions for such a large-size SCOPF
problem if AC load flow equations, which are highly nonlinear,
are included in the constraints.

In this example, to show the loss effect of the SCOPF model,
we use AC load flow constraints for SCOPF. To reduce the cal-
culation burden and obtain feasible solutions, we limit the num-
ber of contingencies in the contingency set to 15 instead of 41.



CHAPTER SIX

Unit commitment

6.1 Introduction

Electricity demand changes with human being’s activities, as
well as weather and season changes. There are more electricity
consumptions during the daytime of weekdays, while electric-
ity consumptions in the evening and weekends are relatively
low. The electricity demand during the peak hours in a system
could be more than double of the demand of the off-peak peri-
ods. The shape of a daily electricity load profile looks like a
peak and a valley, as shown in Chapter 3. In different seasons,
electricity consumptions change with temperatures, weather,
and other factors. Load profiles of a system have their daily
cycle, weekly cycle, seasonal cycle, and annual cycle. Within a
load cycle, not all generating units need to be ON for the whole
time period. Some of the generating units are only switched
on during the peak hours and switched off when electricity
demand is low. This is an optimization process that needs a
mathematical model to optimize the schedule for switching on
or off generating units. This problem is unit commitment (UC)
problem in power system operations.

Unit commitment is a multiple time period optimization
problem. The goal of optimization is to decide the ON/OFF
schedules for all generating units in the system for a long time
period, such as 1 week, 1 month, or 1 year. The optimization is
based on generation costs, startup costs, the load profile, system
operation constraints, and other limits. In this chapter, we will
first use an illustrative example to explain the principles of Unit
commitment. Then, the mathematic model of Unit commitment
is presented and discussed.

83
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6.2 lllustrative example of unit commitment

We first use an illustrative example to describe the basic con-
cept of UC. Transmission network and losses are ignored in the
example for simplicity. Assume there are three generators in the
system. Their cost functions are same as used in Example 4.1, as
shown in the following equations:

Generator 1 F(F;)=0. 148PS.1 +1994F;, +16425
150 MW < P, <300MW

Generator 2 F(F;,)=0.024F., +252.7F;, + 16686
300MW < P, <600MW

Generator 3 F(Py3) = 0.109P% + 168.0P;; +16639
250MW < P, <400 MW

In this example, to simplify the calculation procedure, we select
three generators from the four generators in Example 4.1. To
supply the load in the system, there are seven options (2° —1) to
combine the three generators, which are shown in the following
table. If the system has N generators, the options of committing
generators is 2" —1, while only the options that the total genera-
tion is higher that the load are selected as feasible solutions.

Options 1 2 3 4 5 6 7

Generator 1 ON - - ON ON - ON

Generator 2 — ON - ON - ON ON

Generator 3 — — ON - ON ON ON

Maximum 300 600 400 900 700 1000 1,300
output (MW)

For a load of 500 MW, options 1 and 3 do not have enough
capacity to supply the load. The maximum outputs of gen-
erator 1 and generator 3 are lower than the load, 500 MW.
Options 2, 4-7 are feasible solutions to supply the load.
The next question is which option is the best solution. As
the generators that are ON in each option i1s given, we can
use economic dispatch (ED) or optimal power flow (OPF) to
obtain the least-cost generation schedule for each option. In
this illustrative example, transmission network is ignored, so
we use the equal-A method introduced in Chapter 4 to obtain
ED result for each option.
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Option 2: The solution is: generator 2 is ON and generates
500 MW (ignore losses). The coal consumption of this
solution is

F(Ps2)| s soo = 0.024 P2, + 252.7P;;, +16686 = 149,039 kg

Option 4: Both generator 1 and generator 2 are ON. The
optimal generation outputs are obtained for two genera-
tors using equal-A method. The procedure is shown as
follows:

dF (F;) _ dF (Ps,) i
dPGI de

0.296P,, +199.4 = &
, an
0.048P,, +252.7= A

P51+P52 :500 MW

The solutions are P, =224.7 MW, Ps; =275.3 MW, and
A =265.93 kg/MWh. The coal consumption is

F(Rt:l)l;’m:m.? * F(Pcz)lﬁnﬂ?sa =156,776 kg

Option 5: Both generator 1 and generator 3 are ON. The
optimal generation outputs are obtained for two genera-
tors using equal-A method. The procedure is shown as
follows:

?

dFg, dFg; 0.218P;; +168 =4

PG]+PG],:500MW

The solutions are P =151MW, P;; =349 MW, and
A =244.09 kg/MWh. The coal consumption is

F(PG])le:lS] 2 F(Pcs)l;?m:_u@ =138,456 kg

Option 6: Both generator 2 and generator 3 are ON. The
optimal generation outputs are obtained for two genera-
tors using equal-A method. The procedure is shown as
follows:

dF (Pcz ) dF(Pm ) N 0.048F;, +252.7 = A d
— — —- dn
dP., dP., 0.218P;5 + 168 =\

PGE+PG3:50GMW
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The solutions of aforementioned three equations are
F6:=91.2MW, F;;=408.8 MW, and L=257.12kg/MWh.
However, the maximum output of generator 3 is
PY™ =400 MW. So, the optimal solution considering
output limits is F;; = 100MW, F;; =400 MW. The coal
consumption is

F(Fs2)

Poa=100 F F(Pm)‘ Ris=a00 = 143,476 kg

Option 7: All three generators are ON. The optimal
generation outputs are obtained for them using equal-A
method. The procedure is shown as follows:

dF (Fs ) _ dF (Ps,) _ dF (F;3)
dPG] dPGZ dPGJ

=4

0‘296PG] + ].99«4 = ?L
—  J0.048P,, +252.7=1%, and
0.218F;;+168=4

PG]'E'PGE'{'PG}:SOO MW

The solutions obtained from previous four equations
are Py =172 MW, P.,=-50MW, P.;=378 MW, and
A =250.35 kg/MWh. As generation output cannot be nega-
tive, we set F;; = 0MW. Then, only generators 1 and 3 are ON,
which becomes option 5.

The feasible options and their solutions for load 500 MW are
summarized and listed in the following table.

P 0 =500 MW

Option 2 4 5 6
Generator 1 (MW) - 2247 151 -
Generator 2 (MW) 500 275.3 - 100
Generator 3 (MW} - - 349 400
Total coal 149,036 156,776 138,456| 143,476

consumption (kg)

It is obvious that option 5 is the best solution. Generators 1 and
3 are committed for the hour with load 500 MW, while the
output of generator 1 is 151 MW and that of generator 3 is
349 MW. The coal consumption is 138,456 kg, which is marked
with a square.



87

To supply the system load, there are different options of
combining different generators. For each set of generator com-
bination, the optimal generation schedule is obtained using
ED problem. It shows that the optimal solution are different if
different generators are committed for the hour. ED problem
is a subproblem of UC problem. UC problem searches for the
best unit combination for an hour, whereas ED solves for opti-
mal generation schedule for the unit combination.

If the system load varies from 400 to 1,100 MW in 1 day, we
can obtain the best UC option and generation schedules for each
load level following aforementioned procedures. To implement
this manually, we repeat earlier calculations and obtain the
results for load levels of 400, 500, 600, 700, 800, 900, 1,000,
and 1,100 MW. Here, a step of 100 MW is applied. If needed, a
smaller step can be used for a more detailed solution. Feasible
solutions for different load levels are obtained and shown in the
following tables. For each load level, the UC option with the
lowest coal consumption is marked with a square.

Py =400 MW

Option 2 @ 4 5 6
Generator 1 (MW) — - 211 108.5 -
Generator 2 (MW) 400 - 189 = 9.3
Generator 3 (MW) - 400 X 201.5 300.7
Total coal 121,606 (101,279 130,391 114,675 117.953

consumption (kg)

P, ..=500 MW

Option 2 4 ® 6
Generator 1 (MW) e 2247 151 =
Generator 2 (MW) 500 275.3 - 100
Generator 3 (MW) - - 349 400
Total coal 149 036 156,776 138,456| 143476

consumption (kg)

P, ,.q= 600 MW

Option 2 4 ® 6 7
Generator 1 (MW) - 238.7 200 = 183.8
Generator 2 (MW) 600 361.3 — 200 22.5
Generator 3 (MW) - - 400 400 393.7
Total coal 176,946 183,573 [163,504| 169465 180,134

consumption (kg)
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P =700 MW
Option 4 ® 6 7
Generator 1 (MW) 252.6 300 — 197
Generator 2 (MW) 4474 - 300 103
Generator 3 (MW) - 400 400 400
Total coal 210,785 190,844 195,935 205.698
consumption (kg)
P, = 800 MW
Option 4 ® 7
Generator 1 (MW) 266.6 = 211
Generator 2 (MW) 5334 400 189
Generator 3 (MW) - 400 400
Total coal 238409 222,885 231,670
consumption (kg)
P, = 900 MW
Option 4 ® 7
Generator 1 (MW) 300 — 224.7
Generator 2 (MW) 600 500 275.3
Generator 3 (MW) - 400 400
Total coal 266,511 250,315 258,055
consumption (kg)
P = 1,000 MW
Option ® 7
Generator 1 (MW) - 238.7
Generator 2 (MW) 600 361.3
Generator 3 (MW) 400 400
Total coal consumption (kg) 278,225 284,853
P = 1,100 MW
Option @
Generator 1 (MW) 252.6
Generator 2 (MW) 447 4
Generator 3 (MW) 400
Total coal consumption (kg) 312,064
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Table 6.1 Unit commitment and generation schedule results for different load levels
Load (MW) 400 500 600 700 800 900 1.000 1,100
Generator 1 — 151 200 300 e = = 252.6
Generator 2 — — = = 400 300 600 447.4
Generator 3 400 349 400 400 400 400 400 400
Load (MW)
1200 1,100 1,100
1000
800

0

400 400

600
50
400
200 I I
0

1,000 1,000 1,000
900 900 900 900900
800 800 800
700 700 700
600 600
5iasiol ' I | | Sin

1 2 3 4 5 6 7 8 9 1011 12 13 14 15 16 17 18 19 20 21 22 23 24

FIGURE 6.1 A 24-hour load profile.

According to the results obtained in the tables, the best (optimal)
UC options are summarized for different load levels and listed
in Table 6.1.

From the table, a priority list is obtained for generators
with the increase in load. The priority list is (1) generator 3;
(2) generators 1 and 3; (3) generators 2 and 3; (4) generators
1,2,and 3.

Load in 1 day varies for different hours. A 24-hour load
profile is provided in Figure 6.1. There are two peak load periods,
one is in the morning before noon time and the other one is in
the afternoon. The load in the night is low.

Considering both the UC results in Table 6.1 and the 24-hour
load profile in Figure 6.1, we can obtain the UC schedule for
24 hours as shown in Table 6.2.

The table shows that generator 3 1s always ON for the whole
day. Generator 1 is switched on at 4 a.m. in the morning when
the load increases. With further increase in load, generator
1 reaches its limit and swaps with generator 2, generator 2 is
ON. When the load reaches the peak value, 1,100 MW, all three
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generators are ON to supply the load. After 12 p.m., generator
1 is OFF, both generators 2 and 3 are remained ON to supply
the load until 8 p.m. in the evening. From 9 p.m., generator
2 is shut down and generator 1 is ON to supply the load with
generator 3 until 1 a.m. Then, generator 1 is OFF, only genera-
tor 3 is kept running to supply the load during off-peak period
until 4 a.m.

We use a three-generator system to show the concept of UC.
The method first enumerates all unit combinations for each load
level and runs ED problem to obtain the generation schedule for
each unit combination, then the most economic unit combina-
tion 1s determined for each load level. A priority list is obtained
for the least-cost UC. If the load profile is available, the system
operator can decide the sequence of switching ON/OFF the
units according to the priority list. The method can be used to
manually obtain UC solutions, except that the calculation bur-
den would be huge if the number of generators in the system
N is large. There will be 2" — 1 options for N generators, and
ED needs to be calculated for all feasible options of all load
levels. Here, we use this enumeration method to do UC, as a
good example to explain the concept of UC, as well as the rela-
tionship between UC problem and ED problem. However, the
method considers only generation costs/fuel consumptions, and
the balance of generation and load. System operation limits and
generating unit constraints are not considered in the method.
Using optimization and computation technologies, it is possible
to include all operation constraints in an optimization problem
to mathematically formulate UC problem. In the next section,
the mathematical model is presented to formulate all constraints
and considerations of UC problem.

6.3 Mathematical model of unit
commitment problem

In power system operations, generation schedules are made for
each hour. For example, the generation schedule obtained from
ED or OPF is the hourly generation output (in MW or kW) for
each generator. The energy accumulated in the hour is the prod-
uct of generation output and 1 hour, which is in MWh or kWh.
Similarly, UC problem schedules unit ON/OFF for each hour.
Electricity load has daily cycle, weekly cycle, seasonal cycle,
and annual cycle. UC is a multiple time period optimization
problem to decide the unit operation schedules from 24 hours
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6.3.1 Variables of
unit com-
mitment

problem

6.3.2 Objective
function

(1 day) to 8,760 hours (1 year). The optimization problem
formulated for UC includes the ED subproblem within hourly
optimization. The links between time periods are represented
by some interhour constraints.

The objective function of UC problem is to minimize the
total cost, including operation costs, startup costs, and so on,
within the whole period, say 8,760 hours for 1 year. The objec-
tive is obtained subject to various constraints, including system
operation constraints, generating unit constraints, intertime
period constraints, constraints to start up/shut down units, and
SO on.

6.3.1.1 Control variables For the system operator, the
purpose of running UC program is to obtain the unit ON/OFF
schedules and generation schedules for each hour. Control vari-
ables in the problem are ON/OFF states of generation unit
during time period ¢ and generation output of unit i during time
period ¢. If the total number of generators in the system is N
and the total number of time period is T, theni =1,...,N, and
t=1, .,T. In many cases, the UC problem is simulated for 1
year (8,760 hours), so it is common to see the expression that
t=1,...,8760.

In this chapter, the control variable, generation output of unit
i at time period ¢, is represented by the symbol F; ;. The upper
and lower limits for unit i are P;%™ and P2", respectively. If
reactive power is considered, reactive power of unit 7 at time
period 1 is represented by O ; and its upper and lower limits are

M and QGM,;'-“, respectively. For PV nodes, their voltages, V/,

are control variables.

We use symbol W;' to represent the state of unit; during time
period t. Variable W' is a binary variable, which represents the
ON or OFF state of a unit at time 7.

W, =1, uniti is ON at time ¢

W.! =0, unit is OFF at time ¢

6.3.1.2 State variables Voltages of non-PV nodes V; and
phase angles 6; are state variables in the UC problem. State
variables change with the changes in control variables that
adjust power generations and switch ON/OFF generation units.

The objective function of UC problem is similar as OPF. It
minimizes the total cost of all scheduled generations in all time
period, plus the startup cost for switching ON generating units
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during the whole time period. The formulation of objective
function is

T N

Min Z ZC,-(P(;_,-H Startup Cost (6.1)

1=l =1

where C;(e) is the cost function of generator i, which is similar
to the generation cost function introduced in ED and OPF prob-
lems. The selection of unit / during time period ¢ is determined
by binary variables W' as shown in constraints (Equations 6.2
and 6.3).

As UC problem schedules ON/OFF schedules for genera-
tion units. The cost of starting a unit should be included in the
objective function. The startup cost 1s mainly caused by ther-
mal units. As the temperature and pressure of the furnace of a
thermal unit moves slowly, certain amount of energy is needed
to bring the unit online. This results in startup cost. The amount
of startup cost needed depends on the statues of the unit. If
the unit is started from a cold machine, more startup energy
is needed. If the unit is just turned OFF and its furnace tem-
perature is not too low compared to the operation temperature,
less startup energy is needed. For different types of generation
units, their startup costs are different and can be formulated
with linear cost functions or nonlinear cost functions, which
also rely on whether they were treated as cooling machines or
banking machines when turned down.

6.3.3.1 Generator output limifs Each generation unit has
its maximum generation capacity F;;™. The output of a unit
cannot be higher than P;%™ at any time period. The generation
output upper limit is represented by

P <W!xP¥>™  ¥i=1_.N and Vi=1,...T (6.2)

Steam turbine-based generators have minimum load limita-
tions. For example, some generators are required to operate
at least 30% of their generation capabilities. The minimum
generation requirements are set due to fuel combustion stabil-
ity requirements and generation design requirements. For other
types of generators, the minimum loading requirements are not
so strict. The generation output lower limit for UC problem 1s
expressed as

Wi x P < FPE; Vi=L...,N and Vt=1,....,T (6.3)
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Different from the generation output limits in the OPF prob-
lem, P2 and P3'" in Equations 6.2 and 6.3 are multiplied
by a binary control variable W/, which determines whether
unit / is selected. If W, =0, P is limited to be zero, which
means unit 7 is not selected for time ¢. If W' =1, P;; is lim-
ited as PY\" < P%; < P2*, which is the same as in ED and OPF
problems.

In most of the conventional generators, such as coal-fired
power plants, oil-fired power plants, and gas turbines, the out-
puts can be controlled to follow generation schedules within the
limits. Their outputs are controllable. In hydro power stations
with water reservoirs, the power outputs are also controlled by
controlling the amount of water flowing through water turbines.
The generation outputs of these controllable generators are con-
trol variables in the optimization problem for UC.

Besides controllable generators, there are some other gen-
erators in power systems, their outputs are not controllable.
For example, power outputs of renewable energy generations
are intermittent and not controllable. Power outputs of wind
turbines and solar panels rely on the weather and the availabil-
ity of wind and sunshine. Power outputs of run-of-river hydro
power stations depend on water flow in the river. Without
energy storage, renewable energy generation outputs are vari-
able, and they are uncontrollable power sources. However,
similar to variable loads, renewable energy generations can be
forecasted according to historical data and weather forecast.
In OPF and UC problems, loads in power balance equations
are given with forecasted loads. Similarly, renewable energy
generation outputs could be treated as given when doing
the optimization, if accurate forecast of wind and solar are
provided. Some researchers use different types of stochastic
OPF methods to consider renewable energy generation fluctua-
tions, which is also a way to solve the problem. Different from
renewable energy generations, nuclear power lacks fluctuations.
Power outputs of nuclear power stations remain relatively con-
stant due to operation requirements. In a simple way, power
outputs of these uncontrollable generation resources can be
treated as given in the UC optimization problem, especially if
the purpose of UC is to determine only unit schedules, instead
of detailed real-time optimal generation schedules.

6.3.3.2 Generation unit ramping constraints Fossil fuel-
fired power plants convert thermal energy to mechanical energy
and then to electrical energy. The moment of inertia deter-
mines the time-delay characteristics of the energy conversion
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system. The electrical output of a unit cannot change by more
than a certain amount over a period of time. Generation sched-
ules between two adjacent time periods are constrained by
unit ramping abilities. The ramping ability is defined as the
maximum amount of power that a generator can increase or
decrease within a certain time period, say, 1 hour or 15 minutes.
For an hourly operation, ramp up rate is the maximum amount
of power a unit can increase within 1 hour, represented by
AFGR™ . Ramp down rate is the maximum amount of power

down, max

that a unit can reduce within 1 hour, represented by AP’

Maximum ramp-up constraints

1+1 t up, max
Fgi — Pg; < AF;, (6.4)
Maximum ramp-down constraints

P{_i.,r' _Pfi‘;l < ﬂPGd.L:wn.max (6.5)

6.3.3.3 Generation unit operation time constraints Thermal
generation units have minimum up-time and down-time con-
straints. This is because the furnace temperature of a thermal
unit changes gradually. It takes some hours to bring a umt
online. Due to such temperature constraints, a thermal UC or
decommitment is restricted by minimum up-time constraints
and minimum down-time constraints.

Minimum up-time constraints

Once a thermal unit is ON, it should run at least for a min-
imum up-time, /™. The number of hours the unit is
already on, #;'¥, should be less than #;*™".

If W' =1and #* <¢"™™", then W,'*' =1

Minimum down-time constraints

Once a thermal unit is OFF, it cannot start immediately and
needs to be shut down for at least a time of t**™™" The
number of hours the unit is already OFF, ", should be

down, min

less than ¢

If W' =0 and t*™™ < t®"™™ then W/ =0

6.3.3.4 Other unit constraints To dispatch generation units
in a power system, some other practical operation requirements
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6.3.4 System
constraints

need to be considered for UC, such as crew constraints, must-
run constraints, fuel constraints, and so on.

6.3.3.4.1 Crew constraints Tarning a thermal unit ON or
OFF requires the crew from the power plant to operate the unit.
If there are more than one units in a power plant, they should
not be committed to be ON or OFF at the same time, since there
may not be enough crew to take care of the starting up pro-
cedures of multiple units. Having at most one unit of a power
plant to be ON or OFF during a time period is one of the unit
constraints in the UC problem.

6.3.3.4.2 Must-run constraints Some generators, due to
their strategic locations in the electric network, have to be ON
during certain time periods or certain seasons to maintain sys-
tem stability or support voltages. These generators are must-run
units. The commitment schedules for must-run units are fixed
in the UC problem. In other words, the binary variables for a
must-run unit 7 are preset as 1 during the must-on time periods
t, W, =1. Must-run units are usually determined according to
operation experiences and stability simulations.

6.3.3.4.3 Fuel constraints Generation companies purchase
fuels from primary energy market. Energy prices fluctuate in
international energy markets. Most generation companies have
their strategies to hedge risks in energy market. The storage of
fuels (coal, oil, gas, etc.) in a power plant may be limited by fuel
prices and their purchase agreements in the fuel market. The
available fuels during a given time period should be considered
as constraints of UC problem.

6.3.4.1 Power balance constraints Similar to ED and OPF
problems, UC problem is optimized subject to power balance
constraints. Power flow Equation 6.6 provides power balance
constraints with complete full network models.

N
Pei—Phi=) |
k=1

V;|(GH‘- COs Bh +B,1- sin B:k )

Vi=l..,N Vt=L..T
(6.6)

v, ‘ (G,-‘. sin 0, — B;; cos 0} )

N
QE:.:-—QbF;M‘

vVi=lL..,N vt=1._.T
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However, in traditional UC problem, it may not be necessary to
use AC power flow equations as power balance constraints. The
reason 1s that UC problem is already a complicated multiperiod
mixed-integer nonlinear programming (MINLP) problem, the
nonlinear AC power flow equations (2x N xT equations) would
make the UC problem even more complicated and hard to
obtain feasible solutions. On the other hand, since UC aims to
obtain unit ON/OFF schedules only, detailed generation sched-
ules are procured by ED or OPF. It is good enough if simplified
power balance equations are used. DC load flow Equation 6.7
are usually used in UC problem for power balance constraints.

B (A , _
PGJ._PDJ.:Z—X—- Yi=1,-\N V¥i=1--T (6.7)
k=1 4
k=i

Sometimes, we even ignore transmission network and use one
simplified power balance Equation 6.8. However, in this case,
transmission network constraints cannot be considered.

N
ZP(;J- =Bl Vr=lee T 6.8)
i=1

where Pj,,,; is the total system load during time period 7.

6.3.4.2 Network constraints Energy transmitted in a trans-
mission line is limited by the line transmission capability. The
outputs from some generators may be limited if their outputs
result in transmission line overloading, or transmission conges-
tions. Transmission line constraints (Equations 6.9 and 6.10)
should be considered in the UC problem.

t o gt
ik |

B <Pl (©.10)

G

!V; ‘ (G,—k cos 0, + B, sin B:;‘.) (6.9)

where P/; is the power flow on line (i, k) during time period ¢
and P}™ is the power transmission limit on line (i, k).

If DC load flow is used, simplified transmission constraints
(Equations 6.11 and 6.12) are used.

_(0-0)
Pl = (6.11)

P <P (6.12)
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6.3.4.3 System reserve constraints To maintain system
reliability, the total amount of generation available at any
time period should be higher than the load. In contingency
events, if generators or lines are lost, the system should have
enough reserve capacities to make it up. System reserves have
spinning reserves, backup reserves, and supplement reserves.
Spinning reserves are the generation capacities synchronized
to the system. It can increase power generations in a short
time (e.g., a few minutes) once the reserve is called for a
contingency state. Compared to spinning reserves, backup
reserves take a little bit longer to increase their generation
outputs to fulfill the requirement. Supplement reserves are
the generation capacities not synchronized to the system.
Once it is called for in a contingency state, it takes some time
(e.g., 30 minutes) for the generator to start and synchronize
to the system.

The solutions of a UC problem should guarantee there are
enough spinning reserves in the system during any time period.
The available spinning reserve in a system is calculated as total
generation capability minus the total generation output of the
hour. The total generation capability is the sum of the genera-
tion capacities of all running generators in the system, which is
N P2™ The available spinning reserve should be higher than
the system reserve requirement R™ for any time #, as shown in
Equation 6.13.

N N
ZP&‘:?”‘—ZPG’J SRS =1, T (6.13)
i=l i=1

If we use DC load flow, which ignores losses, DC power bal-
ance Equation 6.8 is applied. Then, the reserve constraint can
be expressed as Equation 6.14.

N
ZPG‘“}“— t SR® Wi=1__.T (6.14)
i=l

The next question 1s how to decide the reserve requirement R™
of a system. The purpose of having reserves is to guarantee that
there are enough reserve capacities even the largest generating
unit or interconnection in the system is lost. A deterministic
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criterion, which sets the capacity of the largest generation unit
as system reserve requirement, is commonly used by power
companies. The other commonly used deterministic criterion
1s to set a certain percentage (say, 15% or 20%) of the system
peak load as the system reserve requirement. Besides the two
deterministic criteria, some power companies use probabilistic
criteria to decide the system reserve. The probabilistic criteria
are to take into account the capacities of all committed units as
well as their outage rates.

6.4 Solution algorithms for unit commitment problem

UC problem is a complicated MINLP problem. The number
of variables is large due to big number of nodes and multiple
time periods. If the number of generators in the system is N, for
each hour, the total combination for N generators is 2" — 1. For
T time period, the possible combinations could reach (2" —1)".
Enumeration method is not a practical idea for a large system
to solve the UC problem, although it could reach accurate
solutions. Commonly used solution algorithms for UC problem
include priority-list method, dynamic programming method, and
Lagrange relaxation method.

Priority-list method is similar to the illustrative example
presented in Section 6.2. The principle is to create a unit priority
list for each load level. For a complicated system, the priority list
could be obtained with a simple way by using full-load
average generation cost instead of calculating ED problem.
This is based on the assumptions that generation cost functions
are linear between zero load and full load, and startup costs
are fixed. Priority-list method is simple and easy to implement
without heavy computation burdens. The optimality/accuracy of
the method is acceptable for making preliminary UC schedules.
Detailed OPF solutions could be obtained afterward for each
hour.

Dynamic programming method is commonly used for solv-
ing MINLP problems. It is implemented in multiple steps. For
each step, possible solutions are enumerated and ranked in a
priority order. Paths with higher priorities are selected and then
move to next step, and do the same for the next step. In this
way, the dimensionality of the problem is reduced and main-
tained to be a solvable optimization problem. The final solu-
tions may not be the global optimal solution. However, it is
acceptable for solving a complicated optimization problem like
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UC problem. Dynamic programming algorithm is commonly
used by MINLP solvers in commercial optimization software.

Lagrange relaxation solution algorithm is also popular in
solving MINLP-based UC problems. Similar to the ones used
for OPF, the Lagrange functions are obtained and solved. The
solution methods for using Lagrange relaxation in MINLP
problem can be found in books about Optimization.

6.5 Summary

Unit commitment problem is a multiple time period optimi-
zation problem that optimizes the total operation cost and all
startup costs within a long time period, say 1 year, by making
generation unit commitment schedules. The minimization of
operation cost and startup cost must be done for the whole time
period to obtain generation schedules. Some of the constraints
link time periods together. The constraints are unit ramping
constraints, startup state constraints, running time constraints,
and so on. UC problem is a more general problem compared to
ED problem, and ED problem is a subproblem of UC problem.
ED problem optimizes only for 1 hour with given running units.
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Electricity market
Overview

71 Traditional power industry

The first power generation and transmission system in the
world that became operational at Pearl Street in New York
in 1882 was a DC system with DC generators and DC lines.
AC generation technologies were developed around the same
period. The first three-phase AC transmission system was put
into operation in 1893. To have lower power losses and larger
transmission capabilities, higher voltage levels are preferred for
long distance power transmission. Compared to DC systems,
AC systems have the inherent feature of changing voltage levels
with the help of AC transformers. In the past century, long dis-
tance AC transmission systems have been constructed all over
the world for almost all power systems.

Traditional power industry is a monopoly system. An inte-
grated power company owns and runs power plants, transmis-
sion lines, and distribution lines, as well as provides customer
services to end users. The system operator of the power com-
pany is responsible for monitoring and controlling all the facili-
ties in the system to maintain system security and reliability.
Besides maintaining real-time power balancing, the system
operator runs economic dispatch to minimize the total genera-
tion cost. Economic operation is one of the functions run by the
system operator of a power grid.

101
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To improve the reliability and efficiency of system opera-
tion, neighboring power grids are interconnected for power
exchange and emergency support. Large-scale intercon-
nected power systems are very complicated in operation and
control. A fault event could result in a cascading blackout for
a wide area. For example, the Northeast blackout of 1965 in
the United States was initially caused by an incorrect trip-
ping of a line, which was due to the incorrect setting of a
protective relay. The loads were transferred to other lines
and caused cascading line outages. The blackout affected
over 30 million people, and an area of 207,000 km? had no
electricity supply for 13 hours. The federal commission was
appointed to follow up the blackout. It was recommended that
a real-time monitoring and control system is necessary for
interconnected power systems. Supervisory control and data
acquisition (SCADA) system and energy management sys-
tem (EMS) began to be developed since then. SCADA/EMS
is a computer system that uses real-time measurement data
to monitor, control, and manage a power system. SCADA/
EMS developed by different vendors have been used in the
control centers all over the world. SCADA system measures
voltage, current, and other information of the power grid and
transmits the information to the computer servers located
at the control center. The information is used by the EMS
applications for network monitoring, generation scheduling,
system control, and security analysis. SCADA/EMS plays a
very important role in system security and economic opera-
tions for almost all power systems in the world. The develop-
ment of EMS began in 1960s and 1970s, when power systems
everywhere in the world were vertically integrated monopoly
systems. EMS was designed with centralized control aspects
for the centralized power system operation and control for
that period.

In a traditional power system, through SCADA/EMS in
the control center, the system operator makes generation
schedules for all generating units based on their genera-
tion costs; runs automatic generation control and automatic
voltage control; maintains generation reserves for real-time
operation; and implements contingency analysis, dynamic
security analysis, and fault analysis for security operations.
Both generating units and transmission grids are operated
and monitored by the system operator, who is responsible for
the security and reliable operation of the whole integrated
system.
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7.2 Deregulation of power industry

In 1990s, some countries started the deregulation process for
power industry following the deregulation of other monopoly
industries, such as railways, airlines, and gas pipelines, and
so on. Since AC power system was adopted in 1890s to sup-
port long distance power transmission, the monopoly business
model has been applied to power industry for around one cen-
tury. One of the incentives for changing the industry is intro-
ducing competitions to power generations aiming for a higher
energy efficiency. The restructuring of power industry is to
deregulate the regulated power industry and unbundle the inte-
grated power system into separated sections: generation, trans-
mission, distribution, and customer services, and so on.

Traditionally, integrated power company generates electricity
from their own generators, transmits, and distributes energy
to customers while providing customer services. Power system
expansion planning, system operation and control, asset man-
agement, transmission services, and customer services are all
supported and provided by the integrated power company. To
unbundle the integrated system, generation, transmission, and
distribution assets are separated and owned by independent
companies, such as generation company (GenCo), transmis-
sion company (TransCo), and distribution company (DisCo).
Besides the unbundling of power system assets, the functions,
such as system operations and customer services, originally
conducted by the integrated company are separated and carried
on by newly generated entities. New entities in a deregulated
system include independent system operator (ISO)/transmis-
sion system operator (TSO), power exchange, energy trader/
marketer, electricity retailer, and so on. The services originally
provided with energy by the integrated company are also sepa-
rated, and some of them need to be purchased from service
providers. The unbundled services include ancillary services,
customer services, and so on (Figure 7.1).

In the deregulated power system, ISO/TSO conducts the
tasks originally undertaken by the system operator of the
integrated power company. However, the ISO/TSO is not
supposed to know the generation cost of each generator for
system dispatch, while the system operator of an integrated
power system dispatches generators according to their genera-
tion costs. This is because ISO/TSO is independent of genera-
tion companies. Generation cost information is commercially
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FIGURE 7.1
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Unbundling of integrated power systems.

confidential information, which is not disclosed to the ISO/
TSO. Power control center is the brain and the soul of a power
system for its security and reliable operation, irrespective of
whether the system is a deregulated system or a vertically
integrated system.

Energy Exchange (or Power Exchange) provides the market
platform for trading electricity and electricity-related products
for market participants. The central clearing house of energy
exchange provides clearing and settlement services for power-
related transactions occurring in the energy exchange. This is
new in a deregulated power system. In a vertically integrated
power system, energy is generated and delivered to all end-users
who are connected to the network of the power company. The
delivered energy is settled between the power company and the
customer with regulated electricity tariff. There is no trading or
market for electricity in the integrated system. Economic issues
and overall operation costs are considered by the system opera-
tor by economic operation. In most deregulated power systems,
power exchange center is established for power trading and
settlement of power transactions. Power exchange center and
power control center are parallel centers responsible for market
operation and system operation, respectively.

Energy traders start to join electricity markets when genera-
tion assets, transmission and distribution networks are unbun-
dled. They trade electricity and electricity-related products
in the market via energy exchange platform or other market
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mechanisms. Traders make financial gains from price differ-
ences of electricity products. Both energy traders and energy
exchange are new in the power section and appear only after
power industry restructuring.

Electricity retailer is another new participant to restructured
power systems. To obtain power supply, every electricity cus-
tomer must be connected to one power distribution network. In
the vertically integrated system, the owner of the distribution
network, which is utility or Distribution Company, is respon-
sible for supply of electricity to all customers connected and
gets paid with the regulated flat rate. In the deregulated sys-
tem, customers are free to enter the market to look for preferred
power supplier based on electricity prices and customer ser-
vices offered by the suppliers, and other factors. The number of
customers in a system is huge. The market for small customers
is electricity retail market. Electricity retailers purchase elec-
tricity from the electricity wholesale market as large customers,
and then sell electricity in electricity retailer markets to small
customers, with additional services in some cases. Energy
companies and grid owners could act as electricity retailers.
Moreover, distribution networks should be open to retailers and
customers. Open access of distribution network makes it pos-
sible for retailers to enter the market as well as for customers to
change power suppliers.

Ancillary services are those that are provided by the system
operator to maintain the system security and reliability opera-
tion. Ancillary services include frequency regulation, operation
reserves, reactive power support/voltage control, black-start,
and so on. In the traditionally integrated power system, these
services are provided together with energy without any addi-
tional charges. The system operator dispatches generators to
provide energy as well as the services to maintain real-time
power balancing and system security. In a deregulated system,
as generation companies are independent of the system opera-
tor and transmission network, generation companies will count
the costs of providing these services and charge for providing
ancillary services. So, ancillary services are separated from the
integrated system as a new type of chargeable services to be pro-
cured by the system operator from ancillary service providers.

Customer services in the traditional system are provided
with electric power as part of the services accompanying the
power supply. After unbundling of power systems, customer
services are separated from the integrated system. Power dis-
tribution companies, power suppliers, and retailers provide the
services to customers in different ways.
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7.2.2 Restructured
power
system for
market
operation

The structures and the operation modes of power systems have
been restructured since power industry deregulation. The struc-
ture change is to include market operation in the daily system
operation. The structures before and after deregulation are
shown in Figure 7.2.

The figure shows that the structure of a traditional system
is a transmission and distribution network that connects gen-
erators and electricity customers. The structure of the system
supports power delivery from generation side to demand side.
In a restructured system, physical connections of transmis-
sion and distribution lines are same as in the traditional sys-
tem. However, the ownerships are separated into transmission
companies and distribution companies. Independent genera-
tion companies own generation assets. Electricity is traded in
the electricity wholesale market and electricity retail markets.
Besides generators and customers, electricity retailers emerge
as new participants to the power system and electricity market.
Retailers play an important role in introducing electricity mar-
ket to the distribution network and customer sides.

There is usually one electricity wholesale market within a
regional transmission grid. The ownerships of distribution net-
works could be all-sorts of companies, or owned by utilities.
There could be multiple retail markets in an electricity distri-
bution area. Generation companies sell most of their electricity
in the wholesale market. Large customers and retailers pur-
chase electricity from the wholesale market. Retailers then go

FIGURE 7.2 Power system structure change for market operation.
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to retail markets to sell electricity to small customers within
the distribution area. Distributed generators (DGs) can partici-
pate in the retail market to supply electricity to customers in
the same distribution grid.

The system structure becomes more complicated in the
restructured system with more market entities and market par-
ticipants. The introduction of markets into power systems bring
more flexibilities as well as competitions to both electricity sup-
ply and electricity consumption.

7.3 Power deregulation in different countries

Chili (and then Argentina) has been regarded as the first country
that introduced market mechanisms in the traditional system in
1978, although the power industry in Chili now has been changed
back to the vertically integrated structure. The incentives for
introducing market concepts in the South American system were
mainly due to the weather of late 1970s, which were El Nino and
La Nina years. The La Nina resulted in less rain in South America.
Lack of water in reservoirs caused power generation shortages
in South American countries where hydro power dominates the
generation capacities. This was the reason that power trading and
market concept were introduced to the power systems of Chili and
Argentina, and later to other South American countries, although
the success of the markets was limited in the end.

Most deregulated power systems started deregulation
procedures from 1990s. The years of starting power indus-
try deregulations in different regions are shown in Figure 7.3.

Y | A

FIGURE 7.3 Power industry deregulation in the world.
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7.3.1

Great
Britain

The leading incentives of power system restructuring vary in
different countries/systems. Also, the diversities in restructur-
ing processes of different countries are obvious.

Among currently restructured power systems, Great Britain
was the pioneer country that started a power market in England
and Wales in late 1980s, although the original market model
was replaced by a new model in 2002. Following Great Britain,
Australia started power system restructuring in early 1990s and
New Zealand in 1994. Norway established Nord Pool in 1991
for power exchange among Nordic countries. The structure of
Nordic electricity market is stable and successful these years.
Members of European Union (EU) began the process of power
deregulation in late 1990s and early 2000s under EU-level mar-
ket rules. EU countries restructured their own power systems
and trade power across borders with other EU countries in the
Energy Exchanges established for European markets. In the
United States, California started power deregulation in 1992.
Then, New York, New England, PIM (Pennsylvania—New
Jersey—Maryland) in the northeast of the United States, and
Texas started power system deregulation around 1998. Other
states in Midwest and Southwest followed power deregulations
in early 2000s. California modified its market structure in 2002
after the Energy Crisis of 2001 in California. China restruc-
tured power industry in 2002 by separating power generations
from the traditionally integrated system. Five power generation
companies own the majority of generation assets in the coun-
try. Two transmission companies, State Power Grid and China
Southern Power Grid, own and control the national-wide power
grid. In 2016, China started electricity retail markets by intro-
ducing competitions to power distribution and power supply to
end users.

The restructuring of power sector in Great Britain started with
power system privatization in 1980s. Generation assets and
generation companies were separated from the transmission
company, the National Grid Company (NGC), which is also
the TSO of the market. Distribution assets were privatized into
regional electricity companies that own distribution networks.
Regional electricity companies are responsible for supplying
electric energy to customers and selling electricity as electric-
ity retailers. The first electricity market commenced in 1990
in England and Wales with the introduction of Power Pool for
electricity wholesale market. Generators offer electricity gen-
eration quantities and prices to Power Pool. Large customers
and electricity retailers bid for electricity from Power Pool.
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Generation offers are ranked in the ascending order as a supply
curve. Customer bids are ranked in the descending order as a
demand curve. Generators with lower offers have higher priority
to sell electricity, while customers with higher bids have higher
priority to buy electricity. The Power Pool matches generators
and customers according to the priority lists of offers and bids.
The cross point of generation supply curve and demand curve
determines the market clearing price. Generators offered lower
prices and customers bid for higher prices are selected in the
market. The concept of price priority list and the mechanism
of market clearing price developed with the Power Pool have
been widely adopted in the later electricity market designs
and applied for market clearing for different systems. We can
say that the Power Pool model is a pioneer market model that
provides a theoretical basis for later mechanism designs of
electricity markets in the world. Power Pool-based market has
been operational for over 10 years. In 2001, it was reviewed
and replaced by a new market arrangement. The new market
structure is known as New Electricity Trading Arrangement
(NETA).

NETA has an entirely different trading structure compared
to the pool-based market. The design of NETA adopts a new
market framework to accommodate a large number of bilat-
eral contracts and energy trading in power exchange. Bilateral
contracts dominate the major portion of power transactions,
which is an effective market design in coordination with power
system reliable and security operations. In 2005, the market
area of NETA was extended from England and Wales to a big-
ger region that includes Scotland. The market is upgraded to
British Electricity Trading and Transmission Arrangements,
which is called BETTA.

In recent years, due to climate change and global warming
issues, more renewable energy generations have been installed
in the system. British electricity market was reformed in 2010
to support renewable energy targets. New components in the
market include fixed prices for low carbon generations, car-
bon prices, capacity market, and emission performance related
mechanisms. The electricity retail market was reformed in 2012.
The retail market introduced customer flexibilities to the system
as well as competitions to power distribution and energy supply.

The restructuring of power system in Australia commenced
in early 1990s, following the power sector privatization in
Great Britain. The major restructuring was done to estab-
lish the National Electricity Market (NEM) in southern and
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eastern Australia. The territory of NEM includes five states,
New South Wales, South Australia, Queensland, Victoria, and
Tasmania, and the Australian Capital area. The market opera-
tor is Australia Energy Market Operator (AEMO). AEMO
is responsible for both power system operation and market
operation of NEM. The National Electricity Market includes a
power pool and a spot market. Generators, electricity retailers,
and large customers trade electricity in the wholesale market
through power pool. Retailers sell electricity to customers in
electricity retail markets. AEMO is adoing everything operator
on the NEM territory. It is responsible for generation dispatch,
grid operation, system reliable and safety operation, market
operation, and market settlement in the NEM region.

New Zealand reformed the power industry during the
similar time as Australia. The wholesale electricity market,
New Zealand Electricity Market (NZEM), was established in
1996. It has the world first nodal pricing-based market model.
Transmission grid is owned and operated by the state-owned
transmission company, Transpower. M-co, which is the former
Electricity Market Company, manages the electricity market as
a market regulator. Generators and retailers trade in the power
pool and spot market, and electricity is traded and transmitted
across the nation-wide transmission grid. Electricity price is
determined for each node on a half-hour basis.

The Nordic market was commenced in 1991 in Norway. One
of the incentives to introducing power exchange in Norway was
the lack of water in the hydro power reservoirs in 1991, which
was a dry year. In Norway, 99% of electricity is generated by
hydro power. Nord Pool was established in Oslo of Norway
as a Power Exchange. Sweden, Finland, West Denmark, and
East Demark joined the Nordic electricity market operated by
Nord Pool. Denmark has two separate transmission systems in
West Denmark and East Denmark, respectively. Power system
restructuring in Nordic countries is similar. Generation compa-
nies are separated from national power grids. Generators and
retailers/large customers trade electricity in the wholesale mar-
ket. Electricity retail markets are open to industrial customers,
commercial customers, and residential customers. Transmission
grids are owned and operated by state transmission companies
(TransCos). In Norway, Statnett 1s the TSO, which owns and
operates the Norwegian transmission grid. Svenska Kraftnat
(Svk) is the TSO of the Swedish transmission grid. In Finland,
Fingrid is the TSO. The Danish transmission system is owned
and operated by Energynet.dk.



7.3.4 United
States

11

In Nordic electricity market, electricity is traded physically
through bilateral contracts and in the electricity spot market.
Zonal price model is adopted for the market. Price zones are
separated subject to transmission congestions. The electric-
ity sport market is operated on an hourly basis. The products
traded in Nord Pool electricity financial market include Futures,
Forward, and Options. Spot market and financial market are
settled in the Nord Pool Settlement Center.

Generators and interruptible loads provide real-time elec-
tricity balancing services in the ancillary service market.
Balancing resources provide quantity-price pairs for upregula-
tion and downregulation on a 15-minute basis in the balancing
power market. The TSO of each country maintains power bal-
ance in their system and runs the electricity balancing market
for the country.

Power system restructuring in the United States began in 1992
after the launch of the Energy Policy Act of 1992. The Order
888 issued by the Federal Energy Regulatory Commission
(FERC) in 1996 indicates the open access of transmission grid.
California started the first electricity market in the United
States and established power exchange (PX) and California
ISO (CAISO) for the electricity market in the state. Some other
states followed California and started power system deregu-
lation in late 1990s. In the electricity markets of the United
States, the ISO, which 1s a nonprofit entity, operates the deregu-
lated power system and runs the electricity market. The ISO
does not own any generation or transmission assets. It is inde-
pendent from generation companies and grid companies. The
ISO is responsible for maintaining the system reliability for one
or more than one control areas. Besides California ISO, other
ISOs in the United States are New York ISO (NYISO), ISO
New England (ISO-NE), PIM (Pennsylvania—New Jersey—
Maryland), Midwest ISO (MISO), Electric Reliability Council
of Texas (ERCOT), and Southwest Power Pool (SPP). The ter-
ritories controlled by the ISOs can be seen from their names.
At the beginning of market model design in the mid-1990s,
there were debates about zonal pricing, power pool model, and
bilateral contract model. Following their operation background,
PIM and ISO-NE used uniform price-based zonal pricing
mechanism around 1998. Some issues, such as market power
subject to network constraints, were observed. At the beginning
of 2000s, California electricity wholesale market experienced
extremely high price spikes during some critical peak time
periods while electricity retail prices were regulated. Oil, gas,



112

and electricity market prices were so high to sustain during the
year. California energy crisis in 2002 demonstrated that elec-
tricity interruptions and power market designs could have big
impacts on economy. It is necessary to include power system
security analysis in the electricity market model and to consider
the possibility of physical power transfer in the network.

In 2002, standard market design (SMD) was developed
and applied in the electricity markets of American Northeast,
including the markets operated by PIM, NYISO, and
ISO-NE. The standard market design is based on the loca-
tional marginal pricing mechanism, which is a nodal pric-
ing approach. The energy market is cleared with traditional
security-constrained economic dispatch (SCED) model, or
security-constrained optimal power flow (SCOPF) model.
SCED and SCOPF models used in the market optimize the
benefits of power supply according to generation offers and
customer bids. Energy traded through bilateral contracts
are formulated as generation constraints in the optimization
model of SCED and SCOPFE. As security-constrained optimi-
zation model is the clearing approach of the standard market
design, security constraints considered traditionally by the
system operators are not missing in the market design. Both
market operation and security-based system operation are
satisfied in the model.

However, due to transmission network constraints and dif-
ferent auction prices, fransmission congestions may oOccur.
Congestions may result in very high price differences between
nodes because of the nodal pricing mechanism. The financial
instrument, financial transmission right, is developed to hedge
the risks of transmission congestions. Real-time power balanc-
ing is obtained in the ancillary service market. In the standard
market design of the United States, frequency regulation and
reserves are obtained in the ancillary service market. Different
from European market models, frequency regulation services
and reserve services are cleared simultaneously with energy.
In other words, the procurement of ancillary services is co-
optimized with energy market in the SCED model or SCOPF
model.

The systems adopted the standard market design have
proved to be run stable and successful. ERCOT and MISO
applied similar market design concepts in their markets. Later,
California modified its market design and replaced the previ-
ous power exchange-based market with a new market structure.
The revised version of California market has similar market
concept as other electricity markets in the United States.
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Traditionally, integrated power systems were liberalized in the
countries of European Union (EU) after three consecutive EU
legislative packages addressing different market aspects were
issued between 1996 and 2009. With the completion of EU’s
internal energy market (IEM), energy companies and electric-
ity suppliers can enter the energy market of other EU mem-
ber countries. Electricity customers are free to switch to other
energy suppliers. The goal of EU’s internal energy market is to
have an open access network and an open market that power
can flow freely across country borders without any technical or
regulatory barriers.

The market design of IEM has similar architecture as
Nordic electricity market. TSOs control the network in their
countries/regions. The European Network of Transmission
System Operators for Electricity (ENTSO-E) was founded
in 2009. ENTSO-E helps in setting market-related rules and
regulations and the collaboration of European TSOs. Similar
to Nordic market, most energy is traded through bilateral con-
tracts in forward market and over-the-counter (OTC) market.
The rest is traded in day-ahead and hourly-ahead spot markets
through several European Power Exchanges. Procuring balanc-
ing services are the responsibilities of TSOs.

The power industry restructure of China started in 2002. Five
generation companies were separated from the former state
power company. Two grid companies, State Power Grid (SG)
and China Southern Power Grid (CSG) were established. The
five generation companies own most generation capacities in
China. CSG controls the high-voltage power grid that intercon-
nects five provinces in the South. SG controls the rest, which
is the major portion of high-voltage power grid in China. After
the deregulation in generation side, the market reformation in
China was suspended in around 2004. One of the reasons was
electricity shortages in some provinces due to fast economy
growth for around one decade. Installed generation capacity
has been more than doubled from 2004 to 2014. After years of
suspension of electricity market, Chinese government opened
electricity retail market in 2016. Many electricity retail com-
panies are established. Retail licenses are issued to electricity
retailers to sell electricity to industrial customers and residen-
tial customers. At the current stage, retailers purchase energy
through long-term contracts or in a pool-like market on a
monthly basis. The government and power exchange center are
working on setting up an electricity market model that is suit-
able to Chinese power systems.
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In the deregulation process of almost all countries, the first step
1s to introduce competitions to the generation side and establish
electricity wholesale market. Transmission network is sepa-
rated and owned by the transmission company, and the system
is operated by an ISO. Introducing competition at the retail
level is an extension of the competition at the wholesale level.
The next step of power system restructuring is to open the elec-
tricity retail market.

Traditionally, a customer pays electricity bill to the distribu-
tion company or utility who owns the distribution network that
the customer is connected to. Customer has no choice of electric
power suppliers. In a wholesale market, electric power suppli-
ers/electricity retailers sign bilateral contracts with generators
and bid in the spot market for purchasing electricity. Providing
customers with options for choosing electric power suppliers is
regarded as extending the competition from wholesale level to
retail level. A system becomes a more competitive market by
introducing both wholesale competition and retail competition.

New Zealand is the first country that started electricity
retail market in 1994. Nordic countries opened electricity mar-
kets to customers just after their power system deregulation
in 1991. By 2000, only Sweden, Norway, Finland, Germany,
and Great British in Europe had their electricity retail mar-
kets opened to customers. By 2007, almost all European coun-
tries had established electricity retail markets following their
electricity wholesale markets. In the United States, currently,
14 states and Washington DC have retail options to custom-
ers. The states are mainly within the control territories of ISO
New England, PIM, and MISO, plus Texas State controlled by
ERCOT. Some other states have limited retail choices. In the
states with retail choices and retail markets, more than half of
industrial and commercial loads have experiences of switching
to competitive power suppliers. This is because the benefits
of switching power suppliers are large considering the large
amount of electricity consumed by industrial and commercial
customers, while the percentage of residential customers that
switch suppliers is relatively low. Whether the residential cus-
tomers have retail choices show the level of competition in a
retail market. Texas has a competitive retail market for residen-
tial customers. Around 70% of residential customers switched
power suppliers. An online system for switching suppliers and
choosing electricity plan makes it much easier for residential
customers participating in the electricity retail market.
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In an electric power system with retail options, the number
of retailers varies from time to time. Once the market is opened
to retailers and customers, the original distribution company or
the utility in the region automatically becomes a retailer that
already has customers connected to their distribution networks.
Because of the open access to the grid, new retailers enter the
retail market and offer competitive prices to customers. Some
customers, especially those having big electricity bills, such as
industrial customers and commercial customers, are attracted
by the low prices offered by new retailers and are willing to
switch their power suppliers. The feasibility of switching power
suppliers and how convenient it is to switch usually affect the
customer switching rate of a retail market. With new retail-
ers entering the market, the market has become competitive.
There are usually three types of retailers: (1) original distribu-
tion company/utility in the region; (2) retail companies founded
by generation companies, energy companies or other energy-
related enterprises; (3) new electricity retailers without genera-
tion or distribution assets. According to past experiences and
statistics, the number of electricity retailers is usually bigger at
the beginning when a retail market starts. After operation for
years, the market becomes more competitive, and the number
of retailers becomes stable. The number of retailers reduces
especially when the market is open to residential customers,
which means the market is more competitive.

Electricity retail market is hard to be a perfectly competi-
tive market due to the limitation of network connection. For a
given area, not all retailers can provide power supply services
to customers in the area, only retailers who are authorized or
licensed can do it. Previous distribution companies and genera-
tion companies have preponderance over other types of retail-
ers. Electricity retail market is a relatively concentrated market.
In a country or a state, only a few retailers have more than 5%
market shares. A retailer owns more than 5% market shares
(or customers) of a country is called a major retailer. In rela-
tively competitive markets, such as Sweden, Finland, Denmark,
and Germany, the number of major retailers is around three
to four. Moreover all major retailers in total hold around
45%—60% market share of the country. In relatively centralized
retail markets, such as Spain and Belgium, three to four major
retailers hold around 90% market share of the country; and the
largest retailer has a dominant position and owns more than
50% market share. In some systems, like Italy and France, only
one major retailer dominates around 90% of the market share,
and no any other retailer has a market share of more than 5%.
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7.5 Overview of electricity market operation

Commodities traded in the electricity market are usually active
power due to the tradition that only active power is charged
in the electricity bill. Energy consumption by a customer is
measured as the amount of active power used within 1 hour.
So, the fundamental commodity traded in the market is energy
(in kWh). Actually, both active power and reactive power flow
in the AC power system. Reactive power is not charged in the
traditional electricity bills. Besides reactive power, frequency
control and reserves are provided to maintain system security
operations. These are provided by the system operator of tra-
ditionally integrated power company as part of transmission
services. However, generations are unbundled and the system
operator is independent in the deregulated system, these ser-
vices, which are called ancillary services, have to be procured
from generators to maintain system security operations. In
an electricity market, the fundamental commodity is energy,
which is traded in the energy market. Ancillary services, which
are needed for system operation, are procured in the ancillary
service market. Similar to other commodity markets, elec-
tricity price risk is hedged in the electricity financial market.
Electric energy is the major commodity in the energy market.
Ancillary services are procured and financially compensated to
maintain the real-time power balancing and system security for
energy market. Electricity financial tools hedge the price risk
in the energy market.

In this section, the overview of energy market, ancillary
service market, and electricity financial market are presented.
Details about market operations will be illustrated in Chapter 8.

7.5.1.1 Energy market Energy istraded in the energy mar-
ket with different timescales. In a traditional power system,
the generation schedule 1s composed of long-term seasonal
schedule, weekly schedule, and day-ahead and hourly-ahead
schedule. The purpose is to follow the changes of load patterns
and short-term load fluctuations. Similar to traditional gen-
eration scheduling, energy is traded in a long-term through
bilateral contracts, and in a short-term through electricity spot
markets. Bilateral contracts can be signed between generation
companies and electricity retailers/large customers in advance.
Electricity spot market is a place for market participants to
trade energy in a short-term, usually day-ahead and hourly-
ahead of real-time power delivery. They are called day-ahead
spot market and hourly-ahead spot market, respectively.
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Energy market is the major market in a deregulated power
system. Customers purchase only active power from the energy
market. For electricity users, electricity is priced on the basis
of the amount of active power consumed in 1 hour. Electricity
pricing is an important issue for an energy market, especially
for the design of a successful energy market. Well-designed
electricity pricing mechanisms can provide a fair platform for
energy trading, while mitigating the exercising of market power.
Electricity pricing mechanisms could be different for different
systems. However, marginal price is the principle of electricity
pricing. It is applied in various energy market designs with dif-
ferent forms.

7.5.1.2 Ancillary service market Ancillary services are
those services procured by the system operator to maintain
system reliable and safety operations. Before power system
deregulation, power companies generated and delivered energy
to customers, and at the same time provided transmission ser-
vices to guarantee the energy delivery. After deregulation, gen-
eration companies were independent from the grid company
and the system operator. Some services that were supplied by
generators had to be procured by the system operator in the
ancillary service market. Ancillary services include frequency
regulation, system reserve, voltage control and reactive power
support, black start, and so on. Generation companies usually
provide ancillary services. However, a variety of ancillary
service providers have appeared in recent years. For example,
owners of energy storage systems can provide frequency regu-
lation services; controllable loads and demand response can
be considered equivalent to a generation source to provide fre-
quency regulation service or reserve service.

Participants of ancillary service markets are suppliers that
own generation resources or demand resources. Currently,
frequency regulation and reserve are the two major ancillary
services procured in the market. Market mechanisms for ancil-
lary services differ in different systems. In the United States,
reserves and regulations are settled with energy transactions
simultaneously. In most European systems, energy market is
settled first and frequency regulation is then settled in the bal-
ancing market after electricity spot prices are obtained in the
energy market.

7.5.1.3 Electricity financial market Similar to other com-
modity markets, there are price risks in the electricity market.
The risks come from uncertainties of demand, transmission
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congestions, and fluctuations of primary energy prices, and
so on. The volatility of electricity prices could be much bigger
than that of energy market and stock market. Financial tools
have been developed to hedge price risks in most mature elec-
tricity markets. Futures, forward, and options are the major
energy derivatives applied in current electricity financial mar-
kets. They are usually traded in power exchanges, or traded in
OTC markets. In the United States, the financial tool, financial
transmission right (FTR), is developed to hedge the risk of high
prices caused by transmission congestions.

Unlike integrated power systems, an unbundled power sys-
tem has various market participants. The participants include
Generation Company, Transmission Company, Distribution
Company, ISO, Electricity Retailer, Load Serving Entities,
Load Aggregator, Marketer, Broker, Power Exchange, large
customers, and so on.

Generation company (GenCo), ftransmission company
(TransCo), and distribution company (DisCo) own power sta-
tions and power grids. They run the system for power genera-
tion and delivery. Generation companies provide electric power
and ancillary services. Transmission companies provide power
transmission services. Transmission tariffs in many countries
are regulated by the regulator. In some systems, part of trans-
mission costs is covered by transmission congestion charges.
Distribution companies provide power distribution services
to end users, in most systems, with regulated distribution
tariffs. Transmission and distribution grids are supposed to
be open access. The ISO monitors and controls the power sys-
tem, implements power transactions in day-ahead and hourly-
ahead generation schedules, but procures ancillary services to
maintain system reliability and security. Power Exchange is
responsible for energy transactions, including day-ahead spot
market, hourly-ahead spot market, bilateral transactions, OTC
transactions, electricity futures, forward, and options.

Generation companies are the sellers in the electricity whole-
sale market. Electricity retailers, load serving entities, load
aggregators, marketers, and so on are the buyers in the electric-
ity wholesale market. Although they have different names, they
all perform as buyers in the electricity market and purchase
energy directly from generation companies or from electricity
spot markets. Some electricity retailers or load serving entities
also own and run distribution networks. They provide energy
distribution services to customers in their networks, as well as
perform as retailers in the electricity retail markets. Electricity
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retailers are energy suppliers and sellers in the electricity retail
market. End users, including large customers and residential
customers, are buyers in the electricity retail market.

The timeline of electricity market operation is similar as the
timeline for traditional generation scheduling, which is com-
posed by long-term schedule, short-term generation sched-
uling, and real-time operation. In electricity markets, most
transactions are signed through long-term bilateral contracts,
electricity futures contracts, and forward contracts. In short-
term, day-ahead and hourly-ahead spot markets are comple-
ments to long-term transactions. Real-time power balancing is
maintained in electricity balancing market or frequency regula-
tion market. The timeline of electricity market transactions is
shown in Figure 7.4.

Long-term bilateral contracts signed between sellers and
buyers could be several years before the date of energy transac-
tion. OTC markets open to market participants in some coun-
tries. An energy trade can be executed between two market
participants in an OTC market. Bilateral contracts and trans-
actions in the OTC market have the similar effect as having
long-term generation schedules in the traditional power system
operation. A big portion of bilateral contracts can ensure a sta-
ble operation of electricity market and reduce the chances of
price spikes. In most mature electricity markets, it shows that a
high percentage of energy is traded through long-term bilateral
contracts. Besides bilateral contracts and OTC markets, elec-
tricity derivatives are traded in the Power Exchange to hedge
the market risk. Derivatives commonly traded in the electricity

Long-term contracts Real-time
o balancing
. Balancing
; : L service/
Power exchange regulation
_ o 7 ' service
| Forward
- Other financial tools . Tisia
Long-term 24 hour ahead 1 hour ahead T=0 :
(could be several years)

FIGURE 7.4 Timeline of power transactions.
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financial market are futures with standard contracts, electricity
forward, and options. In some countries, there are other finan-
cial tools applied in the electricity financial market. Different
from bilateral contracts, electricity futures and forward can be
traded for multiple times before the day of real-time energy
delivery. Electricity derivatives can be used by market par-
ticipants to hedge risk of spot price. Arbitrager will use these
financial tools to exploit benefits.

Electricity demand in a system changes frequently. It is
almost not possible to have a 100% accurate load forecast.
Electricity retailers and large customers cannot rely only on
bilateral contracts to fulfill their electricity demand in real
time. When time is close, say 1 day before real-time energy
delivery, market participants may find differences between
short-term load forecasts and the amount of energy procured
from bilateral transactions. They need to have a market to pur-
chase or sell energy to maintain the energy balance. Spot mar-
ket is designed for energy trading in short term, which is close
to the time of energy delivery. Generation companies, retailers,
and large customers can buy or sell energy in day-ahead spot
market and hourly-ahead spot market.

The day-ahead spot market is open to market participants
1 day before. Sellers and buyers provide their offers and bids
as well as the amount of energy desired to be traded for the
24-hours of next day. The hourly-ahead spot market opens
1 hour before the real-time energy delivery. It provides a market
platform for even shorter-term energy trading.

The procedures and methodologies adopted for spot market
clearing are different in different markets. Basically, spot mar-
kets are cleared according to the supply curve of sellers and
the demand curve of buyers. The spot market price is obtained
for each hour. The total energy cleared within the hour includes
energy traded in bilateral transactions/financial market and
energy traded in spot markets. The detailed clearing proce-
dure will be described in Chapter 8. In most electricity mar-
kets, Power Exchange and the ISO are responsible for energy
traded through bilateral transactions, financial markets, and
spot markets.

In real time, electricity demand fluctuates. The total energy
traded through bilateral transactions and spot markets most
probably do not perfectly match the electricity load within the
hour. Real-time power balancing is needed in electricity mar-
kets. Real-time power balancing is provided as an ancillary
service. In Europe, the TSO has the responsibility to obtain
power in electricity balancing market to maintain real-time
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power balance. In the United States, the real-time power bal-
ancing is maintained by frequency regulation service and
reserve service, which are procured by the ISO. Balancing
service, frequency regulation, and reserves are categorized as
ancillary services in the deregulated power system. They are
procured in ancillary service markets. Ancillary service mar-
ket is a different type of market compared to energy market.
The procurement of balancing services and regulation services
differs in different markets. Their pricing mechanisms are dif-
ferent as well.

Energy balancing requirement within each hour is satisfied
by combing energy transactions of different timescales: long-
term bilateral contracts, short-term spot market transactions,
and real-time balancing services. The timescale of energy
transaction is similar to the timescale of traditional generation
scheduling.

In most electricity markets, major energy transactions are
through bilateral contracts. The value or price of energy within
a specific hour is determined in the spot market. Electricity
spot price shows the market price of energy for each hour. In
the settlement of bilateral contracts and financial markets, spot
price is very important. It represents the market value of the
energy during the hour. In some markets, congestion costs and
congestion charges are calculated on the basis of electricity
spot prices.

Although every electricity market has spot market, the
clearing and pricing mechanisms for each spot market could
be different due to various aspects. In terms of market clearing,
electricity markets can be categorized as uniform price-based
markets and nodal price-based markets.

In a uniform price-based market, the spot market is cleared
at the highest offer price/lowest bid price among all selected
sellers/buyers. All selected sellers, no matter what their offer
prices are, will be paid at the market clearing uniform price,
which is higher or equal to their offer prices. All selected buy-
ers, no matter what their bid prices are, will pay at the mar-
ket clearing uniform price, which is lower or equal to their bid
prices. The design of uniform price mechanism is to encourage
sellers/buyers to offer/bid at prices close to their costs, hence
guarantee the fairness of the market and a sustainable market
operation. In some markets, due to constraints of transmission
lines, the system 1s separated into multiple price zones. Within
each price zone, a uniform market price is obtained and apply
to all participants in the zone. Two neighboring zones will have
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different uniform prices, if there are transmission congestions
between two zones. The uniform price obtained for the zone is
called zonal price. Electricity markets in Nordic countries and
some European countries adopted zonal pricing mechanisms.
Without congestions, a uniform price is obtained for the whole
system. When congestion occurs, the system is separated into
multiple price zones, which are constrained by the transmis-
sion limits on the boarders. Uniform zonal price is obtained for
each zone. Details of uniform zonal pricing will be described
in chapter 8.

In a nodal price-based market, the spot market is cleared at
the marginal price for each node. Due to the complexity and
nonlinearity of power systems, the marginal price, which is
the sensitivity of the total cost to the power change on a node,
differs for different nodes. If line transmission constraints are
taken into account, the differences in marginal prices between
the two terminal nodes of the constrained line could be big. The
marginal price is obtained for each node in the market clearing.
Each node has a nodal price for every hour in the spot market.
Buyers pay the nodal prices of their nodes. Similar, sellers are
paid at the nodal prices of the nodes they are connected. Nodal
prices cleared in the spot market are very important bench-
marks (or references) for the settlement of bilateral contracts,
financial contracts, as well as congestion charges and transmis-
sion rights.

The design of nodal price-based market clearing mecha-
nisms is able to assign the costs caused by losses and conges-
tions to market participants on the basis of cost sensitivity
analysis. Nodal prices are obtained by solving the optimization
model of the spot market. Given physical transmission network
and transmission capacities as the constraints of the market
optimization problem, the nodal prices obtained by solving
the optimization problem inherently have the components that
can indicate the impacts of power network and congestion con-
straints on the market clearing. The nodal price has three com-
ponents: energy component, loss component, and congestion
component. In an ideal system without losses and congestions,
all nodes in the system have the same nodal price. This is simi-
lar to the uniform price. The loss component of a nodal price
shows the loss contributions to the market from the market par-
ticipants at the node. They need to pay for the losses caused by
them. The congestion component of a nodal price shows the
amount of congestion costs the participants at the node should
pay for due to the amount of transmission congestions caused
by their transactions.
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Uniform zonal pricing and nodal pricing are two major pric-
ing mechanisms adopted by the designers of electricity mar-
kets in the world. Deciding which pricing mechanism should
be adopted depends on the system, network characteristics, and
other factors. Owing to the differences of pricing mechanisms,
other market issues, such as procurement of ancillary services,
management of congestions, and settlement procedures are
very different in zonal price-based market and nodal price-
based market. In chapter 8, we will provide detailed descrip-
tions and discussions about zonal price-based market and nodal
price-based market, respectively.

Power grid is not an ideal network. Power flows following
physical laws, and there is transmission capacity limit for each
line. Transactions in the electricity market are subject to physi-
cal transmission restrictions. Energy transactions are executed
only if the energy delivery through the grid is feasible. When
market participants sign bilateral contracts or bid in spot mar-
kets, most likely they ignore the issue of transmission. The
system operator is responsible for energy delivery and reliable
operation. If market transactions constrain transmission capac-
ity limits, transmission congestions occur. Economic mecha-
nisms are necessary for successfully managing congestions
in the electricity market. Both zonal price-based and nodal
price-based markets have their methods to manage transmis-
sion congestions.

The zonal pricing 1s actually designed to handle congestion
issues. The nodal pricing has a sophisticated mechanism to
handle congestions as well as value congestion costs. In a zonal
price-based market, when congestion occurs on tie lines, the
system is separated into zones while the constrained tie line lies
between zones. The power flow on the tie line is constrained by
its transmission limit, which is a boundary condition for sepa-
rated price zones. For each zone, the uniform price is obtained
for the participants in the zone subject to the tie lie limit as
boundary conditions. The zonal price of the zone at the send-
ing end of the tie line is lower than the zonal price of the zone
at the receiving end. In other words, customers in the receiving
side zones have to pay a higher price due to the transmission
limit that cheaper energy cannot be fully transmitted. The dif-
ference between two zonal prices is an economic signal/index
that shows the value of congestions.

Nodal price is obtained by solving the market optimization
model. The nodal price itself has a congestion component. The
congestion component is the sensitivity or dual of the system
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cost to each line constraint. It provides detailed information of
the impacts of line limits and congestions to the market. Market
participants connected to the node, no matter sellers or buyers,
pay for congestion fees according to the congestion component
of the nodal price. The cost raised by transmission congestion
is therefore allocated to market participants according to the
contributions of their transactions to system congestion. In
the United States, transmission right is derived from conges-
tion component of nodal price as part of the compensation to
transmission services. Details and calculations for congestion
management will be introduced in chapter 9.

Energy 1s delivered through the transmission grid, which is
owned and operated by the transmission company. Transmission
services are provided by the transmission company to support
the implementation of energy transactions. Transmission ser-
vices are defined as the services provided using transmission
facilities and equipment owned by the transmission companies.
The services procured from generation suppliers are catego-
rized as ancillary services, such as regulations, reserves, black-
start, and so on. The categorization of services depends on the
service provider, for example, reactive power support and volt-
age control services. If the reactive power and voltage control
service are provided by generators and synchronous condens-
ers, it is categorized as ancillary service and can be compen-
sated 1n the ancillary service market. If the reactive power
and voltage control service 1s provided by capacitors or SVC
devices in the transmission grid, it is categorized as {ransmis-
sion services.

Transmission companies are responsible for transmission
grid construction, expansion, and maintenance. In a restruc-
tured power system, transmission is a monopoly and run by the
transmission company. The costs for transmission expansion
and maintenance should be recovered and charged to energy
transactions. There are different ways for transmission charges.
In some countries, transmission tariffs determined by regulators
are charged to market participants according to their locations,
voltage levels, and so on. Transmission congestions are taken
into account in the spot market clearing process. When con-
gestion occurs, the price differences of spot prices represent
the congestion costs. In some markets, transmission rights and
other financial tools are designed on the basis of nodal prices
for hedging the risk of transmission congestions and the high
cost caused by congestions. Transmission tariffs and transmis-
sion revenues are the concerns of transmission companies in
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the electricity market design. The regulator is responsible for
the design of transmission tariffs and congestion charges.

7.6 Summary

Power system deregulation started in 1990s. Many countries
have restructured their power industry since then. Electricity
market designs are different in different countries and systems.
In terms of products traded, there are energy market, ancillary
service market, and electricity financial market. The transac-
tions in the energy market are implemented mainly through
bilateral contracts, day-ahead spot market, and hourly-ahead
spot market. Spot markets are cleared with uniform zonal pric-
ing mechanism or nodal pricing mechanism. Power system net-
work and transmission limits are considered as the constraints
in the market clearing process. Transmission congestions are
charged according to the price differences of different loca-
tions. Market participants include generators, transmission
companies, distribution companies, retailers, the system opera-
tor, marketers, customers, and so on. Bulk power is traded in
the electricity wholesale market. Small customers purchase
electricity from electricity retailers at electricity retail markets.

Bibliography

Bhattacharya, K., Bollen, M. H. I., Daalder, J. E.. Operation of
Restructured Power Systems, Kluwer Academic Publishers, 2001.



CHAPTER EIGHT

Electricity market
pricing models

8.1 Introduction

The costs of electric power generation depend on generation
types, fuel costs, generation cost functions, and so on. In the mar-
ket, electricity is not paid at its cost. Electricity has its market
value at different locations during different time periods. The
market value of electricity depends on the sufficiency of power
supply, electricity demand of the hour, transmission availability of
the network, as well as the prices offered by generators. The value
of electricity is reflected by the market price of each hour. In an
area with high electricity demand and insufficient power supply.
the electricity has a higher value, which results in a higher elec-
tricity price. Usually, the electricity price of load center is higher
than neighboring areas due to transmission restrictions. In terms
of locations, electricity market is cleared for zones or cleared on
the basis of nodes. Spot market prices are categorized as zonal
based market price and nodal based market price. Irrespective of
whether the market is priced in terms of zones or nodes, the prin-
ciple of market clearing is to obtain the marginal price.

In this chapter, we will introduce market clearing mecha-
nisms for both nodal price-based market and zonal price-based
market. To illustrate electricity market clearing for a nodal price-
based market, we will present the market model mathematically
with an optimization problem. The optimization problem is
solved to obtain locational marginal price (LMP), which is the
marginal price at each node. Then, settlement for the market is
discussed. Zonal price-based market and its congestion manage-
ment will be illustrated at the end of this chapter.
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8.21

Marginal
price
introduction

8.2 Nodal price-based market model

In commodity markets, the market price is determined by
supply and demand functions. A product is priced according
to its marginal production cost. Similar, in power systems,
the marginal cost of power generation reflects the value of
electric power. As discussed in Chapters 3 and 4, generation
cost of a unit depends on its operating point (or generation
output level). At different output levels, marginal costs are
different. This is because of the nonlinear characteristics of
generation cost curves. For a generating unit, its marginal
generation cost is the derivative of generation cost function
C(F;) to generation output F;, which is dC(F;)/dF;. The
physical meaning of marginal cost is the amount of increased
generation cost C(F; +AF;)—-C(F;) if generation output
increases by AF;.

The calculation of marginal cost/marginal price for a sys-
tem is more complicated, as there are multiple generators,
also power network need to be considered. Power network is
a mathematically nonlinear system. Due to line impedances
and transmission limits, the cost effectiveness of demand
changes on each node is different. In other words, increas-
ing the same amount of demand AP, at two different nodes
may result in different system cost increases. For example, to
supply one more unit demand APp at a node close to a hydro
power plant, the increased cost AC is smaller than supply of
the same amount of demand at the load center, which is far
from less expensive generators. So, the system marginal cost
AC/APp differs for demand at different nodes. Similar, the
marginal cost AC/AF; for generation adjustment at different
nodes have different values. So, the marginal cost is obtained
for each node in a power system considering its network topol-
ogy, branch impedances, and transmission limits. Subject to
network constraints, marginal costs at different nodes could
have different values. In this way, the marginal cost is cal-
culated for each node individually, which 1s a node/location-
based marginal cost.

In an electricity market, cost functions are confidential
information for generation companies. Generation costs are not
known to the system operator. The system and market are oper-
ated based on the prices offered by generators and the prices
bid by customers. The supply curve in an electricity market is
constituted by all generator offer prices in an ascending order.
The demand curve is constituted by all bids from customers ina
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descending order. However, electricity market cannot be simply
cleared as other commodity markets by finding the intersec-
tion of supply curve and demand curve. This is because of the
restrictions of network configurations. The sensitivity of each
node to the total payment in the market is different. Marginal
price of the market is calculated according to locations. It is
called locational marginal price (LMP), which is a nodal price.
The locational marginal price is obtained by solving the opti-
mal power flow (OPF)-based market model.

Mathematical model of OPF has been introduced in Chapter 5.
Traditionally, OPF is used for system economic dispatch to decide
optimal generation schedule by minimizing the total genera-
tion cost in an integrated system subject to network constraints.
Traditional power system is operated with central dispatch.
Security-constrained OPF or security-constrained unit commit-
ment (SCUC) are the mathematic models used by the system
operator for generation scheduling.

In a nodal price-based market, the independent system oper-
ator (ISO) runs the OPF model with market inputs, including
bilateral transactions, offers, and bids in the spot market. It is
different from traditional central dispatch that the economic
input is generation cost function of each generating unit. The
OPF-based market model optimizes the total market payment
while satisfying power system operation constraints: network
constraints, power flow equations, generation limits, transmis-
sion limits, and so on.

8.2.2.1 Objective functions Market participants submit
price—quantity pairs to the spot market. Generators with lower
offers and customers with higher bids have higher priorities
to be selected. The selected transactions should satisfy trans-
mission network restrictions. The market model is formulated
mathematically as an optimization problem.

The objective function of the market model is to maximize
the market benefit. In other words, it is to maximize the amount
paid by buyers/customers and minimize the amount paid to
sellers/generators. So, the buyers with higher bids and sellers
with lower offers are selected. The objective function 1s formu-
lated as Equation 8.1.

N N
Max Benefit = » B, (Pni)- »_Si(Ps:) (8.1)
i=1 i=1
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where:
B;(Pp;) 1s the aggregated demand curve constituted by bid
price—quantity pairs submitted by buyers
S:(Pg) 1s the aggregated supply curve constituted by offer
price—quantity pairs submitted by sellers

Here, we have an assumption that the bids and offers can be
aggregated into a continued demand curve and supply curve,
respectively. However, generators usually offer piecewise
prices following the piecewise linear generation curves, as
we have discussed in Chapter 4. If price offers and bids are
considered discrete, the objective function is formulated as in
Equation 8.2.

N N S
Max Benefit = Z Bid. - Py, — Z Z(}ffer,-’ B, 82)

i=1 i=l 5=l

where:
i =1,.._, N is the node index
Si is the number of sections that generator at node 7 has
offered for the piecewise curve

The price offered by generator i for section s (s =1,...,5i) is
Offer’. It is assumed that the customer at node / submits one
bid, which is Bid,.

In objective functions Equations 8.1 and 8.2, it is assumed
that electricity demand is elastic demand in the market. Buyers’
bids change at different load levels. However, in some cases,
buyers’ bids are inelastic. Then, the objective function can be
formulated as follows:

y
Min Payment = Z:Sf (Psi) (8.3)

i=1

Or

N Si
Min Payment = Z z Offer’ - P, (8.4)

=l s=l

In this book, we will use Equations 8.1 and 8.3 as objective
functions of the market model to study market clearing and the
characteristics of locational marginal prices.
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8.2.2.2 Constraints The objective function Equation 8.3
1s optimized subject to system operation constraints, which are
similar to the constraints of OPF model.

Power flow constraints:

N
Pgi—Pp;+Pg ™™ —Pal?fimm:z |Vr'|F/k‘(Gfk cos 0; +B;, sin 9:1—)
k=1 (8.5)
Vi=1..4N

N
QG;‘ _QD'-:ZM|V;‘I(GH‘ sin ej:,g —B‘;.{- COos 8;1 ) Yi= 1., Lz ,N (86)
k=1

Generation limits:

PRS2 Py BRSPSt N (8.7)
Q5" £ 0 < 0&™ Vi=L_. N (8.8)

Bus voltage limits:

VER <V V™™ VYi=1... N (89)
Phase angle limits:

oM< g <™ Vi=1l, N (8.10)

Transmission line limits:

2 2
Su| <(S8*) Vik=1,. ,Nandi=k (8.11)

Su =P+ jOx Vik=1_ _,Nandizk (8.12)

Py = iV: “VJ.| (Gu- cos0;; + By sin 0 ) = Mlz G

Vik=1, . Nandi=k

(8.13)

QEL‘ ZM”‘/;‘-HG,} sin e,';; —B,';; COS 9,—;; ) —M 2

Vi,k=1__ ,Nandi=k

(B _0'5Bjkcmhg)(8.14)

where:

S, 1s the complex power that flows from node i to node k.
The transmitted power on a line should be lower than
its transmission capability limit

Py, 1s the active power flows from node i to node k£

O 1s the reactive power from node i to node k
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In this model, Pp; 1s assumed to be inelastic demand. The objec-
tive function Equation 8.3 is optimized subject to constraints
Equations 8.5 through 8.14. Fg; and Og; are control variables. Fg;
is the active power committed from the generator at node i in the
spot market for the hour. As energy transactions are composed
of bilateral transactions and the transactions in the spot market,
the total generation at node 7 is the sum of Fg; and PRt where
PE"* is the amount of power committed by generator i in bilat-
eral contracts for the hour. Similar definition is for P2 The
model Equations 8.3, 8.5 through 8.14 discussed in this section
are for studying spot market clearing of energy market, so active
power procured from both bilateral contracts and the spot market
for the operating hour is combined as the generation output in
Equations 8.5 and 8.7. In fact, there could be long-term contracts
for generators providing reactive power as ancillary services. To
focus on active power and energy market in this section, we sim-
plify the reactive power procurement procedure and ignore reac-
tive power contracts in Equations 8.6 and 8.8. Reactive power
market issue will be discussed in the later chapters as one of
ancillary service markets.

Security operation is one of the most important issues in power
systems. In any electricity market, safety and reliability are still the
fundamental requirements to ensure a successful market operation.
In a power system, there are possibilities that more than one lines
or components are out of services during the operation. Outages of
power components could result in contingency states. It is expected
that the system can stand for the contingency states if one or more
lines/components are lost. This is referred to as the N —1 criterion
or N — k criterion. The system operator tends to obtain generation
schedules that can maintain the system within operational limits
for both normal operation states and contingency states. For exam-
ple, the generation schedule made by the system operator satisfies
the operation requirements during normal states (without loss of
lines), and even if any one of the lines is lost, the operation limits
are still satisfied. This generation schedule is considered being able
to stand for N — 1 criterion. Contingency states can be extended to
N —2 criterion, say, loss of any two components in the grid, and
furtherto N =3, ... ., N —k, and soon.

Generation schedules are traditionally obtained by solving
the optimization model of OPF with operational limits and
transmission limits. The system operator can make a generation
schedule that is able to stand for any N —1 contingency state
by including all N —1 contingencies in the constraints of the
optimization model. If needed, even N —2 criterion could be
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considered. By including contingency constraints and transmis-
sion constraints, security operation requirements are achieved
while optimizing the OPF model, which leads to a security-
constrained optimal power flow (SCOPF) model.

In the electricity market with central dispatch, which is a
common dispatch mode in many systems, SCOPF, security-
constrained economic dispatch (SCED), or SCUC is used for spot
market clearing. So, the transactions and the locational marginal
prices seftled by solving these security-constrained dispatch mod-
els have already taken system security operations into account. In
the following subsections, we use SCOPF as an example to explain
the security-constrained market model considering contingencies.

8.2.3.1 Objective functions The objective functions of the
security-constrained market model are similar as described in
Section 8.2.2.1. Variables F; and Qg; in the SCOPF model that
considers contingencies should satisfy the operation limits for
both the normal state (base case) and contingency states. The
objective function is optimized subject to operational limits
of full network (base case) and the operational limits of the
network with any contingency. In this chapter, the contingency
set C includes all N —1 contingency ¢, where ¢ €C.

8.2.3.2 Constraints The constraints for the network oper-
ation for base case are same as in Section 8.2.2.2. The con-
straints for the network operation at contingency states include
operation limits of all contingencies in the contingency set C.

Constraints for the base case:
Equations 8.5 through 8.14.

Constraints for contingency state ¢, YceC:

N

Bilateral Bilateral « C

Fgi — Pp; + Fg; —Ep; = E TV: ”Vx
k=1

(8.15)
X ((}‘,-‘;;cos 0% + B sin e:;.)
Vi=1,.,N,VceC
N
Qi —Opi = ;i‘/f IV;f (G,-fg sin 0, — Bj; cos B;}) i

Vi=1,.,N,VceC
Vmr <V V™ Wi=1,..,N,VceC (8.17)



134

e}mni:e:.;_:efnu YVi=1,..,N,VeceC (8.18)

Iss[ <(sem=)" Vik=1..NandizkVeeC  @8.19)

¢ =PS+jO. Vik=1,. . Nandizk VYceC (8.20)
Py = |Vi|vi' (G cos 05, + B sin 05 ) —|Vi | G (8.21)
Qi = |vi||vi (G sin® — B cos 6 )—|vie|

(8.22)

x( &—0.53,&“‘“%‘“5)

where superscript ¢ indicates that variables and parameters are
for contingency state ¢; for example, G;; and Bj; are the branch
parameters of the network at contingency state c.

The above-mentioned formulation implements preventive
security constraints. The control variables P and Qg; are not
allowed to change for base case and contingency states. The
objective function optimizes the control variables only for
the base case. If using a corrective security formulation, the
changes of control variables after the contingency are taken
into account. In the constraints Equations 8.5 through 8.22,
AC power flow is formulated. In practice, we can use DC
power flow equations for network constraints. This will reduce
the calculation burden significantly, although the accuracy 1is
acceptable.

Constraints Equations 8.5 through 8.14 are the limits of base
case. Constraints Equations 8.15 through 8.22 are associated
with contingency states, for example loss of a line. By solv-
ing the optimization problem satisfying operation limits of the
base case and all contingency states, the obtained generation
schedule (or market plan) is supposed to be able to stand for
any contingency state in the contingency set C. Then, the num-
ber of constraints in the security-constrained problem becomes
large and depends on the size of the contingency set C. Even
if DC load flow is used, the size of constrains of the problem
could be very large. For example, for a system with around
2,000 branches, the number of N —1 contingency is around
2.,000; however, the number of constraints could be several mil-
lion. In practical, not all contingencies result in operation limit
violations. Some contingencies only affect limited local areas.
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To reduce the size and computation burden of the optimization
problem, the system operator can determine the contingencies
to be included in the contingency set. To decide which con-
tingencies should be added in the security-constrained market
model, the probabilities of the contingencies and the conse-
quences of the contingencies are counted. Some critical N —2
contingencies could also be included.

In an electricity market, the energy transactions of each hour
are composed by energy traded through long-term contracts and
energy traded in day-ahead (DA) and hourly-ahead (HA) spot
markets. Real-time balancing of energy is settled in balancing
market or regulation market. Spot market clearing obtains the
spot price for each hour. The objective function of the market
model is to maximize the market benefit or minimize the pay-
ment, as described in Section 8.2.2.1. The control variables opti-
mized in the objective function are the generation procured in
the spot market from each generator i, which is . However,
the generation of generator / during the hour is not only the gen-
eration procured in the spot market but also the energy traded
through long-term contracts, such as bilateral contracts, over-
the-counter (OTC) contracts, futures, forward, and so on for that
hour. We use P2 to represent the amount of energy signed
by generator through long-term/bilateral contracts for the hour.
The summation of P;"*™ (through long-term contracts) and P;
(procured in the spot market) is the total generation of generator:
in the hour. P;; + p2iaterl represents the generation at node 7, and
it is the active power generation in the power flow constraints. In
the spot market model, the market clearing optimizes the pay-
ment of F;, which is the energy procured in the spot market.
The price of bilateral energy P5'““* is not in the objective func-
tion for optimization. The reason is that long-term bilateral con-
tracts are signed before the spot market. The price of a bilateral
contract is between the seller and the buyer and not disclosed
to the third party. The bilateral contract price is independent of
the spot market price, and similar for prices of OTC and futures
contracts. Market participants who signed bilateral contracts are
responsible for informing the system operator about the amount
of energy that will be traded for each hour according to their
bilateral agreements. They are not required to tell the system
operator of the energy price signed in the contract. The system
operator includes the amount of bilateral energy in the power

flow constraints to satisfy the physical limits of power network
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operation while optimizing the offers and bids in spot market to
clear the market. In the spot market clearing procedure, only the
amount of bilateral transactions is considered in the power flow
calculation, the prices of bilateral transactions are independent,
and they are not included in the optimization model of market
clearing. In other words, the spot market clearing only use the
amount of power in the bilateral contracts (and other long-term
financial contracts) for checking the physical limits of network
operation. If the security-constrained market model is applied,
the security check for bilateral transactions is implemented as
well. It is not necessary to disclose the prices of bilateral trans-
actions to the spot market and the system operator. Similarly,
only the amount of futures, forward, and other financial con-
tracts is included in the constraints, whereas the prices of these
electricity financial contracts are not shown in the spot market
clearing model, although the delivery of the financial contract is
on the basis of spot market price.

8.3 Locational marginal price

Marginal cost has been commonly used to price the value of the
commodity in a market. In traditional economic dispatch, sys-
tem marginal cost determines the optimal operation points for
generators, as well as the system marginal price. For a genera-
tor, the marginal cost (or incremental cost) function is the first
derivative of its generation cost function to generation output, as
described in Chapter 4. If transmission losses are ignored and
there is no transmission congestion, an optimized generation
schedule results in equal marginal cost for each generator. In
other words, the marginal cost is the same for the whole net-
work if ignoring losses and congestions. The economic dispatch
problem considering full network is described as an OPF model
in Chapter 5. Due to network topology and branch impedances,
generation changes at different locations may result in differ-
ent incremental costs. The sensitivities of the system total cost
to generation changes at different locations are different, and
the sensitivities are associated with network parameters. For the
OPF model Equations 5.5 through 5.10 presented in Chapter 5,
the sensitivity (or dual) of total cost Equation 5.5 to active power
flow constraint Equation 5.6 for each node i can be obtained, the
sensitivity/dual is the marginal cost of active power for node 7.
If the sensitivity is calculated for the total cost to reactive power
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flow constraint, then the marginal cost for reactive power for
each node is obtained. The sensitivity analysis method can be
used for the electricity market model to obtain locational mar-
ginal prices (LMPs).

The optimization model for spot market has already been pre-
sented in Section 8.2.2. Depending on generator offer curves
and customer bids, different objective functions Equations 8.1
through 8.4 are presented. Objective functions Equations 8.2
and 8.4 are formulated for piecewise offer prices, so the sup-
ply and demand functions are noncontinuous curves. If there
are enough number of market participants for auctions, the
noncontinuous supply and demand curves can be fitted to qua-
dratic functions using curve-fitting methods. By curve fitting,
the derivative of the equivalent nonlinear quadratic function
can be obtained for marginal price calculation. For continu-
ous objective functions Equations 8.1 and 8.3, the calculation
of locational marginal price is more straightforward. In this
section, to derive the formulation of location marginal price,
for simplicity, we will use objective function Equation 8.3,
Min Payment= 3" S,(F).

If we use general optimization formulation, the market
model that optimizes objective function Equation 8.3 subject to
Equations 8.5 through 8.14 can be formulated as

Objective:
Min £ (u) (8.23)
subject to:
g(u,x)=0 (8.24)
h(u,x)< 0 (8.25)
| I | L | . (8.26)
where:

g 1s the vector of equality constraints

h is the vector of inequality constraints

u represents the vector of control variables
x represents the vector of state variables
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The market optimization model is a nonlinear programming
(NLP) problem. It is continuously differentiable in its feasible
region. Thus, an optimality, the Karush-Kuhn-Tucker neces-
sary condition holds:

dL

— =0 (8.27)
% =0 (8.28)
c

p'h=0 (8.29)

where p represents the vector of Lagrange multipliers associ-
ated with all inequality constraints h, and L is the Lagrange
function of the optimization problem that is expressed as
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where:
F, 1s the net injection of active power at node i. P, = F; — Pp; +
phiwent _ pBilaenl 4 expressed in Equation 8.5
O, isthe net injection of reactive power atnode i. Q; =Qg; — Op;
as expressed in Equation 8.6

The locational marginal price at node i, LMP, which represents
the incremental payment of the system in supplying a marginal
demand at node 7, is expressed as the Lagrange multiplier of the
active power balance of node i:

LN]Pr :}“PI; (8-3I)

The locational marginal price (LMP) at each node i is com-
posed of three components: energy component, loss compo-
nent, and congestion component.

Physically speaking, the energy component represents the
marginal value of supplying electricity in an ideal network
without losses or transmission limits. Energy components
are same for all nodes in the network. It is an indication of
the value of energy. In Chapter 4, economic dispatch without
considering network obtains a system-wide marginal cost.
In fact, this is the same principle as the energy component
of LMP.

Loss component represents the additional cost caused by
transmission losses. Owing to network topology structure and
line impedances, losses associated with different nodes are dif-
ferent. Loss component of each node depends on its location
and the sensitivity of system losses to active power flow con-
straint. The economic dispatch considering losses in Chapter 4
applies a penalty factor pf; (Section 4.3) as a correction of
losses to the system marginal cost for each node i. Its principle
is similar as that of the loss component of LMP.

Congestion component is a nonzero value only if there are
transmission congestions in the network, or power flow on a line
reaches the transmission limit of the line. For example, there is
a two-area system that power transfer from area A to area B,
and generation cost in A is mostly lower than that in B. If the
transmission line between A and B has an unlimited capacity,
power can be transmitted freely to B and then the energy price
will be the same for two areas. Given the line between A and
B has a transmission limit T, the power that flows from A
to B is limited to 7M. If more power than T™" is needed in
B, then area B has to purchase energy from its local generators,
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which is more expensive than purchase from area A. So, the
energy price of area B will be higher than that of area A. The
price difference of the two areas is caused by the capacity limit
of transmission line (or transmission congestion). This is the
congestion component. In a messed network, the calculation of
congestion component is not as straightforward as in the two-
area example. Mathematical tools are needed to calculate the
congestion component of LMP.

There are different ways to decompose LMP into energy
component, loss component, and congestion component. The
methods can be classified into two categories: reference node-
dependent methods and reference node-independent methods.
When people first started to decompose a LMP into three
components, it was noticed that some system parameters are
given depending upon the selection of reference node, such as
slack bus in power flow calculation. So, the decomposition of
a LMP is referred to the selected reference bus, which needs
to be specified. Using different reference buses may result in
different values for the components. However, the summation
of three components is the LMP, which cannot be changed.
The difference between congestion components of two nodes
should always be the same no matter which reference bus
is used, and the difference represents the congestion value/
congestion charge between two nodes.

The component values obtained by the classical LMP
decomposition method are reference dependent. The refer-
ence node needs to be specified when three components are
presented. Some reference-independent methods proposed
by researchers can be found in the recent research papers. In
practical market analysis, we care about the value of LMP and
the differences in loss components between nodes and dif-
ferences of congestion components between nodes, which are
relative values that do not depend on reference nodes. Thus,
absolute values and reference selections do not matter that
much. Here, we introduce the classical LMP decomposition
method.

Classical LMP decomposition method is based on the clas-
sical power flow analysis and Jacobian matrix. The slack bus is
selected as the reference bus. The voltage magnitude and phase
angle are fixed for the slack bus.

Because of network topology and branch impedances,
some energy 1s consumed in the network. So, the total
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generation from generators is larger than the total electric-
ity demand 1n the network. If the energy consumed in the
network is P,.., then

N

N

Bilateral Bilat ..1

Pbss:Z(PG:"’_PGf‘ “ Z Ppi+Pp
i=1

i=1

where:
Fi: and Py, are the power cleared in the spot market
P and Py are the power traded through long-term
transactions

If constraints Equations 8.5 and 8.6 are represented by net

active power injection P; and net reactive power injection O,
as follows

Bll.lteral Bilateral
B = Fi— Poi + Fgi — Pp;

(8.32)
(Gﬂ- cOos B,'k + B;k sin e,:;; ) Yi= l., o _,N
N
Qi =0 —Opi = Z’Vr HVI.'|(GH; sin 0, — By cos efk)
k=1 (8.33)
Yvi=1,...,N
then we have
N N
Plns.s — P{.'j + PB:Interal PDj i PB.L,tem}
Z( - Z( )
N
= Z(PG:' _PD: + PBﬂaleral P_{%‘ﬂmem) (834)
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If the net power injection to the reference bus is listed sepa-
rately and the index of the reference bus is called as ref, then
Equation 8.34 is expressed as

N
Pasw= ) P+Pu (8.35)
i=1

i#ref

From Equations 8.32 and 8.33, net power injections P, and O,
are functions of state variables V; and 6,. In Equations 8.23
through 8.26, state variables are represented by the variable
vector X, and x =[V,,V5,....Vy. 0,,0,.....0y 1. So. P., 0;, P, and
P, all are functions of the state variable x, expressed as follows

P =P (Vi,Va,....Viy,01.6,,....0y ) or P = P(x)
O = Qf(Vqu,---,VN,91593,---5934) or O, = 0i(x)
Poss = Poss (Vi, Va, -, W, 81, 03,..., By ) OF Bgs = Pioss(X)

Pt = Pt (V1. V2000, Vi, 01, 03,...,0 ) OF Prog = Prg(X)

According to Equation 8.35, £ (x) can be written as

N N
Raws ()= D P(X)+ Per (), 50 Pur() =Fuws() = ) B(X) (8.36)

i=1 i=1
i#ref i#ref

The partial derivative F.(x) with respect to state variable:
X =[V;, V2,0, Vi, 01,0, 05T s

Eﬂiﬁ-(}:)
i=1

OPut(X) _ OPou(®)  foms aPm(x)_iaﬁ(x)
ox ox ox x A

(8.37)

izref

As P, is also a function of control variables F,; and Qy; (for
i=1,..,N,and i # ref), hence P. and Q,, so

N N
OPoss (X) OPoss OF, (X) OPoss an (X)
_ . . 8.38
ox Z A ox * Z 8Q{ ox ( )

i=1 1=l
ieref ieref

_%
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Replace &P, .(x)/6x in Equation 8.37 by Equation 8.38, then
Equation 8.37 is formulated as

Pt (X) _ OPus(X) i OP(x)

x x4 ox
i#ref
:iaﬁm‘.“P(X)Jr a Rm.er(X)
&=i OF, et 00,
ieref i f

(8.39)

 OP.(x)
R, 6:

i=1
i#ref

:i aP!Dss_I .aﬁ(x)+iaﬁcﬁ_ag(x)
oP ox 4400 o

i=l
igref igref

Equation 8.39 can be expanded and expressed with matrix
formulations as follows:

aPrd(x): OR(x) OPy(x) 00 (x) A0y (x)
- e "I T

ﬁﬂcsx -1 (8.40)
aP.\r FﬂerI,...,N,
% i

&P, and 7 # ref

aPEoss
00

Vector [8R(x)/0x,...,0Py(x)/0x,001(x)/0X, ..., 00y(x)/0x] is
the transpose of Jacobian matrix J if we apply the definition of
Jacobian matrix in power system analysis, so

I = OA(x)  OPy(x) Qi(x)  IQy(x)
ox 0 oex T oox T éx
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Formula (8.40) is written as

P ;)|
P,

Y
0P (X) =J. OFy

x (2™
o0,

aﬁms
00y

(8.41)

ﬂPref(sz_JT. OPy Fori=1,...,N,
Ox OP e and i # ref

_ o

We can also write the partial derivative of Lagrange function
(Equation 8.30) with respect to the state variable vector x as

Equation 8.42

>

0 SJ;(PGJ') N N
oL - : oP, 8Q; oh'
_—= L + ;\.. i + 7\-' i e SR 8.42
x x ; B ; o T ok B (842)
Or
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where:
g is the vector of equality constraints
h is the vector of inequality constraints
u is the vector of Lagrange multipliers associated with all
the inequality constraints h
A is the vector of Lagrange multipliers associated with
equality constraints g

A :[lms---s?hpwslgh---slgw]r

Component A 1s the locational marginal price for active
power at bus i. If we study reactive power pricing, then,
in fact, A; 1s the locational marginal price for reactive power
at bus i.

Similar as the derivation in Equations 8.40 and 8.41, the sec-
ond and third items in Equation 8.42 associated with Lagrange
multipliers Ap; and A, can be represented as the product of
Jacobian matrix J” and vector of Lagrange multiplier A. So,
Equation 8.42 is written as

N

0 Si(Fs) i
—:——*—+Jrl+t’gu (8.43)

The necessary condition for optimality is that the derivatives
of Lagrange function to variables are equal to zero, which is
(6L/&x) =0. Then, we can obtain the formulation of vector A,
which is LMP as follows:

é ) S8(Fsi) 5
}‘:_ Ty-1 i=1
@ ox x "
N
0% 5,(Py) -
S e 741 O
J) x J) o
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The formulation is further written as

Zs P, 5,17
1. e of Ty— 5 ref Ty -1
g on, |~
5
0 Si(Fa)
— _(JT)—I }:ief . aPI‘ef + asref(‘pref) N aPl‘ef (844)
0P, ox OP OxX
a2,
S OSret (Fret) aPrcf -1 C’h
By substituting Equations 8.41 into 8.44, we have
[ aPIDse‘. —1 1
oR
Py |
?L - _(JT)— aSrEf( Ef) JT aPN (8.45)
L.Pn:’f aﬁl}’-&
o0,
EHQ"-S
[ Qv |

T
%JT)“ o

As(JN)'-JT =1, then
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(E?RBS_\' sz l}
op
0Py

OSrer ( Pre o’
= _u _(JT)IL_“ (8.46)
OFet 0P, 5).
ao,
ans.s
EQN

From the vector formulation of Equation 8 .46, we can find that,
for any bus i, the LMP Ap; is

_ aSref (me) . aﬂu:..\ : BSrel' (Pref) . | ahT

Api = = = =
OPys oF; OP et oF;

(8.47)

It is shown in Equation 847 that the LMP at bus i is
composed of three components. The first component
OS,et (Pres )/ 8P, is the energy component, which is related to
the marginal cost at the reference node. The second component
~(OPyss /OP,) - ([0S 1o (Prer )]/ 0Pyt ) is the loss component. The last
component —(¢h’/8P)p is the congestion component.

The energy component is independent of bus index, which
means the energy component is same for all nodes in the grid.
However, the value relies on the selection of reference node. We
have discussed this issue in the above sections. The loss com-
ponent is the product of energy component and the derivative
of system loss to F;, which means that loss component differs at
different buses. The congestion component is associated with
the partial differential of inequality constraints to P, which
represents the costs caused by constrained transmission limits.

SCOPF or SCUC is commonly adopted by the ISO as market
model. Locational marginal prices are obtained from security-
constrained market model. The derivation of LMP for SCOPF
model will be described here. Same as in the previous sec-
tion, we first write the Lagrange equation for the security-
constrained market model (Equations 8.3, 8.5 through 8.22), as
in Equation 8.48.
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N N N
L= zsf (Foi)+ Z A pi [P-G‘r —ZF/}”VL-KGE& c0os 0 + By sin O )]
Z?\.Q |iQ( Z‘V”VJL G, sin0,, — B, cos®, )}
+Z'u'$rm (P&l:.l.l'i _ Pcl?r_ilaLeral _PGJ') + Z“??K(PGE + Pcl?;i!nterul - Pé?ux)
- o
N N
+ZHT&EH (Q{r:}fin = ch') + ZHE‘“ (QG:’ -
i=1 i=1
N _ N .
# 2 (v =)+ > e (v
i=1 i=1
N N
£ B (0r - 0)+ > e (0,-07)
i=1 i=1

(‘W”H—l(@k cos 0, + B sin 8,-,{) - IV]‘Z Gr_k)2 4
N N

+Z Z“"" (‘Vfi Ml(Gr'ﬁ sin 0, — By cos 0 ) -

J_ Ivfl2 (Br'k _G.SB&P&@“E ))2 _ (SI-TM)Z

£y ix;;,- -P@- - i\vw G cosBy + B, sin 6, )] _
== L

*ZZ’“@ Qai - Z|V [ve|(Gsines, - Bxcose;)]
St ey
+Zcipé“ (or—65)+ Zu;ﬂ (66 em)]

(v o B sinei ) Gf*)i

3 s~ B ot -
cel i=l
Ivr'(ll (B,(,( _ O.SB;{Chmging ))2 B (S;(m“)

2

(8.48)
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LMP is obtained as the derivative of Lagrange function to
active power P at bus i. The LMP considering contingency
states can be expressed as

oL .
LMP, = e Api + Z A, (8.49)

cel’

The LMP has two items: (1) Ap; is the same as the LMP pro-
cured for the OPF model, representing the locational marginal
price in the precontingency state and (2) ¥ Ay represent-
ing the locational marginal cost in meeting the power balance
equations for all contingency scenarios. Therefore, } - AF; is
defined as the marginal price for contingency set C. From this
aspect, security can be priced in the electricity market.

8.4 Examples for locational marginal price
calculation and market clearing

In this section, we will use several examples to illustrate how
to clear the spot market and how to obtain locational marginal
prices, as well as how to integrate bilateral contracts in the mar-
ket settlement, and the applications of contract for difference
(CfD) in the market.

8.4.1.1 Example A A simple example is given here to illus-
trate the LMP calculation without considering network. Assume
there are three generators (power suppliers) in the market, and the
system load Fp, is inelastic load. They offer linear supply functions,
so the offer prices are constant numbers as shown in Table 8.1.

Without considering the network effect of losses and con-
gestions, the market model is quite simple. It can be formulated
as follows:

!l‘r
Min Payment = ZS,.(PG,-) —12P,, +15P;, +20P;;  (8.50)

=1

Table 8.1 Generator offer prices for Example A

Generator Capacity (MW) Offer price ($/MWh)
Gen | 300 12
Gen 2 150 15

Gen 3 200 20
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Subject to
Fa+FPa+Fa=F (8.51)
0<F; <300 (8.52)
0 < F; £150 (8.53)
0 < Py <200 (8.54)

The market model (Equations 8.50 through 8.54) has a dis-
continuous objective function due to the piecewise payment
function. The optimality can be obtained for each section. The
marginal price is A, which is formulated as

12 0< P, <300
A=115 300 < P, < 450
20 450 < Py < 650

As network effect is not considered, there is no difference
identified for the locations of three generators. LMP is the same
for all generators, and equal to A. In fact, this is the energy
component, as no loss or congestion component is counted.

For the example, if the load is 400 MW, it falls in the second
section, the marginal price is $15/MWh for selected two gener-
ators: Generator 1 and Generator 2. Generator 3 is not selected
due to its high offer price. If the load is 500 MW, the demand
falls in the third section, the marginal price is $20/MWh for
three generators, which are all selected by the market.

In this section, we use a three-node system to illustrate the
effects of network congestions on LMP and the calculation
of congestion component. It is assumed that resistances of
lines are zero, and the power flow distribution is based on line
impedances. We can simply use DC load flow equations for
power flow calculation.

8.4.2.1 Examples: Without loss or congestion
8.4.2.1.1 Example Bl The topology of a three-node power
system is same as shown in Figure 8.1. Resistance of each line
1s ignored, which means there is no loss considered. The reac-
tance of each line is given in the figure.

There are two generators located at node 1 and node 2, respec-
tively. The capacity of the generator at node 1, G1, is 300 MW,
and its offer price is $10/MWh. The capacity of the generator
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Capacity 200 MW
Offer price $20/MWh

O
—
50 MW

ngz 2
Capacity 300 MW
Offer price $10/MWh
Xi3=1
250 MW
3

FIGURE 8.1 The three-node system: load = 300 MW and no
congestion.

at node 2, G2, is 200 MW, and its offer price is $20/MWh. The
total load is 300 MW on node 2 and node 3, where Py, = 50 MW
and Py; = 250 MW.

Assuming that transmission line limits are not constrained
in this example, there is no congestion. In this example, only
generation offers are considered in the market. DC OPF intro-
duced in Chapter 5 1s applied, and the DC power flow equa-
tion is used for the power balance constraint for each node. The
market model of this example can be written as follows:

3
Min Payment = ZS,—(PG,- ) =10P;, +20Ps, (8.55)

i=l

Subject to
DC power flow constraints:

o
PGE_PD:':ZM Yi=1,...3

= X
k=i
So,
po =L81=8%) (B 6) (8.56)
2 1
Py —Poy = (82;81)+ (eieﬂ) (8.57)

By A (8.58)
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Generation limits:
PEn< P . <PP™ ¥i=1,.73
So,
0< Py < Po™ (8.59)

0< Py < P35 (8.60)

Define base value Sz =100 MVA, so per unit value of Pp, is
50/100 = 0.5, and per unit value of Pp;is 250/100 = 2.5. The
per unit value for generator capacity is 3 p.u. for Generator 1
and 2 p.u. for Generator 2. Rewriting the model (Equations 8.55
through 8.60), we have a simple optimization model as follows:

Min Payment =10F;, +20F;, (8.61)
Subject to

Fr =1.50,—-0.50, — 05 (8.62)

P —0.5=-0.50, + 0, —0.50, (8.63)

-2.5=-0,-0.50, +1.50, (8.64)

0<F;<3 (8.65)

0<F;<2 (8.66)

The objective function of model (Equations 8.61 through 8.66)
is a two-segment function. Using the Lagrange function, the
optimal solution for the model can be easily obtained as P =3
(per unit), P> =0. Substituting results in the model, we can
simplify the original Lagrange function as follows to calculate
Lagrange factors:

L=10P; +h(1.50, —0.50, — 05— P )
+M2(—0.50, +0, —0.50; — Py, +0.5)

+4; (-0, —0.50,+1.50, +2.5)

where A, A,, and A, are the Lagrange factors for power bal-
ance equations (Equations 8.62 through 8.64). To obtain the
optimum solution, we have
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oL

LI 0

G'Pg1

‘I?L = I.S?\.] —0.5?‘.2 = ?\.3 = 0
C‘B]
a—L — —0.59\.] +7\.g —0.50; =0
0,

2
L o N £ 15k 0
00,

By solving the earlier four equations, we can obtain
A = Ao = Ay =3$10/MWh, which are the LMPs of the nodes.

If we set the voltage phase angle of node 1 as reference,
say 0, =0, and substitute F;; =3 and P;; =0 into Equations
8.62 through 8.64, the equations can be solved and the value
of phase angles are obtained as 0,=0, 0,=—(8/5), and
0; =—(11/5). According to DC power flow calculation, the
power flow between node i and j, F; (pu. value) is expressed
as P; = (0; —0,)/X;. So, we have the power flow (per unit value)
on each line as follows:

(6-6:) [0-(8/5] 4

A=
X1 2 5
C(00-05) [0-(-11/5] 11
T X 1 5
(0:-6;) [(-8/5)-(-11/5)] 3
Py = = =—

’ o 2 10

Converting the per unit values to actual values based on
Sp =100 MVA, we have

P :§x100=80 MW, P; :-IS—IXIDO=22O MW, and

Py, == x100 = 30 MW,
10

P, =300 MW, F;>= 0, and LMP, =LMP, =LMP; =§10/MWh.

The price $10/MWh is in fact the energy component of LMP, as
there is no loss or congestion in the market. The total payment
to Generator 1 is $10/MWh x 300 MWh = $3,000 for 1 hour.
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Poy=0MW
LMP, = $10/MWh

0

—
50 MW
P23: 30 I\IIW
PGI = 300 I‘-’IW
LMP, = $10/MWh
P13 =220 MW —d
250 MW

LMP;=$10/MWh

FIGURE 8.2 Solution to the three-node market model: load =
300 MW and no congestion.

Load at node 2 needs to pay $10/MWhx 50 MWh = $500, and

load at node 3 needs to pay $10/MWh x 250 MWh = $2, 500.
The solution to the example is shown in Figure 8.2.

8.4.2.1.2 Example B2 We continue to test the market
model in Example B1 and assume that the load 1s increased to
400 MW, with Py, =50 MW and Pp; =350 MW. Rewriting
the model (Equations 8.61 through 8.66), we can optimize the
model for Load =400 MW (or 4 p.u.) as follows:

Min Payment =10F;, +20F;,
Subject to
P =1.50,-0.50, - 04
Py —0.5=-0.50, + 0, —0.50,4
-3.5=-6,-0.50, +1.50,4 (8.67)
0<F; <3
0<Fr 22

The objective functions and constraints are same as in the model
(Equations 8.61 through 8.66), except that Equation 8.64 is
replaced by Equation 8.67 due to change in load at node 3 from
2.5 to 3.5 p.u. Using the similar method as Example Bl, the
model is solved and the solutions are as follows:

P; =40 MW, A3 =260 MW, and P; =90 MW
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Py =100 MW
LMP, = $20/MWh
+©
— >
50 MW

P23 =90 W
PG]. =300 MW
LMP; = $20/MWh

Plgz 26‘0 MW 350 MW

LMP;=$20/MWh

FIGURE 8.3 Solution to the three-node market model: load =
400 MW and no congestion.

FPoi =300MW, F;; =100MW, and LMP, = LMP, = LMP; =
$20/MWh

The solution for the scenario that load = 400 MW is shown in
Figure 8.3.

From the market model solutions, we found that for a market
without congestion, and without considering losses, the loca-
tional marginal price for each node is the same, and all are
equal to the offer price of the marginal generator, which is the
last generator selected for supplying the load. In Example B1,
the load is 300 MW, Generator 1, which offers lower price, is
selected to supply 300 MW and LMP is $10/MWh. In Example
B2, the load is 400 MW, which is higher than the capacity of
Generator 1, so Generator 2 is also selected and LMP becomes
$20/MWh, which is the offer price by Generator 2. In fact,
since no losses or congestions are considered in the examples,
there are no loss and congestion components. So, the LMPs
obtained in Examples Bl and B2 are the energy components of
locational marginal prices.

8.4.2.2 Examples: With congestions

8.4.2.2.1 Example CI In this example, we continue
Example Bl and assume the line between node 1 and 3 has a
transmission limit BY™ =200 MW so, the per unit value of the
transmission limit is 2 p.u. based on Sz =100 MVA. The mar-
ket optimization model for this example is formulated based
on the optimization model (Equations 8.61 through 8.66) in
Example Bl, with an additional transmission line constraint
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P; =(0,-0;)/X;5 < P3™ added to the model. The objective
function and other constraints are same as in Example Bl. By
substituting the value of X;; =1 and BY™* =2 p.u., the trans-
mission line constraint for line 1-3 is rewritten as 6, —0, < 2.

The constraint is formulated as Equation 8.68 in the following
model:

Min Payment = 10F;, + 20F;,
Subject to

Fry =1.50, —0.50, — 05

Pz —0.5=-0.50, + 0, —0.50,

-2.5=-0,-0.50, +1.50,

0,—0,<2 (8.68)
0<P; <3

0<P,<2

The Lagrange function with power flow constraints and the
transmission constraint is written as

L =10F; +20F;, +1, (1.56,—0.50, -6, — P, )
+ My (—0.50, +0, —0.50; — F;, +0.5)
+23(—0;—0.50, +1.50; +2.5)
+J-l11(91 —93—2)
The necessary conditions for optimal solution are that the

derivatives of the Lagrange function with respect to control
variables and state variables are equal to zero. So,

L 10—3, =0

G'P{;]

L5 20-2 =0

0Fg2

oL =0 I.SPL]—D.S}UQ—?L:J,‘P].I,B =0

00,
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& 5 ~0.5k +A2~0.54; =0

083

?L =0 —;‘L1—0.59\.2+I.53\.3—]‘ll3 ={)
C‘Bz

By solving the previous five equations, we can obtain

A =$10/MWh, A, = $20/MWh, ); = $30/MWh, and
pis = $25/MWh

The optimal solution for power generation is

P, =250 MW and P, = 50 MW

P> =50 MW, P;5 = 200 MW. and Py = 50 MW

The solution is shown in Figure 8.4.

The results show that locational marginal prices for three
nodes become differentdue to the congestion between node 1 and
node 3. The LMPs are LMP, = $10/MWh, LMP, = $20/MWh,
and LMP; = $30/MWh.

The given conditions of the example are same as in
Example B1, except that a transmission limit 200 MW between
node 1 and 3 is constrained. Due to the transmission limit and
congestion between node 1 and 3, we notice that the optimal
generation schedule and LMPs have a big difference compared

Py =50 MW
LMP, = $20/MWh

PGI =250 NIW
LMP, =3$10/MWh
P13 =200 MW 250 W

LMP; = $30/MWh

FIGURE 8.4 Solution to the three-node market model;
load = 300 MW and with congestions.
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to the results of Example B1, which has no transmission limit.
The less expensive generator, Generator I, is not dispatched
to generate at its full capacity due to the transmission ability
of line 1-3. Generator 1 generates 250 MW, and the remain-
ing 50 MW is generated by the expensive Generator 2.
Power flow is redistributed according to line impedances.
Without transmission congestion, LMPs for all node are
same and equal to $10/MWh. However, with congestions,
LMP at node 1 is $10/MWh, LMP at node 2 is $20/MWh,
and LMP at node 3 is $30/MWh. This means that customers
at node 2 and node 3 will need to pay more than that shown
by the results in Example B1. Load at node 2 needs to pay
$20/MWh x 50 MWh =§1,000, and load at node 3 needs to pay
$30/MWh x 250 MWh = $7,500. Both loads need to pay much
higher than the case in Example Bl. The total payment from
loads is $1,000+5$7,500 =$8,500. At the generation side,
Generator 1 is paid by $10/MWh x 250 MWh =$2,500 and the
Generator 21s paid by $20/MWh x 50 MWh = $1,000. The total
amount received by generators i1s $2,500+ $1,000 = $3,500.
The difference between the amount paid by loads and the
amount received by the generators is the congestion cost,
which is $8,500—53,500 = $5,000. From this example, it is
shown that the congestion cost could be very high, and the
risk of congestion (or delivery risk) is high in an electricity
market. The methods to hedge congestion risk are necessary
in an electricity market. The issue of congestion management
in an electricity market will be introduced 1n Chapter 9.

8.4.2.2.2 Example C2 To verify the locational marginal
price obtained for node 3 in Example C1, we increase Pp; by
APp; =10 MW to 260 MW and calculate the incremental pay-
ment due to the load increase. The following model is solved to
obtain the solution for the problem:

Min Payment = 10F;, +20F;,
Subject to

P =1.50,-0.50, - 05

Pz —0.5=-0.50, + 0, —0.50,4

-2.6 =—0, —0.50, +1.50;

0,-0;<2
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Py =70 MW
LMP, = $20/MWh

PGJ. =240 MW
LMP, = $10/MWh

260 MW

LMP4=$30/MWh

FIGURE 8.5 Solution to the three-node market model: load =
310 MW and with congestions.

The solution of the aforementioned model is as follows:
Ay =$10/MWh, A, = $20/MWh, and A; =$30/MWh
P., =240 MW and P, =70 MW
P, =40 MW, F; =200 MW, and P; =60 MW

The solution is shown in Figure 8.5.

The total payment to two generators is $10/MWhx
240 MWh +520/MWh x 50 MWh =83,800. Compared to
Example C1, the incremental payment due to the load increase
APp; =10 MW is $3,800—$3,500 = $300. So, the marginal
price is $300/10 MWh = $30/MWh, which is equal to the LMP
obtained in the example. The LMP calculation for node 3 is
verified.

In this section, we give an example to calculate LMP for a
power system. In Chapter 5, we use the IEEE 30-bus system as
the test system for OPF. Here, we will use the same system for
LMP calculation (Figure 8.6). The system topology and data
are given in Section 5.6.1. Following is the one-line diagram of
the system and the supply function S;(Fg;).

The supply functions S;(F;) offered by six generators in
the system are assumed to be quadratic functions instead of
piecewise linear functions. The assumption makes it less com-
plicated for calculation. S,(Py)=aFP; +b,Ps; +c,, where the
coefficients are listed in Table 8.2. The demand Py; for bus : is
listed in Table 8.3.
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FIGURE 8.6 One-line diagram of IEEE 30-bus system.

Table 8.2 Coefficients of supply functions and upper limits
of generations

Generator i «; (¥MWh?) b ($/MWh) ¢ ($) P3P (MW)

1 0.12 30 80 40

2 0.05 25 40 80

5 0.1 38 25 80

8 0.2 20 35 80
11 0.15 40 50 100
13 0.08 32 50 180
Table 8.3 Active power demand for system (unit: MW)
i Py i Py i Py i Py i Py i Py
1 0 6 0 11 0 16 35 21 175 26 35
2 217 7 228 12 112 17 9 22 0 27 O
3 24 8 30 13 0 18 32 23 32 28 O
4 76 9 0 14 62 19 95 24 87 20 24
5 942 10 58 15 82 20 22 25 O 30 106
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8.4.3.1 Example DI We firstuse DC load flow-based market
model to calculate the LMP without losses and congestions. The
LMPs for all buses are obtained as $43.13/MWh. As losses are
ignored and there is no congestion, the LMP value $43.13/MWh
is the energy component of locational marginal price. The results
are shown in Table 8.4.

In the market, the seller/generator is paid with the LMP at
its node. The payment to each generator and the total payment
is calculated and listed in Table 8.4.

8.4.3.2 Example D2 1f we use AC load flow equations that
consider transmission losses, the market schedule is obtained
as given in Table 8.5. The LMP obtained for all 30 buses are
listed in Table 8.6. The payment to each generator and the total
payment is listed in Table 8.5.

Table 8.4 Market schedules, LMPs, and total payment without
losses and congestions

Generation Payment
schedule LMP; (LMP, x F;)

Generator i P (MW-h) ($/MWh) ($)
1 40 43.13 1725.2
2 80 43.13 3450.4
3 25.63 43.13 11054
8 57.815 43.13 2493.6
11 1042 43.13 4464
13 69.536 43.13 2999.1
Total 2834 - 12223.1

Table 8.5 Market schedules considering transmission losses

Generation Payment
schedule LMP; (LMP, = F;)

Generator [ i (MW-h) ($/MWh) (%)
1 40 42.28 1691.2
2 80 42.60 3408
5 32267 44.45 1434.3
8 57.887 43.15 24978
11 11.819 43.55 514.7
13 64.792 42.37 2745.2

Total 286.765 - 12201.2
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Table 8.6 LMPs ($/MWh) for all buses considering transmission losses

i LMP i LMP, i LMP, i LMP, i LMP, i LMP
@l [4228] 6 4433 @11 4355 16 4331 21 4404 26 44.95
©2 4260 7 4402 12 4237 17 4364 22 4402 27 4390
3 4288 @8 4315 @13 4237 18 4407 23 4396 28 43.49
4 4304 9 4355 14 4303 19 4430 24 4435 29 4493
@5 4445 10 4366 15 4343 20 4417 25 4426 30 [45.64

LMPs for all buses are listed in Table 8.6. For the six buses
with generators, a symbol @ is marked beside the bus number.
Among six generators, generator at bus 5 1s more expensive
in the market, generators at bus 1, 2, and 13 are relatively less
expensive. Bus 1 has the lowest LMP. Bus 30 is far from power
suppliers, it has the highest LMP due to long-distance transmis-
sion and transmission losses.

According to the amount of generation and LMP at nodes
with generators, the payment to each generator is calculated
and shown in the last column of Table 8.5. The total payment
1s $12,291.2. Using the demand data given in Table 8.3 and the
LMPs in Table 8.6, the total amount paid by the buyers/consum-
ers is calculated as ¥, LMP, x P,; = $12.,440. The total pay-
ment according to LMPs to sellers/generators 1s $12,291.2 as
calculated in Table 8.5. The difference between the amount
charged to buyers and the payment to sellers is ($12,440 —
$12,291.2) = $148.8, owning to losses.

In this example, transmission line limits are assumed to be
big and there is no transmission congestion. The power flow in
the branch, P, frombus i tok (i,k el,.. ,N,i=k)is listed in
Table 8.7.

The value of P in the table shows the power flow from bus ¢
to k. For a negative power flow Fj, it refers to power flow from
k to i. There are three lines, line 2-5, line 67, and line 1213,
the power flow on the line is higher than 40 MW.

8.4.3.3 Example D3 If transmission capacities for all lines
are limited by 40 MW, the power flow on lines 2-5, lines 6
and 7, and lines 12 and 13 in Example D2 needs to be redis-
tributed. By considering transmission limits —<40 < P, <40, the
ACOPF is calculated with losses and congestions considered.
The results of generation schedules and LMPs are shown in
Tables 8.8 and 8.9.
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Table 8.7 Power flow P, (MW) in branches without transmission limits

Fromi Tok By From:i Tok B, Fromi Tok B, Fromi Tok B,

2122 6 8§ =209 10 22 673 19 20 =246
18.78 9 9.33 iz 13 -6479 21 22 =302
14.00 10 760 12 14 951 22 24 3.68
4578 28 848 12 15 2553 23 24 6.52

16.24 10 21.15 14 15 322 25 26 3.53
25.29 11 -11.82 15 18 1036 25 27 =210
=277 10 17  -302 15 23 081 27 28 —15.34
-1697 10 20 469 16 17 12.08 27 20 6.18
4025 10 21 1455 18 19 106 27 30 1.05
29 30 37

6
6
6
19.68 & 28 6.80 12 16 1578 24 25 1.44
9
9
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Table 8.8 Market schedules considering transmission losses and
congestions

Generation Payment
schedule LMP; (LMPF, % F;)

Generator i E;; (MW-h) ($/MWh) (%)
1 40 44.32 1772.8
2 80 44.59 3567.2
5 43.954 46.79 2056.6
8 63.279 45.31 2867.2
11 18.829 45.65 850.5
13 40 38.40 1536
Total 286.06 — 12659.3

Table 8.9 LMPs ($/MWh) for all buses considering transmission losses and congestions

i LMP, i LMP; i LMP; i LMP; i LMF; i LMP,;

@ 4432 6 4554 @11 4565 16 4559 21 46.12 26 47.10
@2 4459 7 4631 12 4492 17 4579 22  46.10 27 4598
3 45.10 ®©B 4531 @13 |38.40] 18 4640 23 4632 28 4570
4 4531 9 4565 14 4560 19 4654 24 4656 29 4705
@ 4679 10 4571 15 4588 20 4636 25 4639 30 |[47.77
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The results in the tables show that the generation out-
put of generator at bus 13 is constrained to 40 MW due to
the transmission limit on the line between buses 12 and 13,
which is the only line connecting Generator 13 to the rest of
the network. The LMP at bus 13 decreases from $42.37 to
$38.40 because of congestion. Table 8.9 shows that the lowest
LMP is at bus 13. The congestion price between buses 12 and
13 is around ($44.92 — $38.40) = $6.42, assuming losses on
the line are neglectable. It shows that congestion cost is quite
huge. If a seller on bus 13 and a buyer on bus 12 sign a bilat-
eral contract, they will need to share the congestion cost. The
mechanisms of how to share the cost will be discussed in
Section 8.5.

If we compare the LMPs obtained without congestions in
Table 8.6 and LMPs obtained with congestions in Table 8.9, we
can see that LMPs are generally higher in the cases of conges-
tions, except LMP at bus 13 is lower because its energy cannot
be fully delivered due to the line congestion, and the relatively
expensive generator 5 is selected to generate more electricity,
and the LMP at 5 is high. Bus 30 and the surrounding buses are
far from those generators, they have high LMPs, which means
they need to pay more for long-distance transmission.

The results in Table 8.8 show that the total payment to sell-
ers/generators is $12,659.3, which is much higher that the pay-
ment ($12,291.2) in the case without transmission limits, as
shown in Table 8.5. Using the demand data given in Table 8.3
and the LMPs in Table 8.9, the total amount paid by the buy-
ers/consumers in the case of considering congestions is calcu-
lated as ¥, LMP, x P,,; = $13,078.9. The difference between
the amount charged to buyers and the payment to sellers is
($13,078.9 — $12.,659.3) = $419.6. This amount is due to trans-
mission congestions and transmission losses, and the major
portion is transmission congestion.

The power flow in the branch, P;, from bus ¢ to k
(i,kel, . ,N,i=#k)are listed as in Table 8.10. The lines reach-
ing the transmission upper limit 40 MW are the line between
buses 2 and 5, and the line between buses 12 and 15.

8.4.3.4 Example D4 In this example, we continue with
Example D2 (ACOPF considering losses) by adding security con-
straints and solve the AC load flow-based SCOPF market model. It
1s assumed that transmission line limits are big and no congestions
in this example for simplicity. We will focus on the effects of secu-
rity constraints and contingencies on the LMPs. The lines selected
for the N —1 contingency set are highlighted in Figure 8.7.
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Table 8.10 Power flow P, (MW) in branches for the case with transmission limits

Fromi Tok By From: Tok B, Fromi Tok B, Fromi Tok B,
1 2 19.27 6 8 =25.31 10 22 735 19 20 =532
1 3 20.73 6 9 10.22 = 12 13 —-40 21 22 =206
2 4 16.92 6 10 949 12 14 831 22 24 5.26
2 I 40 6 28 882 12 15 2066 23 24 3.58
2 6 20.59 8 28 7.91 12 16 1029 24 25 0.09
3 4 18.17 9 10 2005 14 15 204 25 26 3.53
4 6 16.84 9 11 —18.83 15 18 744 25 27 =344
4 12 1047 10 17 2.31 15 23 6.82 27 28 —16.68
5 7 —10.87 10 20 7.57 16 17 6.71 27 29 6.18
6 7 3308 10 21 15.51 18 19 419 27 30 7.05
29 30 371

26 a5 29 30
: N
23 22
137_'__
A 21
1 Y 19 v

16

RPN
ey

10

FIGURE 8.7 Highlighted contingency set for the IEEE 30-bus

system.

The results of generation schedules and LMPs for the
SCOPF market model are shown in Tables 8.11 and 8.12.

The results in Table 8.11 show that the generator at bus 11 is
scheduled as zero. The reason is that the line between buses 9
and 11 is in the contingency set and it is the only line that
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Table 8.11 Market schedules considering N—1 contingencies in
SCOPF

Generation
schedule Payment
Generator { B, (MW-h) LMEP, ($/MWh) (LMP % P;) ($)

1 40 41.81 1672.4
2 80 41.95 3356
5 45.249 47.05 2125
8 58.644 43.46 2548.7
11 0 40 0
13 65.210 42.43 2766.9
Total 289.103 - 12473

Table 8.12 LMPs ($/MWh) for all buses considering N —1 contingencies in SCOPF

i IMP i LMP, i LMP i LMP i LMP i LMP
@ 4181 6 4364 ©11 [40.00] 16 4352 21 4438 26 4522
@ 4195 7 4517 12 4243 17 4394 22 4435 27 44.16
3 4283 ©8 4346 @13 4243 18 4429 23 4416 28 43.80
4 4311 9 4388 14 4312 19 4456 24 4462 29 4520
@5 10 44 1S 4357 20 4446 25 4452 30 4591

connects Generator 11 to the rest of the network. To guarantee
that generations are enough even if the line between buses 9
and 11 is out of service, Generator 11 is not dispatched to sat-
isfy the security requirements. The relatively expensive genera-
tor at bus 5 is scheduled for more energy in the market, and the
LMP at bus 5 becomes the highest in the network. In fact, it
shows the value of Generator 5 in the system if contingencies
are considered as security constraints.

Using the demand data given in Table 8.3 and the LMPs in
Table 8.12, we can calculate the total amount paid by buyers/
consumers as ZLLMP,— x Pp; = $12,731.8. In Example D2, the
total amount paid by buyers/consumers 1s $12,291.2. The dif-
ference between them is ($12,731.8 — $12,291.2) = $440.6.
This is the cost to maintain the system security operation for
the market in case any one of the contingencies in the contin-
gency set occurs. It can be considered as the cost for security
operation. If all 41 lines are selected in the contingency set, say
N —1 operation (N = 41), the cost of maintaining the security
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operation would be higher than that in the case study in this
example, which has only 15 lines in the contingency set.

8.5 Market settlement

The spot market is cleared after the auctions in day-ahead
(DA) and hourly-ahead (HA) markets. Market participants
provide price—quantity pairs for the market auction. Sellers
offer price—quantity pairs for electricity supply. Buyers bid
price—quantity pairs for electricity consumption. In a market,
the major portion of energy is traded through long-term
bilateral contracts, forward, and futures markets, although
the hourly price for energy, which is LMP discussed here, is
determined in the spot market. In this section, we will intro-
duce how to include bilateral energy in the spot market and
how to settle long-term bilateral contracts in the spot market,
since the owners of bilateral contracts need to be respon-
sible for the losses and congestions caused by their energy
transactions.

In the market model Equations 8.3, 8.5 through 8.14 presented
in Section 8.2, the amount of energy traded through bilateral
contracts and financial markets is included in the mathematical
model. Bilateral contracts are signed for the trading of energy
(MWh or kWh) for a period. The contracted energy 1s sched-
uled to be delivered on an hourly basis during the period. The
system operator has been informed of the energy delivery with
following information: the amount of energy delivery during a
specific hour for this contract, the injection bus of the energy,
and the withdraw bus of the energy. The energy price in the
contract i1s not necessary to be disclosed to the system operator.
Same ways apply to the energy traded in other financial markets,
such as OTC, forward, and futures markets. As energy traded
through these long-term contracts are separated into hourly
based energy delivery, the quantities of the hourly-energy are
included in the spot market model, and they are presented in the
model as MWh quantities without the associated prices. This
amount of energy 1s categorized as self-scheduled energy, or
self-schedules. The quantities of self-schedules together with
the price—quantity offers and price—quantity bids are optimized
in the least-cost market dispatch model, which has been pre-
sented in Section 8.2. By solving the market model, the spot
market is cleared, and LMPs for all nodes in the spot market
are obtained. In the market clearing, self-schedules are settled
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8.5.2 Bilateral
contract
settlement

as price-takers; their energy contract prices are not in the mar-
ket clearing model. Self-scheduled energy will not be adjusted
unless the market cannot be cleared using the offers and bids.

The bilateral contracts between a seller and a buyer could be
signed years before energy delivery time. The energy price in
the contract is determined by the seller and buyer themselves.
The quantity of the energy contract is informed to the system
operator for operation purpose. When sellers and buyers nego-
tiate the details of bilateral contracts, the issues of real system
operation, such as losses and congestions, are not estimated and
included. However, in real system operation, bilateral energy
transactions in the network cause losses and even congestions
in certain time periods. The owners of bilateral contracts should
be responsible and pay for the losses and congestions result-
ing from their energy transactions. Also, the sellers and buyers
need to decide how to allocate the loss cost and congestion cost
between them.

The LMP cleared in the spot market has a loss component
and a congestion component. If a seller of a bilateral contract
injects energy into one node, in the spot market, the seller should
be paid with the LMP of this node, while if the buyer of the
contract withdraws energy from another node, the buyer should
pay with the LMP of the node in the spot market. Following
the payment mechanisms in the spot market, the loss and con-
gestion costs caused by the bilateral transaction is paid to the
market. Using LMPs of energy injection node and withdraw
node to clear the energy injected into and withdrawn from the
network makes it possible for the two parties of the transaction
to pay for the losses and congestions caused by the transac-
tion in the spot market. However, the LMPs of the two nodes
have no direct relationship with the contract price signed in the
bilateral contract. The bilateral contract could be signed years
or months before the energy delivery, while the spot market is
cleared based on offers and bids that are available hourly ahead
of the energy delivery.

In the market operation, a bilateral contract by different
parties is actually paid twice, we call double payment. Then,
the double payment is offset in the market settlement system,
or it is offset through CfD. Offsetting payments should not
eliminate the costs of losses and congestions. Only the energy
component is offset. For the loss and congestion cost caused
by the bilateral transaction, the two parties of the transaction
can determine how to allocate the cost between them. The cost
allocation can be implemented by selecting different offsetting
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methods and different reference trading hubs. The double
payment mechanism and offsetting payment methods are
illustrated in the examples in the following section.

The spot market is cleared with the optimization market model
presented in early sections of this chapter. LMPs are obtained
by solving the market clearing model. The settlement of DA
and HA spot market for market participants is straightforward.
The seller who injects energy into a node will be paid with the
LMP of the node. A buyer who consumes energy at a node will
pay the energy according to the local LMP. By following this
settlement mechanism, the losses and congestions caused by
delivering energy from and to them are paid to the market, and
the energy component payment is cleared as well.

However, settlement of a bilateral contract is a little bit more
complicated, as the two parties of the contract have a contract
price signed for the energy. They need to fulfill the contract in
addition to following the spot market settlement system. In fact,
this is also a method to hedge the risk of high spot market price.
Bilateral contracts have the similar effects as other electricity
financial tools to hedge market price risks.

In the following subsections, we will use examples to illus-
trate the settlement of bilateral contracts with several steps.

8.5.3.1 Example I: Double payment of bilateral con-
fract Assume a seller S and a buyer B have signed a bilateral
contract. The contract is to sell energy 100 MWh from node
1 to node 2 during a specific hour at a price of $50/MWh. The
contract is signed between S and B, the bilateral contract price
is between them, and it is not necessary to disclose the price to
the spot market or the operator. However, the energy 100 MWh
will be delivered through the grid and the operator is informed
of the energy quantity.

Outside the spot market, the buyer B pays the seller S
$50/MWh x 100 MWh = $5,000. Then, both of them go to the
spot market. Seller S tells the market operator that he or she
will self-schedule a power injection of 100 MWh at node 1 dur-
ing the hour. Buyer B tells the market operator that he or she
will self-schedule a power withdrawal of 100 MWh at node 2.
The quantity 100 MWh in the bilateral contract is considered
as self-scheduled energy in the spot market. All self-scheduled
energy for the hour, including bilateral contracts, electric-
ity financial contracts, and so on, are informed to the opera-
tor before the spot market. The operator runs SCOPF market
model for generation schedules, as well as obtaining LMPs for
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all nodes. The spot market clearing and LMP calculation exam-
ples have been introduced in Sections 8.3 and 8.4.

In this example, assume the LMPs obtained for node 1
and node 2 are $35MWh and $45/MWh, respectively, or
LMP, =$35/MWh and LMP; =$45/MWh. As the seller S has
self-scheduled energy injection 100 MWh at node 1, and buyer
B has self-scheduled energy withdrawal 100 MWh at node 2,
same as other market participants, they should pay or be paid
according to the nodal price. Then, in the market, S is paid at the
price LMP, =$35/MWh for the 100 MWh, which is $3,500, and
B pays at the price LMP, = $45/MWh for the 100 MWh, which is
$4.500. The payment and the money flow 1s shown in Figure 8.8.

From the money flow shown in Figure 8.8, we can see that
the buyer B has paid in total ($5,000 + $4,500) = $9,500, and
the seller S has been paid by ($5,000 + $3,500) = $8,500.
Buyer B pays twice, and seller S is paid twice. One payment is
according to their bilateral contracts, and the other payment is
according to the LMPs obtained in the spot market. So, there
is a double payment for the owners of bilateral contracts or self-
scheduled energy of financial contracts. The payment is shown
in Table 8.13.

$5,000

(53] < =0

$3,500 | $4,500
100 MWh 100 MWh

LMP, = $35/MWh @ / LMP, = $45/MWh

FIGURE 8.8 Double payment of bilateral contracts.

Table 8.13 Original payment (in $) for seller S and buyer B

Payment ($) Seller S Buyer B
Bilateral contract +$5.,000 —$5,000
Market settlement +$3.500 —$4.500

Net settlement +4$8.500 —$9.500
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There are two methods to offset the double payments in the
market. One way is to offset the double payment internally through
the market settlement system. The other way is through external
agreements, such as CfD, to settle the double payment outside the
market. The two methods will be introduced in Sections 8.5.3.2
and 8.5.3.3, respectively, followed by the examples.

8.5.3.2 Example II: Internal settlement for double payment
offsetting The double payment can be offset internally in the
market by selecting a trading hub. The trading hub can be an
independent node, say node k. The selection of trading hub can
be negotiated and determined by the seller S and buyer B. The
nodes where the seller and buyer are located, node 1 and node
2 in this example, can also be selected as the trading hub for
payment offset.

If a trading hub, node k, is selected. The LMP of node &
obtained from the market clearing is $39/MWh, as shown in
Figure 8.9. Seller S and buyer B will use LMP; =$39/MWh
to offset the double payment. Seller S will pay back
$39/MWh x100 MWh = $3,900 to buyer B. Then, the net pay-
ment after offset is shown in Table 8.14.

The net settlement in Table 8.14 shows that the buyer
pays $5,600 and the seller gets paid $4,600. The buyer pays
$600 more compared to the contract amount $5,000 and the
seller receives $400 less. The differences are the payment
for losses and congestions. The seller and buyer pay a total
$1.000 for losses and congestions. This amount is allocated to
the seller and buyer by $400 and $600, respectively, using the
LMP of hub k as the reference. In other words, the seller pays
the loss and congestion cost between node 1 and node &, and

$5,000
Seller 5 Buyer B

$3,500 $4,500
100 MWh 100 MWh

LMP, = $35fMWh LMP; = $45/MWh

LMP) = $39/MWh

FIGURE 8.9 Offset the double payment using trade hub node k.
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Table 8.14 Payment (in $) for seller S and buyer B using trade
hub node k

Payment ($) Seller S Buyer B
Bilateral contract +$5.000 —$5.000
Market settlement +$3,500 —$4.500
Hub k settlement —%$3.900 +$3.900
Net settlement +$4.600 —$5.600

the buyer pays the loss and congestion cost between node 2 and
node k. If a different trading hub is selected, the amount for
losses and congestions allocated to the seller and the buyer will
be different. So, the selection of trading hub is negotiated and
determined by the seller and buyer in the bilateral contract.

If node 2 is selected by the two parties as the trading hub, the
net payment after offset is shown in Table 8.15.

The net settlement in Table 8.15 shows that the buyer B pays
the amount $5.000 as in the bilateral contract, and the seller S
receives only $4,000. By using node 2 as the trading hub, the
loss and congestion costs are all paid by the seller S. Similar, if
node 1 is selected as the trading hub, the buyer B will pay for
all loss and congestion costs.

From earlier examples, it shows that market participants are
facing the risk of high congestion cost, even if they have bilateral
contracts to hedge the risk of high energy price. Transmission
right is developed to hedge the risk caused by transmission con-
gestions. In the example of using node k as the trading hub as
shown in Table 8.14, if the buyer B holds transmission right
from node k to node 2, it will be reimbursed the congestion
cost, which is calculated according to the congestion compo-
nents of LMP, and LMP,. Similarly, the seller S can also pur-
chase transmission right in advance to hedge the risk of high
congestion costs due to transmission congestions. The concepts

Table 8.15 Payment (in $) for seller S and buyer B using trade
hub node 2

Payment ($) Seller S Buyer B
Bilateral contract +$5.000 —$5,000
Market settlement +$3,500 —$4.500
Hub 2 settlement —$4.500 +$4.500

Net settlement +5%4.000 —$5.000




173

of transmission right will be introduced in Chapter 9, about
congestion management.

8.5.3.3 Example IlI: External settlement for double payment
offsetting Besides the market internal settlement described in
the previous section for double payment offsetting, external con-
tract can be signed to offset the double payment while allocating
the loss and congestion cost to the parties of bilateral contract.
Financial tools, such as CfD, can be used to allocate the trans-
mission payment owing to losses and congestions.

CfD payment occurs outside the market settlement system.
It allows parties a flexibility in determining the settlement price
to offset double payment. Parties may or may not link the off-
setting transaction to a market price.

For example, in the C{D contract, the parties in Figure 8.8
can decide to use the LMP of node 1 or node 2 for offset-
ting transaction. If LMP of node 1 is decided for offsetting in
CfD, seller S will need to pay $35/MWh x 100 MWh = $3,500
to buyer B outside the market after LMPs are published. The
net payment for using LMP of node 1 in CfD is shown in
Table 8.16. In this example, buyer B pays congestion and loss
costs. In this case, buyer B knows in advance that he or she
will pay for the congestion and losses in addition to the energy
payment of bilateral contract. To hedge the risk, the buyer can
purchase transmission right in advance. For example, if the dif-
ference in congestion components between LMP1 and LMP2 is
$4, the buyer B will be reimbursed by $400 for congestion rev-
enue. This hedges the risk caused by congestion but not loss
component.

Other prices not related to LMPs in the market can as well
be determined in the CfD contract. For example, if the price in
the CfD for offsetting transaction is $xy (assume xy is a number
that equals to 10x + y), the net settlement for this CfD price is

Table 8.16 Payment (in $) for seller S and buyer B using LMP of
node 1 in CfD

Payment ($) Seller S Buyer B
Bilateral contract +$5.000 —$5,000
Market settlement +$3,500 —$4.500
CfD using LMP, —$3.500 +$3.500

Net settlement +%$5.000 —$4.000
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Table 8.17 Payment (in $) for seller S and buyer B using CfD for
offsetting transactions

Payment ($) Seller § Buyer B
Bilateral contract +$5,000 —$5.000
Market settlement +4$3.500 —$4.500

CfD price $xy —x, y00 +x, y00

Net settlement +$8,500—x, y0O —$9,500+x, y0O

shown in Table 8.17. The two parties can determine the CfD
price $xy outside the market.

8.54 Contract In the previous section, examples are given for settlement of
that is not bilateral contracts. In the examples, the seller owns generators
resource and injects contracted energy to the grid. In an electricity mar-
specific ket, it is possible that the parties of a bilateral contract do not

actually inject energy into or withdraw energy from the grid.
Contracts of this type are not resource specific, such as forward
contracts and other electricity financial contracts. This type of
contract provides possibilities for sellers with and without gen-
eration resources to speculate in the market.

In the examples of the previous section, the seller generates
100 MWh of contracted energy and injects into the grid. In the
spot market, the seller 1s paid at the price $35/MWh, which
is the LMP of node 1. It is possible that the production cost
of the generator is $43/MWh. Although LMP is lower than its
production cost, the seller hedged the risk by signing bilateral
contract. From this viewpoint, the seller can purchase energy
from spot market at a price $35/MWh instead of generating at a
cost of $43/MWh to fulfill the energy contract. So, sellers with
generation resources can maximize their benefits by bidding in
the spot market and only run their units when prices are high
enough to be profitable.

We use Example II (node k as trading hub) and the results in
Table 8.14 and Figure 8.9 to illustrate the profit of seller S if the
contract is not required with specific resources. The results are
shown 1n Table 8.18. In rows 25 of the table, the net payment
from the bilateral contract and market is given. The produc-
tion cost of the seller is shown in row 6. The production cost is
calculated as $43/MWh x 100 MWh = $4,300. The profit of the
seller from the transaction is $300.

As the production cost is high, the seller S can bid in the
spot market to purchase 100 MW from the market for the hour.
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Table 8.18 Profit (in $) for contract without specific resource

using trading hub node k

Payment ($) Seller S Buyer B
Bilateral contract +$5.000 —$5.000
Market settlement +$3,500 —$4.500
Hub £ settlement —%$3.900 +$3.900
Net settlement +$4.600 —$5.600
Production cost —$4.300

Profit $300

Table 8.19 Profit (in $) for contract without specific resource
(no generation)

Payment ($) Seller S Buyer B
Bilateral contract +4$5,000 —$5.000
Market settlement 0 —$4,500
Hub k settlement —$3.900 +$3.900
Net settlement +$1.100 —$5.600
Production cost 0

Profit $1,100

The self-scheduled 100 MWh injection and the purchase of
100 MWh at node 1 result in a zero injection at the node from the
seller S. The seller does not need to generate electricity for the
hour in this case. The profit of the seller is shown in Table 8.19.
The result shows that the profit is $1,100, which is much higher
than the results in Table 8.18, if the seller generates 100 MWh.

From the examples shown in Tables 8.18 and 8.19, we can
see that even if the seller does not own generating units or the
buyer does not actually consume energy, it is possible for them
to have bilateral contracts or forward contracts. They can sell or
purchase energy through long-term contracts and then buy back
or sell in the spot market. Loss and congestion charges will be
allocated to them according to the loss component and conges-
tion component of LMPs.

8.6 Uniform zonal price-based market model
Uniform zonal pricing is the other commonly used pricing mech-

anism besides nodal pricing. Most ISOs in the United States adopt
nodal pricing mechanism with a bid-based SCUC or SCOPF
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for spot market settlement. SCUC and SCOPF have been tra-
ditionally used in the United States for generation scheduling
since centralized dispatch. It is straightforward to use SCUC
and SCOPF and obtain nodal prices by calculating the cost
sensitivity to each node. Loss components in LMPs usually are
not big. If there is no congestion in the system, the values of
nodal prices are close. Serious congestions could result in a big
difference between LMPs. Nodal prices of a local area are usu-
ally similar unless a congestion occurs. For some systems, there
are seldom congestions within a local zone, and nodal prices in
the zone are similar most of time. It is possible to ignore losses
and use one price for the zone to represent the prices of nodes
in the zone. This is more or less similar to the concept of energy
component of LMP. The pricing mechanism is called zonal
pricing. Zonal price-based market model has been adopted
by many systems, especially for systems with clear transmis-
sion paths between zones while the transmission is single in
direction and forecastable most of the time. The system could
be divided into zones based on frequently congested tie lines.
One of the criterion to determine zones is that usually there is
no congestion within the zone. Nordic electricity markets and
European electricity markets adopted zonal price-based mar-
ket model. For example, Nordic countries have plenty of hydro
power in the North, and 99% of power generation in Norway is
from hydro. Power is transmitted from areas with high percent-
age of hydro power (e.g., Norway and the North) to load centers
in the South. Power transmissions are in single directions, and
congestions occur only on some tie lines. Price zones are sepa-
rated on the basis of frequently congested lines. For example,
in current Nordic market, there are five price zones in Norway,
four price zones in Sweden, one price zone in Finland, and two
price zones in Denmark.

The zonal price settled for a zone is obtained usually using uni-
form market price. Uniform market pricing is to set the offer
price of the last selected seller as the market price. All selected
sellers will be paid with the uniform price, although their offer
prices are lower than the price. If the system demand is elastic,
buyers in the market bid for energy consumption. The uniform
market price will be the intersection point of the supply curve
and the demand curve. The market price 1s set as the offer price
of the last selected seller and the bid price of the last selected
buyer, although offer prices are lower than the uniform price
and bid prices are higher than the uniform price, as shown in
Figure 8.10.
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FIGURE 8.10 Market settlement with the uniform price.

The figure shows a simplified way to obtain uniform price.
The sellers provide offer price—quantity pairs to the operator,
and the buyers provide bid price—quantity pairs to the opera-
tor. Offer prices are ranked with an ascendant sequence and
bid prices are ranked with a descendant sequence. Here, losses
are ignored. It is possible to consider losses using correction
factors when deciding the merit order. The intersection point
determines the uniform market price. In the figure, the mar-
ket price 1s p. For a seller 7, its offer—quantity pair 1s the price
offer; and quantity Fg;. In fact, the market price p paid to the
seller is higher than its offer price offer;. The seller receives an
amount (p—offen )-Pg,- more than his expectation. The amount
(p—offer; )- B; is shown as the shaded area in Figure 8.10. For
a buyer k, its bid—quantity pair is price bid, and quantity Ppy.
The buyer pays market price p, which is lower than his or her
bid price bid,. The buyer pays an amount (bid; —p)- Py less
than his or her bid. The amount (bid; —p): Py is shown as the
shaded area in Figure 8.10.

The mechanism of uniform price was proposed and applied
as early as in the power pool era. The purpose to pay with uni-
form price instead of pay-as-bid is to guarantee fairness in the
auction process. Assume that a market clearing mechanism 1s
designed as pay-as-bid, market participants would maximize
their benefits in the auction, then sellers will try to offer as high
as possible and buyers will try to bid as low as possible, as
long as they can be selected by the market. Thus, the market is
distorted, and the auction prices can hardly reflect the cost of
generation. To encourage honest auction of actual cost, uniform
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pricing is designed. With this market clearing mechanism, sell-
ers will be anyway paid with the highest selected offer price, so
sellers have incentives to offer their prices as low as possible to
be selected. However, a seller’s offer will not be lower than the
generation cost, thus to be sure that the profit will not be nega-
tive in case the offer is the last selected price and will be set as
the market price. For similar reasons, buyers will bid as high as
possible to show the actual values they can pay for purchasing
the energy. After market clearing, they will pay at the uniform
market price that is lower than their bids. In a market with uni-
form pricing, if the number of market participants is big enough
(less market power), it is ok to assume that market participants
would bid at their costs.

8.6.2.1 Potential price zones To apply zonal pricing, the
first step is to have potential price zones. In the time period
of light load, there is no congestion in the system, the whole
system is a price zone with one uniform price. The price can
be obtained using the method described in Section 8.6.1. If
there are congestions during the time periods of heavy load,
the system is separated into zones according to congested tie
lines. At the stage of market design, the system operator and the
regulator decide several potential price zones. The separation
of price zones is based on frequently congested transmission
corridors in the history. The lines that have congestion poten-
tials connect two price zones. The reason we call them potential
price zones is that the price zones are separated and visible only
if there are congestions between zones. If there is no conges-
tion, we do not see zones in the market. The zone separation is
shown in Figure 8.11.

Electric energy is transmitted from the North to the South
most of the time in the power system of Figure 8.11. For
example, if generation cost in the North is cheaper than in
the South, and there are more demands in the South (load
center), buyers in the South would like to purchase energy
from the North, which results in a large amount of energy
being transmitted from the North to the South through the
transmission corridors shown in the figure. For some scenar-
108, transmission lines of the transmission corridors could be
overloaded by the transactions from the North to the South.
The system is marked with three potential price zones, A, B,
and C, as shown in Figure 8.11a. The criterion of separating
the potential zones is that power flow in transmission lines
between A and B and lines between B and C could reach
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FIGURE 8.11 (a) Potential price zones, (b) no congestion, and (c) price zones separated
for congestions.

their transmission capacities. The zones are potential zones
(not visible unless congestion occurs).

8.6.2.2 Zonal price clearing 1f the transactions in the
market during a time period do not result in any overloading (or
congestions) between lines, the price zone of the system 1s set
as one zone, as shown in Figure 8.11b. The whole system has
one uniform price, which is obtained as the intersection point
of the offer curve and the bid curve. The offer—quantity pairs
from all sellers form the offer curve. The bid—quantity pairs
from all buyers form the bid curve. Similar to the nodal pric-
ing model, bilateral contracts are regarded as self-scheduled
energy, as price-takers, in the uniform market price clearing.
If the transactions, including bilateral contracts, forward,
futures, and sport market, result in transmission overloading of
the tie lines between potential Zones B and C, the system is sep-
arated into two zones. The border is shown in Figure 8.11c. In
this case, potential Zones A and B are combined into one price
zone, Zone AB, potential Zone C forms the other price zone,
Zone C. The power flow in the tie line across the border of two
price zones is limited by the line capacity. Each price zone has
its own zonal price. In Zone AB, all sellers’ offers in Zone AB
form the offer curve. All buyers’ bids plus the power transmitted
to Zone C through the tie line form the demand curve. The zonal
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price for Zone AB is obtained by the intersection point of the
supply curve and the demand curve of Zone AB. In Zone C, all
sellers’ offers plus the power transmitted into Zone C through
the tie line form the supply curve. All buyers’ bids in Zone C
form the bid curve. The zonal price for Zone C is obtained by
the intersection point of the supply curve and the demand curve
of Zone C. Similar to the nodal pricing market clearing, bilat-
eral contracts here are regarded as self-scheduled energy and
are price-takers in the uniform market price clearing. The power
transmitted in the tie line, which is limited by the transmission
capacity, is also price-takers in the clearing model.

Owing to the transmission limits between two price zones,
certain amount of cheap electricity in Zone AB cannot be trans-
mitted to Zone C (the load center), and expensive generators in
Zone C need to be scheduled to supply electricity demand. So,
the zonal price of Zone C is more expensive than the zonal
price of Zone AB. Uniform price clearing for the system price
(without congestion) and for the zonal prices (with congestions)
is shown in Figures 8.12 and 8.13, respectively.

Price

Price Price

p zonel

Zone AR MWh ZoneC MWh

FIGURE 8.13 Zonal price (with congestions and price zone separation).
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Zonal pricing-based market design is a simple market model.
The market price is determined by simplified merit orders
of sellers and buyers. Prices are calculated according to
zones. Market participants in one zone have the same price.
Combination of price zones and the price differences between
zones depend on security check and congestion management.
In the market, long-term bilateral contracts and OTC contracts
are still dominant. The market clearing includes the quantities
of these long-term contracts. Zonal prices reflect congestion
charges. Here, we introduce the operation procedure of a zonal
pricing-based market.

Long-term contracts dominate energy transactions in most
electricity markets. Long-term energy transactions are signed
between two market participants, which are independent of the
system operator. The contracts are signed as bilateral contracts,
or signed in the OTC market. Once a long-term contract has
been signed, the system operator is informed of the time and
the energy quantity of the transaction, while the contract price
is not necessarily disclosed. A preliminary security check will
be implemented by the system operator to ensure the bilateral
transaction satisfies operation requirements. In the spot mar-
ket, sellers and buyers bid in the market with quantity—price
pairs. The system operator accumulates all offer pairs and bid
pairs and include quantities of long-term contracts in the sup-
ply and demand curve for clearing, as shown in Figure 8.14.
The energy signed in the long-term contracts is considered as
self-scheduled energy in the spot market clearing. They are
price-takers in the spot market, which is settled as described
in Section 8.6.2.2. The uniform system price settlement shown
in Figure 8.12 is adjusted as shown in Figure 8.14 for including
the amount of energy in long-term contracts. Once the market
is cleared, the generations from sellers and the consumptions

Price

P system

Self-scheduled' MWh
energy

FIGURE 8.14 Uniform system price settlement with self-scheduled
energy.
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of buyers are obtained. The cleared price is the system price.
Then, the system operator will do security check. All genera-
tions and consumptions selected in the spot market and signed
in long-term contracts are input in the real network simula-
tion model. The system operator runs power flow and checks
if any line is overloaded. If no line is overloaded, the system is
settled with the obtained system price. The whole system has
one price for the hour. If tie lines between potential price zones
are overloaded and congested, the system will be divided into
zones accordingly. Zonal prices are obtained as suitable for
Section 8.6.2.2 and Figure 8.13. Similar to in Figure 8.14, the
adjustment due to self-scheduled energy as applied to zonal
price settlements is also described in Figure 8.13.

In the market, congestions result in different zonal prices for
neighboring two zones linked by the congested line. Congestion
charge is calculated as the product of zonal price difference
and transmitted power. If the seller and the buyer of a bilateral
contract are located in different price zones, they need to share
the congestion charge caused by the transaction. The conges-
tion charge is shared by two parties of the transaction. A com-
mon way to allocate the congestion charge is to sign a CfD to
determine the allocation of congestion cost as a supplementary
agreement when the bilateral energy contract is signed.

The energy traded in each hour is composed of long-term
transactions and spot market transactions. We use Figure 8.15
to illustrate an example of energy transactions for a 24-hour
time period.

Figure 8.15 shows that long-term bilateral contracts and
other self-scheduled energy form the fundamental electric

Actual
MW load

Spot transactions

NN

Bilateral contracts and
self-scheduled energy

1 9 12 19 24 Hour

FIGURE 8.15 An example of energy transactions for 24-hour
time periods.
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energy supply. Hourly energy transactions are traded in the spot
market and determine the hourly spot market price. However,
the hourly-ahead schedule deviates from real-time demand.
The actual load curve is shown in this figure. The differences
between the hourly-ahead energy schedule and the real-time
actual load are compensated in the balancing market run by the
transmission system operator (TSO), which will be introduced
in Chapter 10 about ancillary services.

In a zonal price-based market, energy is traded in the spot
market, OTC market, and bilateral transactions. Transmission
companies provide transmission services to market partici-
pants. Transmission companies do not get paid directly from
the market except congestion charges if congestion occurs. In
the market design, market participants pay transmission fees
to the transmission company according to their locations, grid-
connection points, voltage levels, and so on. The design of
transmission tariff will be introduced in Chapter 9.

Uniform zonal price-based electricity market has a simple
market design. Frequency regulation, balancing, and reserves
are considered in a separate market from energy market.
Transmission tariffs are charged separately. The market
clearing is simple by applying uniform pricing mechanisms.
Congestion is managed by separating price zones. In the market
design, defining potential price zones (or congestion tie lines)
is critical. Well-designed price zones are the basis of successful
market operations. The zones are usually determined according
to the topology of the network, typical load flow, and experi-
ences from practical system operations.

8.7 Nodal pricing versus zonal pricing

In this chapter, we have introduced nodal pricing-based market
and zonal pricing-based market. They are the major types of
market designs in the world applied in different power systems.
There is no standard answer about which type of market is
better. When system operators decide to adopt nodal pricing
or zonal pricing, they should select and apply the one that fits
their systems. There are several considerations when making
decisions. System operators need to consider if the network
1s a meshed network or a system with long distance transmis-
sion corridors, whether the system has frequent congestions, as
well as the power flow directions of congested lines. Besides,
it also depends on the existing dispatch method, for example,
centralized dispatch or decentralized dispatch, and whether the
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dispatch is security-constrained dispatch already. Market power
in the network is also a factor for consideration.

There is no standard answer of which market design is most
suitable to a power system without testing. Both nodal and
zonal pricing could succeed or fail in a system. The power
industry has learned from practical lessons. For example, PIM
adopted zonal pricing-based market model before 1997, but it
experienced a collapse of zonal pricing when some generators
self-schedule themselves to constrained/congest transmission
lines. In 1998, PIM changed to nodal pricing-based mar-
ket and eliminated the market power of gaming the security
constraints. The ISOs in the United States, PIM, ISO New
England, New York ISO, and the market of New Zealand use
nodal price-based market. It is straightforward that they use
transmission right for congestion management and transmis-
sion charges. The concepts of transmission rights will be intro-
duced in Chapter 9.

In Australia and Nordic countries, price difference is small
within congestion zones, and congestions occur mainly on the
interconnection tie lines. Australia market and Nord Pool use
zonal pricing for market design and congestion management.
Their systems have some common characteristics. For exam-
ple, there is less congestion within a zone, and the nodal prices
within a zone are very close; congestions occur only on certain
tie lines; power flow directions on the tie lines are fixed most
of the time.

8.8 Summary

Electricity market models and electricity pricing mecha-
nisms are introduced in this chapter. Two common pricing
mechanisms, nodal pricing and zonal pricing, and their
market operations are illustrated in the chapter. Mathematical
models of nodal pricing-based electricity market as well as
the procurement of locational marginal prices are presented
and derived. Central dispatch-based SCOPF market model
1s formulated. Locational marginal price formulations are
derived from the market model. Examples are provided
to explain market settlement procedures, as well as how
to obtain market prices for both nodal price-based market
and zonal price-based market. This chapter provides a clear
description of electricity market models and their mathemat-
ical formulations, which are the basis for further research in
electricity market.



CHAPTER NINE

Congestion management
and transmission tariff

9.1 Introduction

Electricity is transmitted through transmission network. Energy
transactions are implemented only if the energy can be deliv-
ered from generators to customers. Transmission availability is
the necessary condition for energy trading. Market operation
1s subject to transmission availability. If electricity can be dis-
tributed freely in a network, the marginal value of electricity
at any location in the network equals to the system marginal
price, which is obtained as the intersection point of offer curve
and bid curve. However, power flow in the network is restricted
by physical laws and network parameters. Power grid topology
and line impedances determine power flow in each line. Due to
security operation requirement, power flow in each line should
be controlled under the line transmission capacity limit. When
market participants sign long-term contracts and submit price—
quantity pairs in the spot market, they do not consider available
transmission capacities or system security. The system opera-
tor does system security check in the day-ahead spot market,
and guarantee market transactions fulfill transmission limits
and other security limits. For example, in nodal price-based
market, security-constrained optimal power flow or security-
constrained unit commitment (UC) is run for day-ahead spot
market clearing and generation scheduling. In zonal price-based
market, security check is implemented in market clearing to
ensure no transmission line is overloaded. To manage transmis-
sion constraint violations, price zones are separated and zonal
prices are cleared within price zones. In both types of markets,

185



186

9b2.1

9.2.2

Transmis-
sion con-
gestion

Congestion
manage-
ment and
conges-
tion charge

it shows that price differences reflect transmission congestions
and constrained line limits. The price at the sending end of a
constrained line is lower than the price at the receiving end.
Congestion management is an important part of electricity mar-
ket operation for satisfying system operation requirements. In
this chapter, we will first introduce congestion management in
both nodal price market and zonal price market. Then, we will
introduce transmission charges in different types of markets for
economic compensations to transmission services provided by
transmission companies.

9.2 Congestion management

Transmission congestion and congestion management are new
terms after power systems moved to market operation. In tradi-
tional power system operation, system security and reliability
are the major considerations in generation scheduling. Security
analysis and stability analysis are implemented in the energy
management system. In electricity market operations, the mar-
ket operator runs the market according to long-term electric-
ity trading agreements and auctions in the spot market. Market
participants are independent and not responsible for system
security operation. Their auctions and transaction agreements
submitted to the market operator do not have any security con-
siderations. Simply aggregating the auctions and transactions
may result in operation issues, for example, overloading of
power lines, and so on. It is necessary to implement security
check and manually intervene the market clearing to ensure
that the market operation and generation schedule will not lead
to any transmission line overloading or transmission conges-
tions. In electricity market, it is called congestion management.
Congestion management is a way to adjust market schedules
to satisfy power system operation requirements. The system
operation constraints enforced on the market operation usually
result in additional costs compared to a market without system
operation constraints. The additional cost is congestion cost.

In most electricity market designs, transmission constraints
and security operation requirements have been considered in
the market clearing. The profile of spot market prices for 1 hour
reflects transmission congestions in the market. If the market
transactions do not cause congestions, in the zonal pricing-
based market, the whole market has a uniform system price and
there are no separated price zones; in the nodal pricing-based
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market, nodal prices would be the same and equal to the sys-
tem marginal price, if losses are ignored. Given an economic
definition, in the market, the path from A to B is congested
if electricity price at B is greater than the electricity price at
A. The economic definition applies to both zonal pricing and
nodal pricing markets.

Congestion cost is evaluated according to the differences of
two nodes or two zones. The bilateral contract holders located
at two different nodes/zones share the congestion cost allocated
to the transaction, which is the price differences of the two
nodes/zones. The presence of transmission line capacity con-
straints leads to higher marginal cost. Market participants pay
more if congestions occur in the network. Congestion manage-
ment is necessary for the market operation and the allocation
of congestion costs.

There are two methods for congestion management:
locational/zonal pricing and transmission right. Locational
pricing/zonal pricing for spot energy is the market approach to
short-term congestion management. Transmission right is the
long-term financial method for congestion management.

Locational (or nodal) pricing and zonal pricing have been
introduced in Chapter 8. The transactions leading to transmis-
sion congestions and greater price differences between source
and sink nodes are responsible for higher congestion costs.
Congestion charges to market participants provide them eco-
nomic incentives to adjust their transactions that lead to conges-
tions. Locational price and its congestion component are market
signals of transmission congestions. In a short-run, locational
pricing and market settlement provide market approaches for
congestion management. This has been introduced in Chapter 8
with the market models.

9.3 Transmission right

Transmission rights are financial methods for long-term
congestion management for a nodal pricing-based market.
Transmission rights are traded in a separated market from
energy market. Fundamentally, transmission right is a financial
tool to hedge the risk of transmission congestion. Sellers and
buyers need to own transmission rights if they plan to transmit
energy from one node to the other node. The economic basis
of transmission right is the price difference between the loca-
tions of seller (node i) and buyer (node j). For example, if the
price difference between two nodes is estimated to be A);; per
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MWh, the buyer at j may like to pay the amount A%;; to buy the
transmission right for buying power from /. Similarly, the seller
may also like to pay a certain amount to buy the transmission
right for selling power to node j. Moreover, transmission rights
are financial tools; the owner of a transmission right can use it
or make profit from it.

There are different types of transmission rights designed in
financial markets. Here, we introduce several common trans-
mission rights: physical transmission right, FTR, power flow-
based flow-gate right, and TCC.

Physical transmission right is a practical method for con-
gestion management. It is a supplement to locational pricing
1n managing transmission congestions. The holders of physical
transmission rights have the right to inject a certain amount of
energy at node i and withdraw the energy at node j. Physical
transmission rights allocate the rights for holders of utiliz-
ing the transmission capacities between nodes. Once physical
transmission rights are purchased, the owners are guaranteed
to be scheduled to utilize the right for power transmission on
the line between the nodes. The transmission rights are used
and exercised physically by the holders in the market operation.
Another similar transmission right is transmission congestion
contract (TCC), which defines and allocates transmission rights
from point to point.

Different from physical transmission right, financial trans-
mission right (FTR) is a financial instrument. The holders
of FTRs are guaranteed the financial equivalent of using the
transmission right, but not necessarily the use of the capacities
of physical lines. Moreover, the value of FTR is independent of
the actual power flow on the line. It depends on the transmis-
sion congestion in the network and the severity of congestion.
FTRs are traded in a separate market from the energy market.
The purpose of purchasing FTR is to use financial instrument
to hedge the risk of high locational marginal prices (LMPs)
raised by transmission congestions between nodes. Buyers and
sellers in the energy market can buy FTRs in advance to hedge
risks of prices and congestions. As a financial tool, FTRs are
not compulsory for the owners to use; they can trade FTRs and
make profits from them.

Flow-gate right (FGR) 1s a power How-based transmission
right. It is commonly used in locational pricing-based electric-
ity markets. The design of FGR is to the maximum extend to
match the actual power flow. However, given a complicated
power network, it is not easy to allocate transmission rights to
lines, just like it is not straightforward to allocate system losses
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to power transactions. Sensitivity analysis and power trans-
mission distribution factor (PTDF) are traditionally used for
the loss allocation. Similar methods are applied in flow-gate-
based transmission rights. PTDF of DC load flow can be used
to define the flow-gate transmission right to match the power
flow. Furthermore, key flow gates are introduced in advance to
forecast the path that congestion may occur. FGR is power flow
based, and its design is more close to that of the physical power
flow. It is straightforward to apply FGRs in electricity market.
Here, we make simple comparisons between FTR and FGR.

» FTR is defined as point-to-point transmission right; FGR
1s path-based transmission right.

« FTR is centralized dispatch-based transmission right;
FGR is distributed and it is decentralized dispatch-based
transmission right.

» Being a point-to-point transmission right, FTR could be
negative, while FGR can only be positive since it is path
based.

» FTR 1s given indirectly and settled after energy transac-
tions and LMPs are cleared; FGR 1is given directly and
settled in advance.

» Design of FGR is more complicated than that of FTR,
while FGR has better market fluidity than FTR.

9.4 Transmission tariff

In deregulated power systems, transmission networks are
owned by transmission companies. Generation companies
are independent of transmission network. Transmission com-
panies provide transmission services to the market for energy
delivery. Transmission companies should be compensated for
providing the services. In energy markets, sellers and buyers
are settled for their energy transactions. Transmission costs
are not included in the bilateral contracts or market auctions.
Transmission companies recover their costs for energy delivery
outside energy markets. There are several ways for charging
transmission fees, for example, transmission tariff, congestion
revenues, transmission rights, and so on.

To open the electricity market to all participants, open
access of transmission and distribution network is a must.
All market participants should be able to connect to the grid
and trade energy through the grid without any entry barriers.
Transmission and distribution tariffs are designed in parallel
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to electricity market design to ensure market participants
are able to choose their counterparties freely in the network.
Design of transmission tariff differs in different systems. Two
common transmission tariffs are point-to-connection tariff
and channel tariff. Channel tariff is a straightforward method
for transmission charging. Transmission fee is charged on
the basis of the actual transmission cost between two points.
Similar to flow-gate-based transmission right, it is compli-
cated to allocate transmission cost to a path. Compared to
channel-based transmission tariff, point-to-connection tariff
is simpler and makes it easier for customers to access the
market. Point-to-connection tariff is a uniform payment for
utilization of transmission grid regardless of transmission
path and distance. Market participants at the same voltage
level within an area pay the same transmission tariff. Point-
to-connection tariff is beneficial to market open access.
Market participants are able to know their transmission costs
before signing energy transactions or bidding in the market.
While the transmission cost for a market participant does not
depend on the location of the counter party of the transaction.
It is simpler for market participants to utilize the network for
energy trading.

For most point-to-connection tariffs currently applied in
electricity markets, different rates are applied for injecting
power into the grid and withdrawing power from the grid. The
rates may also depend on the geographic locations, which relate
to the energy adequacy of the area. For example, if power is
transported from the source area with sufficient power gen-
erations to the sink area, which is load center, the rate for a
generator to connect from the source area is higher than that
to connect from the sink area, which encourages new genera-
tions connecting to load centers. On the contrary, the rate for
a load connecting to the load center is higher than a load con-
necting in the source area, which discourages additional elec-
tricity demand in the heavy load area. In some markets, sellers
and buyers are charged for different point connection tariffs.
Transmission and distribution (T&D) tariff areas are formed
according to demand/buyer side, and generation/seller side,
individually. The T&D tariff areas designed for buyers and sell-
ers could look totally different in a map. A market participant is
charged T&D tariff according to which tariff area it is located
in the buyer’s tariff area map if it purchases energy from the
grid. If the market participant sells energy to the grid, it is
charged T&D tariff according to which tariff area it is located
in the seller’s tariff area map.
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